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Edwardsport Integrated Gasification Combined Cycle
Power Station

Front End Engineering and Design Study Report

The December 13, 2006, Prehearing Conference Order of the Indiana Utility
Regulatory Commission (“Commission”) in Cause No. 43114 provided for Duke
Energy Indiana, Inc. (“Duke Energy Indiana”) and Southern Indiana Gas and Electric
Company d/b/a Vectren Energy Delivery of Indiana, Inc. (“Vectren”), as Joint
Petitioners, to file their Front End Engineering and Design ("FEED") Study for the
integrated gasification combined cycle (“IGCC”) project at Duke Energy Indiana’s
Edwardsport Generating Station (“Project” or “Edwardsport Project”) on or before
April 2, 2007. This report of the FEED Study (“Report”) summarizes the results of
thousands of pages of engineering drawings, calculations, and analyses produced as
a part of the Edwardsport IGCC FEED Study. These details are available to the
Commission and the parties to this proceeding, subject to appropriate protection of
proprietary confidential information.

EXECUTIVE SUMMARY

The primary purpose of the FEED Study was to examine IGCC technology as a
potential base load electric generating option for the Duke Energy Indiana system
and to develop the required information to produce a more definitive cost basis for
the Project, a Project execution schedule and performance characteristics for the
Project, together with a revised Project Scope Book, which will serve as the
technical specifications for the Project. The Table of Contents of the Project
Scope Book is attached as Exhibit A. The Project Scope Book consists of eight large
binders and is available for review upon request by the parties to Cause No. 43114
and to the Commission, subject to appropriate confidentiality protection. Although
some additional work remains, we have reached the following conclusions:

e The Project is technically feasible and commercially reasonable. The
IGCC technology developed to meet Duke Energy Indiana objectives
under the GE/Bechtel Alliance' work performed in association with this
study represents a product that will deliver 630 megawatts of reliable

! Any reference to the “GE Bechtel IGCC Alliance” or the “Alliance” is a reference to the business
arrangement established between the General Electric Compariy, by and through its GE Energy business,
and Bechtel Corporation pursuant to the terms of the Alliance Agreement entered into between the parties,
and does not signify a joint venture, partnership or any separate legal entity.
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“ powerwuthsupenorenwronmental péffdrmahcé at a thermal efficiency
equal to or better than supercritical pulverized coal technology.

e As expected, the IGCC process carries a capital cost premium over other
technologies. The recent run-up in commodity pricing and competition
for engineered products and labor has caused an increase in the
estimated Project cost. The expected cost of the Project is
approximately $1.985 billion, including future escalation of 4% per year.
This represents a capital cost approximately 5.2% higher than the high
range of Duke Energy Indiana’s capital cost estimate included in Joint
Petitioners’ October 2006 pre-filed testimony. This estimate is within
the cost estimate range referenced in Joint Petitioners’ pre-filed
testimony based on an Electric Power Research Institute estimate for a
similarly sized IGCC plant. Duke Energy Indiana believes that the
escalating material and labor costs included in this more definitive
estimate will also impact other power plant technologies.

e  The Feasibility Study estimated that the cost of an IGCC plant would be
10% to 15% higher than a conventional pulverized coal project. In order
to decrease the IGCC lifecycle cost, Duke Energy Indiana successfully
worked with state and local governmental entities to develop financial
incentives for the Project (currently estimated at over $300 million) and
also applied for Federal tax incentives available under Section 48A of the
Energy Policy Act of 2005. The Edwardsport Project was one of two

* projects nationwide to be awarded a $133.5 million Federal investment
tax credit provided that the Project is constructed within the required
time frame. The value of the local, state and federal incentives is not
taken into account in the cost estimates included in this Report.

e The FEED Study provided a detailed level 3 Project schedule. This
schedule provides a substantial completion date 47 months after full
notice to proceed. It is very important to both Vectren and Duke Energy
Indiana that this Project attain commercial operation to support summer
2011 base load needs. However, the current schedule assumes a full
notice to proceed on November 1, 2007 with a projected commercial
operation date (“COD”) of October 2011. The Alliance has provided an
alternate schedule that pulls the power block activities forward in the
schedule and expedites engineering if the appropriate vendor
information can be provided. Duke Energy indiana will attempt to obtain -

- the required information by working with GE and targeted vendors to
develop the data with a minimum of capital investment. The earlier
'schedule is aggressive and relies heavily on the availability of this vendor
data and assumptions identified on the alternate schedute. The
milestone schedules are attached as Exhibits B-1 and B-2.
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o The Edwardsport Project will be carbon capture ready. The general site
arrangement will include space for future carbon capture equipment.
However, no additional gasification plant capacity has been added to the
design to account for future derating of the plant capacity when carbon
capture is required.

o A lump sum turn key contract approach is not the best option or even a
viable option for this Project. Price and labor volatility, together with
the uncertainty around the full notice to proceed date require
extraordinary contingency amounts to be added to the price by any
general contractor that would offer a lump sum turn key price, including
GE and Bechtel. The contract approach upon which the FEED Study
Project cost is estimated represents a blend of cost reimbursable, target
cost, and lump sum pricing, with Duke Energy Indiana managing the
Project, similar to Duke Energy Indiana’s contracting approach on other
major construction projects.

DESCRIPTION OF THE FEED STUDY PROJECT

Although the Edwardsport IGCC Feasibility Study in 2005 determined that there
were no "fatal flaws" to constructing and operating an IGCC plant at the
Edwardsport site, additional information was required to develop more definitive
cost, schedule and performance estimates in order to determine whether it would
be reasonable to continue with the Edwardsport Project. Due to the successful but
limited nature of commercial experience with IGCC technology, considerable front
end engineering was required in order to assess the cost and capabilities of an IGCC
plant located at the Edwardsport site. Duke Energy Indiana selected the General
Electric Company ("GE")/ Bechtel Corporation (“Bechtel”) Alliance ("Alliance”) to
perform engineering services required to develop this information using the GE
Gasification technology. Duke Energy Indiana also arranged for additional services
by various agencies, consultants and suppliers in order to provide site specific data
required by the Alliance and required by Duke Energy Indiana for the portions of
the Project beyond the scope of the Alliance. Duke Energy Indiana managed the
activities comprising the overall FEED Study using 11 full time and over 15 part time
employees contributing approximately 30,000 man-hours to the Project. |In
addition to in-house expertise, Duke Energy Indiana retained MPR and Associates
and Energy Resource Consultancy International LLC to provide “Owner’s Engineer”
services to assist with evaluation of chemical process engineering and gasification
technology issues. Vectren shared a portion of the study costs and has an option
for a 20% joint ownership should the Project be approved and constructed.

Edwardsport IGCC FEED Study Report
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Time is important to Duke Energy Indiana and Vectren, as additional capacity is
needed by 2011. Because of the need for commercial operation by Summer 2011,
applications for the air permit and Midwest Independent Transmission System
Operator, Inc. (“Midwest I1SO”) interconnection were developed using preliminary
data, which will be updated as appropriate. Duke Energy Indiana has also obtained
voluntary purchase option agreements from land owners adjacent to the current
Edwardsport Generating Station for the necessary land to construct the Project.

The FEED Study work consisted of three specific areas of focus performed by Duke
Energy Indiana, GE and Bechtel. First, in addition to managing the study, Duke
Energy Indiana performed evaluation work involving the Edwardsport site, such as
basic utilities development, and estimating the cost of work to be performed or
provided by the Project owner(s). Second, GE, as the technology owner, developed
the base reference design using input from Duke Energy Indiana and other
customers working on similar projects. Third, starting with the base design,
including a process design package and estimated plant performance parameters,
Bechtel produced high to mid-level engineering drawings, calculations and
evaluations from which to estimate the cost of the Project. This Report provides
information on the scope of work conducted by all three companies, beginning with
Duke Energy Indiana.

DUKE ENERGY INDIANA SCOPE

UNDERGROUND MINE MITIGATION - Duke Energy Indiana has long been aware of
old underground mining in the Edwardsport vicinity. Duke Energy Indiana retained
GAI Consultants ("GAI") to perform an evaluation of the underground mine area
using underground radar and electronic imaging techniques to verify the location
and depth of the mine workings. GAl determined that the mined areas can be
sufficiently mitigated to allow construction of the IGCC plant over the mine areas.
GAl has provided estimated costs, quantities of fill material, methods for
placement and is currently preparing specifications for performing the mine
grouting work.

GAS LINE INVESTIGATION - The 1GCC plant will require a supply of natural gas for
startup and to provide a backup fuel source. This line will connect with Midwestern
Gas Transmission Company approximately five miles from the Edwardsport site.
Using data developed during the FEED Study Vectren has provided a cost estimate
for the gas line and required pressure reduction and metering station equipments.

LAND FILL SITING STUDY - ATC Associates performed a land fill siting study to
determine a suitable site that can be developed in the event that disposal of
significant out-of-specification slag material becomes necessary. A land fill is not
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expected dt'ow be fe'qVUired' and no cost fdr sUch develo'pment‘ 1s ineluded in' the
Project cost estimate.

SOIL BORING AND GEOTECHNICAL EVALUATION- Duke Energy Indiana retained
Banning Engineering and Patriot Engineering to conduct a combination of surveying
and soil boring analyses to obtain information necessary for Bechtel to develop the
geotechnical report. This report will be the basis for foundation design in specific
areas where equipment will be located.

RAIL TRANSPORTATION STUDY - Burns & McDonnell Engineers performed a rait
corridor study to identify several potential rail routes into the site, ranging from
about five miles to about eighteen miles in length. Although no specific corridor has
been selected, the Project estimate includes an allowance for a rail line to be
constructed. The rail line must be installed prior to the 1% quarter 2009 if it is to
be used to offset equipment transportation cost and enable larger pieces of shop
-fabricated equipment to be delivered to the Project site. In order to meet this
date, engineering work on the rail project needs to begin in mid-2007, with
construction of the rail line beginning in early 2008. A public meeting will be held
“to receive input before a final route is selected.

TRAFFIC STUDY - A traffic study was performed by Hawkins Environmental-Butler,
Fairman, and Suefert to determine the impact of truck traffic entering and leaving
the Project site. No significant additions were identified as necessary; however,
the Project cost estimate includes an allowance for installation of breakdown and
turn lanes that may be required.

CLASS 1 WASTE WATER INJECTION WELL - The Alliance reference design contains
a large waste water treatment facility with provisions for zero liquid discharge from
the site. This system represented a high capital cost (over $50 million), reduced
power output from the Project and would have created ongoing operating and
maintenance expenses. Duke Energy Indiana retained Subsurface Group, Inc. of
South Bend, Indiana to perform an evaluation of a class 1 injection well system to
dispose of high chloride water. As a result of the study, the Alliance wastewater
treatment system has been scaled back to include pre-injection filtration
processing only. The cost of an injection well system for wastewater disposal is
included in the estimated cost of the Edwardsport Project, but not in the Alliance
scope of work. A test well will be completed early in the Project to confirm the
use of this disposal method. This process is essentially the same method used at
the Duke Energy Indiana Gibson Station for disposal of high chloride water from the
scrubber process. The saline aquifer into which the water is to be injected has a
chloride content of 250,000 parts per million versus the injection water which has a
chloride content of approximately 4000 ppm.

Edwardsport IGCC FEED Study Report
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CARBON SEQUESTRATION FEASIBILITY STUDY - The Indiana Geological Survey
performed a feasibility study of the Edwardsport site to assess the potential for
carbon sequestration. The study identified several potential storage areas. Duke
Energy Indiana purchased two-dimensional seismic data from commercial sources,
permitting enhanced investigation by the Indiana Geological Survey, confirming
that the site continues to appear feasible for long term storage of carbon dioxide.
The next steps for additional investigation are to perform additional seismic testing
and eventually drill a test well to identify specific injection zones for test
injection. This work is not scheduled at this time, nor is it included in the Project
cost estimate.

ARCHAEOLOGICAL STUDY - An unexpected archaeological find on site during
construction can significantly impact Project progress. As a precautionary
measure, Duke Energy Indiana retained the services of Natural and Ethical
Environmental Solutions to perform level 1 archaeology assessments at the
Edwardsport site. These assessments yielded no significant findings.

FUEL SUPPLY STUDY AND EVALUATION - Fuel specification is a critical design
parameter for an IGCC plant and must be developed early in the design process.
Several major systems are affected by specific fuel parameters. Duke Energy
Indiana utilized our in-house geologist and fuel procurement specialists to assist in
developing the initial coal specification. At their recommendation, Duke Energy
Indiana retained Skelly and Loy Engineering-Environmental Consultants to perform
two studies that began in October 2005 and concluded in May 2006. The first study
looked at the availability of coal and its proximity to the Project site. Results of
this study yielded a conservative estimate of 170 million tons of recoverable
Indiana #5 seam coal in the State of Indiana that meets the design criteria of the
plant. The second study involved taking core drill samples of potential coal reserves
combined with available reserve data from mine owners to verify that the fuel
specification design range for the Edwardsport Project is compatible with these
reserves. The results of this study provided the necessary verification to ensure fuel
availability well beyond the design life of the facility.

COAL HANDLING SYSTEM STUDY - The coal handling system evaluation and pricing
estimate did not require a significant interaction with the process design;
therefore, Duke Energy Indiana chose to develop the cost estimate for this portion
of the Project outside the scope of the Alliance FEED Study. Duke Energy Indiana
retained Roberts and Schaefer Company, a material handling supplier for
development of the base system design and estimated cost. This cost is included in
the Project cost estimate.

COLLECTOR WELL STUDY -To verify an adequate water supply for the plant, Duke
Energy Indiana retained Collector Well International, Inc. to perform a feasibility
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study on supplying make-up water via radial collector wells. This study began in
December 2005 and progressed through three phases of drilling, pumping, and
monitoring of the local underground aquifer. The study, concluded in May 2006,
indicated that two collector wells will provide sufficient make-up water supply to
meet the demands of the facility, even under poor conditions such as low water
temperature in the aquifer in conjunction with low water levels in the White River.
The installation of collector wells was weighed against a refurbishment of the
water intake structure for the existing Edwardsport Generating Station and deemed
to be the best overall solution. An estimated cost for two wells is included in the
Project cost estimate.

MIDWEST I1SO STUDIES -The Project will interconnect to the existing Duke Energy
Indiana 345kV system that crosses the proposed plant site. The Midwest {SO has
coordinated several studies assessing the thermal capability of the transmission
system, system stability, and deliverability of the additional generation from the
Edwardsport site. The cost estimate for the Project includes an allowance for
interconnection costs. _As of the date of this Report nothing has come to Duke
Energy Indiana’s attention that indicates this estimate should be changed.

“AIR PERMIT APPLICATION AND STATUS - The air permit application was filed with
the Indiana Department of Environmental Management in August 2006 with
preliminary data from phase | of the FEED Study. The permit is currently pending an
update of data from the FEED Study and potential incorporation of value
engineering items, such as site optimization, that are continuing to be evaluated as
the Project is developed. Duke Energy Indiana anticipates filing modeling data for
the final design in the summer of 2007. This should allow ample time to receive
the permit prior to the start of construction.

NPDES PERMIT STUDY - A permit modification to the existing National Pollutant
Discharge Elimination System (“NPDES”) permit for Edwardsport Station will be
required. The existing ash ponds will be converted to settling ponds, with the
ability to manage any contamination issues from site runoff water or neutralization
waste prior to discharge. The Project estimate contains an atlowance for potential
modifications to the discharge canal.

OVERVIEW OF THE ALLIANCE/DUKE ENERGY INDIANA FEED STUDY WORK

Execution of the FEED Study involved the full range of technical, commercial and
managerial resources of the GE/Bechtel Alliance, working in concert with the Duke
Energy Indiana Project team to produce the necessary inputs and analyses. Over
250 professionals from Bechtel and GE were involved in this process over a 13
month period.

Edwardsport IGCC FEED Study Report
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The FEED Study was conducted in three distinct phases. In phase | the basic design
was reviewed and confirmed to establish the configuration of the process systems
and to set the physical layout of the facility. The initial estimates of the thermal
performance and emissions profile for the facility were generated based on the
phase | design outcome. A key outcome of phase | was development of the
engineering documents in support of the application for the air permit. In phase Il
the basic design was developed further with more detailed engineering drawings
and documents, which resulted in the “Issue for Estimate” version of the Piping and
Instrument Diagrams (P&IDs). The P&IDs are the cornerstone engineering drawings
that set and define the overall design of the facility. Phase Il concluded with the
completion of the Hazards ldentification Study (“HAZID”). The HAZID consisted of a
detailed review of the Process Flow Diagrams by the Project team to identify
potential process hazards to allow for consideration and possible implementation of
process changes, preventive safeguards, and hazard reduction measures into the
design. Phase lll consisted of conducting a Value Engineering Study and finalizing
the FEED Study phase | & Il deliverables.

The following summary sets forth a more detailed description of the activities
conducted during each phase of the FEED Study.

FEED Study Phase | - Detail

The starting points for the FEED Study were the Project Scope Book developed
during the Feasibility Study phase, the IGCC Reference Plant design developed by
the Alliance, and the Technical Services Agreement dated February 13, 2006, as
amended May 30, 2006 (“TSA”), which is the contract executed between Duke
Energy Indiana and the Alliance for conducting the FEED Study.

The Feasibility Study Project Scope Book defined the basis of design of the Duke
Energy Indiana Edwardsport Project at a conceptual level. The key engineering
documents making up the Project Scope Book were the System Flow Diagrams and
- associated Heat and Material Balances (“HMBs”). The engineering documents in the
Project Scope Book defined the physical layout of the IGCC facility, the sequential
order of the process systems and equipment, and the associated flow rates of the
main process systems. The indicative estimates of the thermal performance and
emissions profile for the facility were also included in the Project Scope Book.

Between the end of the Feasibility Study and the start of the FEED Study the
Alliance continued to develop the design of the Reference Plant. The Reference
Plant design is a standard product developed by the Alliance for the IGCC market.
As a product, the IGCC Reference Plant benefited from the new product
introduction work processes that GE applied to assure the Reference Plant product
was aligned with utility customer and market requirements. The design processes

e
April 2, 2007 8



Pbuke .
& Energy- - VECTREN

applied by GE for the Reference Plant followed new product development steps
similar to those used across GE for developing large products. The process consisted
of conducting surveys of utility customers to identify, rank, and establish the
performance requirements for the IGCC Reference Plant. The requirements
established were designated as critical to quality parameters. The critical to
quality parameters identified consisted of the following: net power generation,
capital cost, thermal efficiency, emission profile, and reliability.

The primary purpose of phase | of the FEED Study was to establish the base
configuration of the Edwardsport IGCC facility and the associated emissions profile
to enable Duke Energy Indiana to develop the air permit application, which was
filed with the Indiana Department of Environmental Management. In addition, the
- preliminary thermal performance calculations for the facility were completed by
the Alliance and the results were provided to Duke Energy Indiana. The preliminary
performance results were utilized by Duke Energy Indiana in the 2005 Integrated
Resource Plan filed with the Commission.

Establishing the base configuration for the Project consisted of reviewing several
Reference Plant design alternatives the Alliance had generated between the end of
the Feasibility Study and the start of the FEED Study. The Alliance conducted
engineering studies and generated recommended process design alternatives to
implement for the purpose of improving upon the critical to quality parameters
established during the initial development of the Reference Plant product.

The following summary sets forth a brief description of the significant alternatives
that were evaluated and selected for implementation during phase I:

e (CO, Tail Gas Recycle - This engineering study defined the benefits of
recycling the CO; containing tail gas from the effluent of the Sulfur
Recovery Unit back to the gasification process. Tail gas is a waste gas
stream containing significant amounts of CO, and Sulfur. Typically tail
gas is either treated further in a Tail Gas Treating Unit to reduce the
Sulfur content and then combusted in a thermal oxidizer, or recycled to
the Acid Gas Absorber system for reprocessing. The benefits of recycling
the tail gas to the gasification process were identified to be improved
thermal efficiency of the facility, reduced gasifier operating
temperature, and elimination of the Tail Gas Treating Unit. The
identified benefits exceeded the estimated costs associated with
installation and operation of additional compression equipment.

s (O, Flash Gas Recycle Optimization - This engineering study defined the
optimum amount of CO, Flash Gas to be recycled to the gasification
process istand. As the amount of Flash Gas recycle increases, there is an

Edwardsport IGCC FEED Study Report
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associated increase in auxiliary power consumed to compress the Flash
Gas to the required pressure. The outcome of the study was a
recommendation to recycle 22% of the CO, Flash Gas to the gasification
process island and to install Carbonyl Sulfide hydrolysis equipment. The
benefits of the hydrolysis equipment are reduced Selexol™ (a trademark
of UOP LLC, a Honeywell company) recirculation and reduced sizing of
the acid gas treating equipment. The combined benefits from reduced
CO; Flash Gas Recycle and installation of hydrolysis equipment are
reduced auxiliary power consumption and reduced capital cost.

Low Temperature Gas Cooling Train Optimization - This engineering
study was conducted to determine if a dedicated Low Temperature Gas
Cooling (“LTGC”) section for each Gasifier was more optimal than the
Reference Plant configuration in which a single LTGC section served both
Gasification sections. The recommendations from the study were to
apply a dedicated LTGC section for each Gasification section and to also
install an Acid Gas Absorber dedicated to each LTGC section. The
overriding benefits of the dedicated LTGC and Acid Gas Absorber for
each Gasifier train are reduced emissions during start-up operations,
elimination of the need for a low sulfur start-up fuel such as methanol,
reduced operating and maintenance costs, increased operational
flexibility, and increased reliability.

Syngas Versus Diluent Nitrogen Saturation - The purpose of this
engineering study was to optimize the addition of mass flow (through the
addition of water) into the gas turbine combustion system via comparison
of saturation of the diluent nitrogen or via saturation of the syngas fuel.
Increasing the mass flow into the gas turbine combustion system results
in the ability to generate additional electric power up to the physical
limits of the combustion turbine generator. The recommendation from
the study was to implement saturation of the syngas fuel. Application of
syngas saturation is expected to have the following impacts on the
Edwardsport IGCC facility: reduction in capital cost, increase in power
output, increase in thermal efficiency, and improved operability due to
reduction in complexity.

Acid Gas Removal Optimization - This study consisted of evaluating the
application of solvent refrigeration as compared to a non-refrigerated
solvent configuration. The starting basis for the study was application of
sotvent refrigeration. Increasing the hydrogen sulfide concentration in
the acid gas stream, through refrigeration of the solvent, results in a
more efficient removal of sulfur in the Sulfur Recovery Unit. The
recommendation from the study confirmed that application of solvent
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 refrigeration resulted in a reduction in the total installed cost of the
facility primarily as a result of the predicted increase in net power
generation from the facility and an increase in thermal efficiency.

e  Sulfur Recovery Unit Design Optimization (2 vs. 3 Catalytic Reactor
Stages) - The objective of this study was to determine whether the Sulfur
Recovery Unit catalytic reactors should be configured with two stages or
three. The starting basis for the study was application of three stage
catalytic reactors. The catalytic reactor is the device that converts
sulfur compounds in the acid gas to elemental sutfur, which, in turn, is
condensed and recovered as a useful byproduct. The study determined
that application of two-stage catalytic reactors would result in a
reduction in the capital cost of the facility with minimal impact on the
other critical quality parameters.

Duke Energy Indiana selected each of the recommended alternatives. Accepting
the Reference Plant alternatives as the basis for the Duke Energy Indiana facility
aligned the Duke Energy Indiana design with the Reference Plant design at the
conclusion of FEED Study phase I.

A second key activity during FEED Study phase | is that Duke Energy Indiana
commissioned the Alliance to conduct the following engineering studies in support
of further optimization of the Reference Plant design for the Edwardsport Project:

e Low Pressure Absorber - Upon receiving the emissions profile data for the
Edwardsport Project from the Alliance, Duke Energy Indiana conducted
air dispersion modeling. As a result of the dispersion modeling Duke
Energy Indiana determined the sulfur emissions that evolved during start-
up and emergency trip operations resulted in ground level sulfur
concentrations that exceeded National Air Quality Standards threshold
requirements. Duke Energy Indiana submitted this information to the
Alliance and asked the Alliance to develop a process modification to
reduce the sulfur emissions during start-up and emergency trip
operations. The solution identified by the Alliance Reference Plant
emissions team was to install a Low Pressure Absorber in the Acid Gas
Removal section that will process the acid gas during start-up and
emergency trip conditions. The Low Pressure Absorber system was
included in the design during phase | activities.

e  Reduction of Carbon Content in Effluent Slag - One of the design goals is
to be able to utilize the slag generated by the gasification process in a
beneficial manner. Slag produced by the base gasification design, is
expected to be a suitable fill material for construction or general grade
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change and road base aggregate. During FEED Study phase | Duke Energy
Indiana commissioned the Alliance to conduct a study to identify the
process changes necessary to reduce the carbon content of the slag to
less than 3.5% to enable the slag to potentially be sold for other
commercial applications, such as roofing grit, blocks and other bulk
product markets. The Alliance completed the study during FEED Study
phase Il with identification of process changes consisting of a floatation
system that would be capable of reducing the carbon content of the slag
to less then 1%. At this level of carbon content, the slag material
becomes more valuable and can be used for such items as lightweight
structural concrete, roof tiles, insulating concrete, filtration media and
undefined agricultural uses. Duke Energy Indiana will decide whether or
not to implement the floatation system into the design during detail
engineering, based on further investigation and an economic evaluation
of potential slag markets.

e  Addition of a CO Catalyst in the Heat Recovery Steam Generator - Duke
Energy Indiana anticipates that in the future the emission threshold
requirement for CO may be reduced. Duke Energy Indiana commissioned
the Alliance to conduct a conceptual evaluation to determine the cost
and potential impact of installing a CO Catalyst module in the Heat
Recovery Steam Generators (“HRSGs”). The result of the study indicated
installation of CO Catalyst modules would reduce the thermal efficiency
of the facility while increasing the capital cost. Duke Energy Indiana
decided not to include installation of CO Catalyst modules, due to the
negative impacts on plant performance as well avoidance of any risk due
to CO Catalyst systems not being proven in syngas fired gas turbine
systems. Duke Energy Indiana did decide to design the HRSGs with an
open duct area in a suitable location for potential future installation of
CO Catalyst modules.

o  Elimination of the Zero Liquid Discharge System - The Reference Plant
Zero liquid Discharge System option is energy and capital intensive.
Based on previous engineering work by Duke Energy Indiana for the
Gibson Generating Station Duke Energy Indiana knew there was a
potential to process the wastewater stream generated by the gasification
process in a less energy intensive and less costly manner that is
environmentally acceptable. During FEED Study phase | Duke Energy
Indiana instructed the Alliance to expedite the determination of the
composition of the gasification wastewater stream. Upon receipt of the
composition, then Duke Energy Indiana conducted an evaluation to
determine the feasibility of disposing of the wastewater via Deep Well
Injection, as described previousty in this Report. The results of the study
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indicate that Deep Well Injection is a suitable disposal method for the
gasification wastewater stream. As a result, the Zero Liquid Discharge
System was eliminated from the design and wastewater pre-treatment
for deep well injection was added during FEED Study phase Il.

Coal Composition Evaluation (Duke Energy Indiana versus Reference
Plant) - During the design evolution of the Reference Plant, the design
values for sulfur and chlorine were increased from the values specified in
the Feasibility Study. As a part of the FEED Study Duke Energy Indiana
needed to determine the potential cost and efficiency impact of applying
Indiana coal composition, for the performance and design cases, to the
Reference Plant design. Upon completion of the FEED Study it was
determined that the Duke Energy Indiana coal composition parameter
values for sulfur, ash, moisture, and chlorine were within the specified
design coal composition for the Reference Plant. The Alliance has stated
that the higher levels of moisture, ash, sulfur and chlorine that are
included within the design basis for the Reference Plant and which are
also representative of the Indiana coal proposed for the Edwardsport
Project, result in additional capital cost and some efficiency reduction
when compared to coals such as Pittsburgh #8.

Application of Selective Catalytic Reduction (“SCR”) - During FEED Study
phase | Duke Energy Indiana consulted with GE to determine the
operational risks of applying SCR technology at the HRSGs to reduce the
NO, emissions from the facility. Although the Reference Plant was
designed to be SCR capable, it did not include direct application of SCRs
for the Project. The Alliance determined that maintaining the sulfur
content in the Syngas to less then 20 parts per million (volume dry basis)
would enable application of SCR technology with low risk of operation
problems. The expectation is that the low temperature heat transfer
surfaces in the HRSG will require cleaning less then one time per year to
remove accumulated ammonia sulfate and that catalyst deactivation
should not occur. Based in part on this information Duke Energy Indiana
decided to include SCRs in the design of the HRSGs for NOx emissions
reduction.

Transportation and Logistics Study - Beginning during phase | and
continuing throughout the FEED Study, a Duke Edwardsport IGCC
Transportation and Logistics Study was undertaken. Because of its inland
location, the transportation of “over-sized” equipment to the Project
site was identified as a key area of cost and scheduling risk for the
Project that needed to be resolved during the execution of the FEED
Study. To identify and resolve any transportation constraints for the
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 over-sized equipment the Alliance conducted the Duke Edwardsport IGCC

Transportation and Logistics Study with the assistance of the Indiana
Department of Transportation. The over-sized equipment consists of the
Radiant Syngas Coolers, Gas Turbine Generators, Steam Turbine
Generator; HRSG components, Air Separation Unit (ASU) components,

Generator Step Up Transformers, Selexol™" Absorber, Selexol™" Stripper,
COS Hydrotysis Reactor, SynGas Saturator Column, LP Absorber, and the

Rich Selexol™" Storage Tank. The Study concluded that all of the over-

~ sized equipment can be transported and delivered to the Edwardsport

Project site. The transport will require the application of a combination
of equipment modularization, on site assembly, and multiple means of
transport consisting of barge, rail and over-the-road heavy haul. An
equipment transportation plan was developed for the execution phase of
the Edwardsport IGCC Project and is incorporated into the estimate.

FEED Study Phase 1l - Detail

In FEED Study phase Il the basic design established during phase | was developed in
detail via generation, distribution, and review of the process design engineering
drawings and documents. The work process for developing the drawings and
documents consisted of the following steps:

Transmittal to the Duke Energy Indiana Alliance FEED Project team of the
Reference Plant drawings and documents from GE’s Gasification Process
Engineering organization.

Review and conversion of the Reference Plant drawings and documents,
by the Duke Energy Indiana FEED Alliance Project team, to the Duke
Energy Indiana Project drawings. This consisted of the Alliance FEED
Project team reviewing the drawings to ensure that all process design
changes established in phase | were depicted in the drawings and
documents, and revising title blocks to the Duke Energy Indiana
standard.

Transmittal of the resulting drawings and documents to the Duke Energy
indiana FEED Project team for the review and comment cycle. The
review and comment cycle consisted of several issues of the drawings.
The first issue was for review and comment by Duke Energy Indiana
personnel. Following the submission of written comments by the Duke

* Selexol™ is a trademark of UOP LLC.

Edwardsport IGCC FEED Study Report
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Energy Indiana Project team to the Alliance, formal review meetings
with Alliance and Duke Energy Indiana Project team members were
conducted to jointly review the drawings and resolve the submitted
comments. Upon completion of the review meetings the drawings were
revised as needed and “Issued for Design” or “Issued for Estimate” as
appropriate.

The key drawings and documents generated and reviewed during phase Il were as
follows:

e Heat and Material Balances - Documents defining the composition, flow,
temperature, and pressure of the process streams.

e Process Flow Diagrams - Drawings depicting the configuration of the
process equipment at a system level.

e  Material Selection Guides - Drawings defining the material of
construction for the equipment and piping.

e  Process Data Sheets - Documents that specify the design process service
conditions (material, flow rate, temperature, pressure) for the process
equipment.

e Piping and Instrument Diagrams - Detailed drawings depicting the
equipment, piping, and control instrumentation. These drawings set
and define the overall design of the facility.

e  Design Criteria - Documents defining the design criteria applicable to
each of the engineering disciplines (Electrical, Mechanical,
Civil/Structural /Architectural, Instrument and Controls, and Plant
Design).

The generation, review, and finalization of the drawings and documents were
conducted over the time period of May to October 2006. There were hundreds of
drawings and documents reviewed during this time frame.

Near the end of phase ll, the Hazards ldentification Study (“HAZID”) was
conducted. The HAZID consisted of a detailed review of the Process Flow Diagrams
by the joint Duke Energy Indiana and Alliance Project team to identify potential
process hazards to allow for consideration and possible implementation of process
changes, preventive safeguards, and hazard reduction measures into the design.
The primary hazard identified was the potential for inadvertent release of gaseous

Edwardsport IGCC FEED Study Report
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streams that may ignite or result in personnel exposure to a toxic atmosphere. The
HAZID Study recommends conducting dispersion modeling of potential gaseous
releases to identify the potential for toxic concentrations to evolve at or beyond
the property line, and to develop appropriate Hazardous Communications
procedures and training processes. The HAZID recommendations will be addressed
during the detailed engineering phase of the Project.

Phase 1l concluded with the completion of the HAZID, and the transmittal to Duke
Energy Indiana of the Issue for Estimate version of the Piping and Instrument
Diagrams. The Issue for Estimate Piping and Instrument drawings set the basis for
the development of the detailed cost estimate which was generated during FEED
Study phase Ili. '

FEED Study Phase Il - Detail

FEED Study phase Il involved conducting the Value Engineering Study and finalizing
the FEED Study deliverables, consisting of the Project Scope Book, the detailed cost
basis for the Project, and the detailed execution schedule for the Project.

The Value Engineering Study was conducted in an effort to identify ideas that had
the potential to significantly reduce the capital cost of the Project. The Alliance
retained a consultant that specializes in conducting and facilitating value
engineering workshops for large capital intensive projects. The consultant was
given access to key Project team members to conduct pre-meeting interviews.

The Value Engineering workshop was conducted over a three day period attended
by 26 Project team members representing Duke Energy Indiana, Bechtel, and GE.
Hundreds of ideas were generated during the brainstorming sessions. Subsequently,
the initial set of ideas were rated, ranked, and sorted such that at the end of the
workshop a total of 58 ideas were selected for further evaluation. The 58 ideas
from the workshop were then distributed within the GE, Duke Energy Indiana, and
Bechtel Project teams for further high level rating and sorting. The combined
teams then met together again for the final selection of ideas, which resulted in
the selection of 31 ideas for further definition, development, and cost/benefit
analyses. The further development of the selected items occurred during the
December 2006 through March 2007 timeframe. The result was the selection of
four items to be implemented during the detailed design phase of the Project,
targeting a cost reduction of $28 million. Many of the potential value engineering
items were not selected due to negative impacts on emissions, reliability and
schedule.

Edwardsport IGCC FEED Study Report
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in parallel with the Value Engineering efforts the Bechtel Project team began
conducting material take-offs from the engineering drawings and documents
generated in phase | and phase ll. The material take-offs combined with the
equipment pricing information received via procurement inquiries set the basis for
the roll up of the detailed estimate. The final detailed estimate was presented to
Duke Energy Indiana in March 2007.

Also during FEED Study phase Il Bechtel and GE prepared a detailed execution
schedule for the Project, which was finalized and provided to Duke Energy Indiana
in March 2007.

The final activity of the FEED Study phase 1ll was finalizing the Project Scope Book,
which consisted of merging the design drawings and documents developed during
FEED Study phases | and Il into the Project Scope Book and conducting a complete
page turn of the Project Scope Book with the Alliance. The Project Scope Book was
completed in March, 2007.

'Edward's',',m IGCC FEED Smdy Report B o 4 8 5 Rt
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PROJECT PERFORMANCE (OUTPUT, HEAT RATE, EMISSIONS) [CONFIDENTIAL}:
COAL PROPERTIES

The Edwardsport IGCC Plant will be designed for a defined range of coals. Indiana
#5 seam coal has been identified as the performance coal. This will be used for
plant performance evaluations and guarantees.

If fluxant is determined to be required for a particular fuel feed, the fluxant and
coal will be blended in the coal handling system included in the Plant design. The
total of any blended fuel should not exceed the below listed coal range.

Critical Coal Parameters Units of measure | Performance Coal | Coal Range

Ultimate Analysis, dry basis

Carbon wt %
Hydrogen wt %
Nitrogen wt %
Sutfur wt %
Oxygen wt %
Ash wt %
Chlorine ppmw
Sulfur specification Lb SO2/MMBTU

Reducing Ash Fluid Temp F

alllh

Grind Top Size inch
Hargrove Grindability Index
Equilibrium Moisture %
As Received Mdisture %

Enmn] illhhih

IGCC PERFORMANCE CHARACTERISTICS

% The maximum percent sulfur shown is per the Reference Plant. The sulfur specification in pounds
of SO2 per miltion BTU will, however, be the controlhng specnﬁcat]on

Edwardsport 1GCC FEED Study Report
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The basis for the performance data for the Edwardsport IGCC Facility listed in the
following table is defined as follows: i

e The IGCC facility utilizing a coal with a composition in accordance with
the “Performance Coal” listed in the preceding table.

e  Continuous operation on syngas at an ambient temperature of 59F.

e  Application of Oxygen Preheating to 250F.

e  GE Steam Turbine Generator - 4F33.5

e 1% Oxygen concentration in the Nitrogen Diluent.

o Auxiliary Power loads included for Duke Energy Indiana Collector Wells
and Deep Well Injection.

Parameter Value

Combustion Turbines Gross Power Generated

Steam Turbine Gross Power Generated

Total Gross Power Generated

Air Separation Unit Aux. Load Consumption

Gasification Unit Aux. Load Consumption

Acid Gas Removal/Sutfur Recovery Unit/Tail Gas Unit Aux.
Load Consumption

IBalance Of Plant Aux. Load Consumption

lPower Block Aux. Load Consumption |
IRecycle Compressor

‘Raw Water/ Collection Wells

IDeep Wells/ Waste Water Blowdown

het IGCC Facility Heat Rate (HHV)

lNet IGCC Facility Power Output

Net IGCC Facility Efficiency (%)

Calculations

Edwardsport IGCC FEED Study Report
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HHV

Coal Feed Rate

02 Feed Rate (Pure)

Energy Input

ﬁ\let Power

Feat Rate (HHV)

!Eet power

I;acility Efficiency

Edwardsport IGCC FEED Study Report
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IGCC EMISSION PERFORMANCE CHARACTERISTICS

The basis

for the emission performance data for the Edwardsport IGCC Facility

listed in the following table is defined as follows:

Source of Flare Pilot data is Alliance Transmittal 00020 dated July 28,
2006.

Source of Thermal Oxidizer data is Alliance Transmittal 00020 dated July
28, 2006.

Source of HRSG data is Alliance Transmittal 00569 dated March 30, 2007.
HRSG emissions rates are with SCR applied.

HRSG emissions are for one (1) HRSG. Two (2) HRSGs included in total
emissions.

PM emissions are total.

Emissions rates are based on continuous syngas operation using
performance coal parameters listed above. The Air Permit data is based
on design range and operating characteristics and differs from values
listed below.

Flare Thermal .
Pilot Oxidizer HRSG Continuous Total
Pollutant b
Pollutant | (lb/hr) | (Ib/hr) (ib/hr) (tb/hr) ’ Pollutant/mmBTU
Coal

NOx | | |} |
502 i || | [
co 1 B || || N
PM I N || | ||
voc I | 1 i

Edwardsport IGCC FEED Study Report
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CONTRACTING APPROACH AND PROJECT COST ESTIMATE

Originally the GE/Bechtel Alliance preference was to develop the Project pursuant
to a lump sum turn key contract (“LSTK”). Over time, however, the Alliance and
Duke Energy Indiana came to the realization that a contracting approach more
consistent with the approach taken by the Company on other major construction
projects would be a better approach. The TSA provided for consultation between
the Alliance and Duke Energy Indiana to consider a flexible contracting approach,
as an alternative to the LSTK approach, which would establish acceptable targets
and incentives to reflect different risk sharing options for execution of the Scope of
Work for the Project, more in line with the Company’s traditional approach to
constructing major projects. The recent run-up in commodity pricing and
competition for engineered products and labor has not only increased the
estimated cost of the Project (as well as alternatives to the Project), it has made it
clear that the LSTK approach is not a viable option for this Project. In order to
help control the costs of the Project and avoid the extraordinary contingency
amounts associated with a LTSK agreement in this environment, Duke Energy
Indiana has elected to follow the approach the Company has used for construction
of well over $1 billion of pollution control equipment over the last few years. Duke
Energy Indiana will have more control over the construction of the Project, along
with control of more of the risks. Under a LSTK contract, which would include
large contingencies for commodity price increases, the Project would have been
subject to such cost, whether or not the increase occurred. With the Company
assuming more control and responsibility for more of the scope, the Project will
incur these uncontrollable costs only if they in fact occur. It should be noted that
portions of the Project may be undertaken with fixed price or lump sum contracts,
as deemed appropriate by Duke Energy Indiana.

Duke Energy Indiana has worked very closely with the Alliance and the entities
performing the various site studies discussed above in order to develop a more
definitive cost estimate for the Project. The detailed engineering drawings
produced as a part of phase Il of the FEED Study discussed above provided
significant amounts of details about the Project. Bechtel used this information for
estimating the quantities of many of the commodities, such as piping, cable, steel
and concrete, and much of the smaller equipment, such as valves and instruments,
that will be necessary for the Project. Bechtel was able to perform “take-offs”
from the engineering drawings, a more precise method for estimating costs. GE has
provided prices for the equipment that it will manufacture (or directly procure) as
well as estimates of the costs of other equipment based on pricing indications from
other vendors who were supplied specifications for such equipment. The entities
performing the site studies as discussed above also provided Duke Energy Indiana
with details and cost estimates for various other components of the Project.

SR
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Using all of this information, Duke Energy Indiana has developed a cost estimate of
$1.985 billion for the construction and completion of the Edwardsport IGCC Project.
This estimate includes all purchase, supply and construction costs for the Project,
including transmission costs associated with the Project, through the assumed
commercial operation date in 2011. This estimate assumes that Duke Energy
Indiana will manage more of the scope of the Project work, for example, Duke
Energy Indiana may undertake construction of all foundations using local
contractors that the Company has worked with extensively. Further, the estimate
assumes that it will not be necessary to pay significant premiums to attract craft
labor for the Project, assuming 40 hour work weeks with only occasional overtime.
The escalation rate assumed for this estimate is 4% per year. In comparison to the
Duke Energy Indiana cost estimate range presented in Mr. Moreland’s prefiled
testimony on October 24, 2006, this estimate, based on the extensive FEED Study
analyses, represents an increase of about 5.2% over the high end of the range. This
estimate is within the cost estimate range referenced in Mr. Moreland’s prefiled
testimony based on an Electric Power Research Institute estimate for an IGCC
plant. The details supporting this estimate are available to the Commission and
parties to this proceeding, subject to appropriate confidentiality protection.

CONCLUSION

Duke Energy Indiana has actively managed and particiapted in the FEED Study
process. Subject to strict confidentiality agreements, Duke Energy Indiana was
allowed to participate, evaluate, question and understand details of the IGCC
Project with direct access to the teams developing the new product design. This
active participation provided essential insight and understanding of the Project’s
estimated costs, schedule, performance, and future operation and risks. Going
forward, Duke Energy Indiana will continue to actively participate in detailed
engineering and design of the Project and will manage overall construction of the
Project, in order to control Project costs consistent with its management of other
major construction projects. Based on the FEED Study work and this detailed ook
into the GE Gasification Technology, Duke Energy Indiana has concluded that the
IGCC Project is capable of meeting the Duke Energy Indiana facility objectives for a
new base load coal generating station with superior environmental performance.
Duke Energy Indiana believes that the Edwardsport IGCC Project provides the best
option for acquiring base load generation in a timely manner to meet the needs of
our customers.

Edwardsport IGCC FEED Study Report
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IGCC Alliance

GE and Bechtel Proprietary and Confidential

©2005, 2007 GE and Bechtel. All rights reserved. Contains confidential information proprietary
to GE and Bechtel that may only be used, reproduced, or disclosed outside of the GE and
Bechtel companies pursuant to the terms of the Confidentiality Agreement dated January 11,
2005 (the "PSI NDA") among PSI Energy, Inc., General Electric Company, acting by and
through its GE Energy Division ("GE"), and Bechtel Power Corporation ("BPC"); the
Confidentiality Agreement dated January 11, 2005 (the "Vectren NDA") among Southern
Indiana Gas and Electric Company d/b/a Vectren Energy Delivery of Indiana, Inc., GE, and
Bechtel; the Confidentiality Agreement dated April 15, 2005 (the “NIPSCO NDA”) among
Northern Indiana Public Service Company, GE and Bechtel; and any other relevant

NDA (“Other NDA”) subsequently entered into (the PSI NDA, any Other NDA, and the Vectren
NDA, collectively, the "NDAs"), as applicable. Information designated as "Confidential” or
"Proprietary” shall be treated as Confidential Information (as such term is defined in the
NDAs); information designated as "GE Gasification Confidential,” "GE's Gasification Technical
Information,” or "GE Gasification Proprietary” shall be treated as GE Gasification Information
(as such term is defined in the NDAs); and information designated as "Bechtel Sulfur
Confidential" or "Bechtel Sulfur Proprietary” shall be treated as Bechtel Sulfur Information (as
such term is defined in the NDAs).

Confidential Information Part | — Confidentiality Statement
Edwardsport IGCC Project Scope Book Rev. Dated 03/28/07
Issue for Estimate



IGCC Alliance
Part | - Table Of Contents

Part I—Scope of Services

1.0 Introduction

1.1 General

1.2 Purpose

1.3  Procedures

1.4  Communications

2.0 Owner and Contractor Responsibilities

2.1  Information and Design Criteria

2.2 Licenses and Permits

2.3  Other Services/ltems Furnished by Owner
Reference 2-1—Information and ltems To Be Provided by Owner
Reference 2-2—O0Owner-Secured Governmental Approvals and Permits
Reference 2-3—Contractor-Secured Permits
Reference 2-4—Contractor/Owner Interfaces

3.0 Engineering

3.1 General

3.2 Engineering and Design Control

3.3 Drawings

3.4  Specifications/Material Requisitions

3.5  Supplier/Subcontractor Drawings and Data
3.6  Pressure Vessel Testing/Inspection

3.7  Supplier/Subcontractor Factory Tests

3.8  Supplier/Subcontractor Instruction Manuals
3.9  Submittals—Design Documents

3.10 Final Design Documents Furnished to Owner
3.11 Process Safety Management

Confidential Information Part | — Scope Of Services
Edwardsport IGCC Project Scope Book Environmental Management « 10- 1
Issue for Estimate : Rev. Dated 03/28/07
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4.0 Procurement

41 General

4.2  Startup and Commissioning Spare Parts

4.3 Owner's Operating Spare Parts Inventory
Reference 4-1—Supplier/Subcontractor Quality Surveillance Plan
Reference 4-2—Suppliers/Subcontractors List for Major Equipment and
Contracts

5.0 Construction

5.1 General
5.2 Construction Facilities and Services
53  Safety

54  Security

5.5 Labor Relations

56 Reference Points

57 Dangerous Material

5.8 Construction Waste Disposal

59 Construction Environmental Control Program

5.10 Construction Quality Control Program
Reference 5-1—Safety Plan Outline

Reference 5-2—Construction Environmental Control Plan Table of
Contents

Reference 5-3—Construction Quality Control Program Outline

6.0 Scheduling, Progress Reporting, and Change Orders

6.1 General

6.2 Scheduling and Schedule Control
6.3 Progress Reports

5.4 Change Orders

Confidential Information Part | — Scope Of Services
Edwardsport IGCC Project Scope Book Environmental Management « 10- 2
Issue for Estimate Rev. Dated 03/28/07
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7.0 Startup and On-Site Training

7.1  Startup
7.2  On-Site Training
7.3  Training Simulator

Reference 7-1—Contractor's On-Site Training Program for Owner’s
Operators

8.0 Completion Testing and Guarantees

8.1 Guarantees

8.2 Completion Testing

8.3 Test Conditions

8.4 Test Report Requirements

9.0 Quality Assurance

9.1  General

9.2 Scope

9.3 Documentation
9.4 Implementation
9.5 Assessment

10.0 Environmental Management

10.1 General
10.2 Early Project Phase
10.3 Normal Execution Phase

Confidential Information Part | - Scope Of Services
Edwardsport IGCC Project Scope Book Environmental Management ¢ 10- 3
Issue for Estimate Rev. Dated 03/28/07
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IGCC Alliance

GE and Bechtel Proprietary and Confidential

©2005, 2007 GE and Bechtel. All rights reserved. Contains confidential information proprietary
to GE and Bechtel that may only be used, reproduced, or disclosed outside of the GE and
Bechtel companies pursuant to the terms of the Confidentiality Agreement dated January 11,
2005 (the "PSI NDA") among PSI Energy, Inc., General Electric Company, acting by and
through its GE Energy Division ("GE"), and Bechtel Power Corporation ("BPC"); the
Confidentiality Agreement dated January 11, 2005 (the "Vectren NDA") among Southern
Indiana Gas and Electric Company d/b/a Vectren Energy Delivery of Indiana, Inc., GE, and
Bechtel; the Confidentiality Agreement dated April 15, 2005 (the “NIPSCO NDA") among
Northern Indiana Public Service Company, GE and Bechtel; and any other relevant

NDA ("Other NDA") subsequently entered into (the PSI NDA, any Other NDA, and the Vectren
NDA, collectively, the "NDAs"), as applicable. Information designated as "Confidential" or
"Proprietary” shall be treated as Confidential Information (as such term is defined in the
NDAs); information designated as "GE Gasification Confidential," "GE's Gasification Technical
Information,"” or "GE Gasification Proprietary" shall be treated as GE Gasification Information
(as such term is defined in the NDAs); and information designated as "Bechtel Sulfur
Confidential" or "Bechtel Sulfur Proprietary” shall be treated as Bechtel Sulfur Information (as
such term is defined in the NDAs).

Confidential Information Part Il - Confidentiality Statement
Edwardsport IGCC Project Scope Book Rev. Dated 03/28/07
Issue for Estimate
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Part Il—Table Of Contents

Part [l—Technical Scope Description

1.0 Design Basis

1.1 Overall Facility Configuration

1.2  Site-Specific Design Criteria

1.3  Air Emission Limitations

14 Fuels

1.5 Makeup Water

1.6  Waste Water Disposition

1.7  Noise Limits

1.8  Geotechnical Data

1.9  Electrical Interconnection
110 Codes and Standards

2.0 Mechanical Systems and Equipment

2.1 Coal Grinding and Slurry Preparation System
2.2 Recycle Solids Mixing and Slurry Run Tanks

2.3 Gasification, Radiant Syngas Cooler, Syngas Scrubbing, and Coarse Slag
Handling

2.4 Grey Water and Black Water Handling System
2.5 Low Temperature Gas Cooling System

2.6 Acid Gas Removal System

2.7  Sulfur Recovery System and Tail Gas Unit
2.8  Air Separation System

29 CO;zRecycle Compressor

2.10 Gas Turbine Generators

2.11 Heat Recovery Steam Generators

Confidential Information Part Il - Technical Scope Description
Edwardsport IGCC Project Scope Book Coal Handling System e 8- 1
Issue for Estimate Rev. Dated 03/28/07
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213
2.14
215
2.16
217
2.18
219
2.20
2.21
2.22
2.23
2.24

3.0 Electrical Systems and Equipment

3.1
3.2
3.3
3.4
3.5
3.6
3.7
3.8
3.9
3.10
3.11
3.12
3.13
3.14

Confidential Information

IGCC Alliance

Steam Turbine

Diluent Nitrogen Heating and Extraction Air Cooling
Main Steam System

Cooling Tower and Circulating Water System
Condensate and Feedwater Systems

Closed Cooling Water System

Natural Gas System

Syngas Saturation

Water Treatment Systems

Flare System

Auxiliary Steam System

Miscellaneous Systems

Mechanical Design Criteria/General Requirements

Interconnection to Utility

Electric Power System

Auxiliary Power

Startup Power

Standby Power

Main Generators

Power Transformers

Medium and Low Voltage Switchgear

480 Volt Motor Control Centers

125 Volt DC System Contents
Uninterruptible Power Supply System
Electrical Protection, Metering, and Controls
‘Communications Systems

Electrical Design Criteria/General Requirements

Edwardsport IGCC Project Scope Book
Issue for Estimate

Part Il — Technical Scope Description

Coal Handling System e 8- 2
Rev. Dated 03/28/07



4.0 Control Systems and Equipment

5.0

6.0

7.0
- 8.0
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41  General
4.2  Control Philosophy

- 4.3 Distributed Control System (DCS)

4.4  Control Logic Implementation

4.5 Analytical Equipment

46 Chemical Control

47 Instrumentation Design Criteria/General Requirements

Civil/Structural/Architectural Features

5.1  Facility Description
5.2  Civil/Structural Design Criteria/General Requirements
53  Architectural Design Criteria/General Requirements

Plant Design

6.1 General
6.2 Piping Design Criteria/General Requirements
6.3 General Arrangements

Switchyard

Coal Handling System

Edwardsport IGCC Project Scope Book
Issue for Estimate ’

Part il — Technical Scope Description

Coal Handling System e« 8- 3
Rev. Dated 03/28/07
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Part 11l — Table Of Contents
Part lll—Appendices

A — Gas Turbines & Generators

B — Steam Turbine & Generator

C — Heat Recovery Steam Generators

D - List of Final Basis Drawings and Documents from FEED
E — Process Flow Diagrams (PFDs)

F — Piping and Instrument Diagrams (P&IDs)

G — Major Mechanical Equipment List

H — Heat & Mass Balance Diagrams and Summaries
| — Plant Water Balance

J — Electrical Single-Line Diagram

K — Major Electrical Equipment List

L — Arrangement Drawings

M — Preliminary Project Schedule

Edwardsport IGCC Project Scope Book Part lll Table of Contents e i
Issue for Estimate Rev. Dated 03-28-2007
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and Administrative Services
Florida Public Service Commission

2540 Shumard Oak Boulevard NS
Tallahassee, FL 32399-0850

Re:  Tampa Electric Company's Ten-Year Site Plan
Dear Ms. Bayo:

Enclosed for filing on behalf of Tampa Electric Company are twenty-five (25) copies of the
company's January 2007 to December 2016 Ten-Year Site Plan.

Also enclosed is a CD containing the above Ten-Year Site Plan in PDF format.
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CMP Thank you for your assistance in connection with this matter.
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CODE IDENTIFICATION SHEET

Unit Type: ca = Combustion Turbine
cc = Combined Cycle
CG = Coal Gasifier
D = Diesel
FS = Fossil Steam
HRSG = Heat Recovery Steam Generator
IGCC = Integrated Gasification Combined Cycle
ST = Steam Turbine
Unit Status: P = Planned
T = Regulatory Approval Received
LTRS = Long Term Reserve Stand-by
uc = Under Construction
Fuel Type: BIT = Bituminous Coal
C = Coal
PC = Petroleum Coke
RFO = Residual Fuel Qil (#6 Oil)
DFO = Distillate Fuel Oil (#2 Oil)
NG = Natura! Gas
WH = Waste Heat
Environmental: CL = Closed Loop Water Cooled
CLT = Cooling Tower
EP = Electrostatic Precipitator
FQ = Fuel Quality
LS = Low Sulfur
FGD = Flue Gas Desulfurization
OLS = Open Loop Cooling Water System
0TS = Once-Through System
NR = Not Required
Transportation: PL = Pipeline
TK = Truck
RR = Railroad
WA = Water
Other: N = None
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Description of Ex1st1ngF

Tampa Electric has five (5) generating stations that
include fossil steam units, combined cycle units, combustion
turbine peaking units, an integrated coal gasification
combined cycle unit, and internal combustion diesel units.

Description of Electric Generating Facilities

Big Bend

The station contains four (4) pulverized coal fired steam
units equipped
with
desulfurization
scrubbers,
electrostatic
precipitators and
three (3)
distillate fueled
combustion
turbines. These
coal units are
currently undergoing the addition of air pollution control
systems called Selective Catalytic Reduction (SCR), this work
is scheduled to be completed by 2010.

H.L. Culbreath Bayside

The station contains two (2) natural gas fired combined
cycle units,
Bayside Unit 1
utilizes three (3)
combustion
turbines, three
(3) heat recovery
steam generators
(HRSGs) and one
(1) steam
turbine. Bayside Unit 2 utilizes four (4) combustion turbines,
four (4) HRSGs and one (1) steam turbine.

Polk Power Station

The station is presently comprised of four (4) generating
units and one (1) unit under construction. Polk Unit 1 is fired

with synthetic gas produced from gasified coal and other
carbonaceous fuels and is an integrated gasification
combined cycle unit (GCC). This technology integrates state-
of-the-art
environmental
processes to
Create a clean
fuel gas from a
variety of
feedstock with
the efficiency
benefits of
combined cycle generation equipment. Polk Units 2 through
5 are combustion turbines. Units 2 and 3 are fueled
primarily with natural gas with distillate backup. Unit 4 was
placed in-service March 2007 and is fueled with natural gas.
Unit 5 scheduled for in-service May 2007 is fueled with
natural gas. Polk Units 4 and 5 each have a capacity rating
of 180 MW winter and 160 MW summer,

Other Facilities

Phillips

The station is
comprised of
two (2) residual
or distillate ol
fired diesel
engines.

Partnership

The station is comprised of two (2) natural gas fired
diesel engines.

Tampa Electric Ten-Year Site Plan | 2007 6
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Schedule 1

Existing Generating Facilities

As of December 31, 2006
1) 2) (3) (4) (5) (6) @ (8) %) (10) (11) (12) (13) (14)
Alt [ cial Expected Gen. Max. Net Capability
Unit Unit Fuel Fuel Tr port Fuel In-Service Retirement N plat: S Winter
Plant Name No. L ti Type Pri Alt Pri Alt Days MolYr MolYr KW MW Mw
Big Bend Hillsborough
Co. 14/31S/19E 1,998,000 1,760 1.815
1 ST BIT N WA N 0 10/70 Unknown 445,500 391 401
2 ST BIT N WA N 0 04/73 " 445,500 391 401
3 sT BIT N WA N 0 05/76 " 445,500 414 (b) 423
4 ST BIT N WA N 0 02/85 " 486,000 447 452
CT1 GT DFO N WA TK 0 02/69 01/15 18,000 12 13
CT2 GT DFO N WA ™ 0 11774 01/15 78,750 60 80
CcT3 GT DFO N WA K 0 11174 01/15 78,750 45 45
Bayside Hilisborough
Co. 4/30S/19E 2,014,160 1632 1,841
1 cc NG N PL 4/03 Unknown 809,060 702 793
2 cc NG PL 1/04 Unknown 1,205,100 930 1,048
Phillips Hightand Co.
12-055 38,430 34 36
1 IC RFO TK 06/83 Unknown 19,215 17 18
2 IC RFO N TK 06/83 Unknown 19,215 17 18
Polk Polk Co.
2,3/328/23E 677,839 580 628
1 IGCC BIT DFO  WAAK TK 09/96 Unknown 326,299 255 260
2 (a) GT NG DFO PL TK 07/00 Unknown 175,770 160 184
3 (a) GT NG DFO PL TK 5/02 Unknown 175,770 165 184
Partnership Hillsborough
Co. W30/29/19 5,800 6 6
1 IC NG PL N 0 04/01 Unknown 2,900 3 3
2 IC NG PL 04/01 Unknown 2,900 3 3
TOTAL 4,012 4,326

Notes: (a) Polk Units 2 & 3 turbine name plate rating are based on 59 deg. F. The net capacity of these units vary with ambient air temperature.

(b) Big Bend Unit 3 derated (summer 50 MW/ winter 50 MW) until December 2007 outage.

(b)
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Tampa Electric Service Area & Generating Plant Map

Note: Phillips Station and Partnership Station are not on the diagram
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Tampa Electric Service Area Transmission Facility
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FORECAST OF ELECTRIC POWER, DEMAND, AND ENERGY CONSUMPTION

Schedule 2.1:  History and Forecast of Energy Consumption and Number of Customers by Customer Class

Schedule 2.2: History and Forecast of Energy Consumption and Number of Customers by Customer Class

Schedule 2.3: History and Forecast of Energy Consumption and Number of Customers by Customer Class

Schedule 3.1:  History and Forecast of Summer Peak Demand

Schedule 3.2 History and Forecast of Winter Peak Demand

Schedule 3.3: History and Forecast of Annual Net Energy for Load

Schedule 4:  Previous Year and 2-Year Forecast of Peak Demand and Net Energy for Load by Month

Schedule 5: History and Forecast of Fuel Requirements

Schedule 6.1:  History and Forecast of Net Energy for Load by Fuel Source in GWH

Schedule 6.2 History and Forecast of Net Energy for Load by Fuel Source as a Percentage
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M

Year

1997
1998
1999
2000
2001

2002
2003
2004
2005
2006

2007
2008
2009
2010
2011

2012
2013
2014
2015
2016

(2)

3

History and Forecast of Energy Consumption and

4

Schedule 2.1

Number of Customers by Customer Class

(5)

Rural and Residential

(6)

@

@

Commercial

©)

Hillsborough Average kWh Average kWh

County Members Per Consumption Consumption

Population Household GWH Customers* Per Customer GWH Customers® Per Customer
928,731 24 6,500 456,175 14,249 4,902 56,981 86,029
942 322 24 7,050 466,189 15,123 5,173 58,542 88,364
962,153 24 6,967 477,533 14,590 5,337 60,089 88,818
1,006,400 26 7,369 491,925 14,980 5,541 61,902 89,5612
1,030,200 26 7,594 505,964 15,009 5,685 63,316 89,788
1,053,900 26 8,046 518,554 15,516 5,832 64,665 90,188
1,084,198 25 8,265 531,257 15,557 5,843 66,041 88,475
1,106,487 25 8,293 544,313 15,236 5,988 67,488 88,727
1,127,449 25 8,558 558,601 15,320 6,233 69,027 90,298
1,161,959 25 8,721 575,111 15,164 6,357 70,205 90,549
1,187,727 25 9,277 589,307 15,742 6,619 71,900 92,061
1,214,066 25 9,570 603,394 15,861 6,800 73,327 92,737
1,240,988 25 9,881 617,561 15,999 6,993 74,753 93,653
1,267,305 25 10,192 631,430 16,142 7,189 76,153 94,408
1,290,727 25 10,505 645,029 16,286 7,389 77,530 95,310
1,314,377 25 10,829 659,079 16,431 7,592 78,927 96,186
1,339,471 25 11,174 673,981 16,579 7,812 80,367 97,202
1,362,985 25 11,525 689,615 16,713 8,040 81,842 98,238
1,386,990 2.4 11,871 705,667 16,822 8,270 83,335 99,242
1,408,645 24 12,240 721,830 16,957 8,504 84,830 100,253

December 31, 2006 Status

* Average of end-of-month customers for the calendar year.



Schedule 2.2

History and Forecast of Energy Consumption and
Number of Customers by Customer Class

(1) (2 (3 4 (5 (6) @ ®

Industrial Street & Other Sales Total Sales

Average kWh Railroads Highway to Public to Ultimate

Consumption and Railways Lighting Authorities Consumers
Year GWH Customers* Per Customer GWH GWH GWH GWH
1997 2,465 629 3,918,919 0 53 1,170 15,090
1998 2,520 682 3,695,015 0 54 1,231 16,028
1999 2,223 740 3,004,054 0 52 1,226 15,805
2000 2,390 776 3,079,897 0 53 1,285 16,638
2001 2,329 851 2,736,780 0 54 1,314 16,976
2002 2612 948 2,755,274 0 55 1,380 17,925
2003 2,580 1203 2,144,638 0 57 1,481 18,226
2004 2,556 1,299 1,967,667 0 58 1,542 18,437
2005 2,478 1,337 1,853,403 0 60 1,582 18,911
2006 2,279 1,485 1,534,680 0 61 1,607 19,025
2007 2,323 1,441 1,612,337 0 63 1,690 19,972
2008 2,359 1,479 1,594,340 0 65 1,741 20,536
2009 2,394 1,532 1,562,794 0 67 1,795 21,130
2010 2,429 1,589 1,528,608 0 69 1,843 21,722
2011 2,461 1,647 1,494,129 0 70 1,888 22,313
2012 2,494 1,706 1,461,599 0 72 1,934 22,921
2013 2,525 1,768 1,428,175 0 74 1,983 23,568
2014 2,557 1,835 1,393,264 0 75 2,037 24,234
2015 2,589 1,907 1,357,578 0 77 2,093 24,900
2016 2,623 1,983 1,322,443 0 78 2,148 25,593

December 31, 2006 Status

* Average of end-of-month customers for the calendar year.
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(1 2)

Sales for® Utility Use ™
Resale & Losses
Year GWH GWH
1997 507 73
1998 431 783
1999 533 900
2000 763 972
2001 684 74
2002 502 935
2003 587 985
2004 589 945
2005 712 952
2006 700 1,000
2007 682 1,019
2008 665 1,047
2009 634 1,076
2010 616 1,107
2011 285 1,137
2012 22 1,167
2013 137 1,200
2014 B 1,234
2015 78 1,267
2016 ~ 1,302

December 31, 2006 Status

History and Forecast of Energy Consumption and
Number of Customers by Customer Class

(3)

Schedule 2.3

Net Energy ™
for Load

*  Includes sales to Progress Energy Florida, Wauchula, Ft. Meade, St. Cloud and Reedy Creek.

** Utility Use and Losses include accrued sales.

=+ Net Energy for Load includes output to line including energy supplied by purchased cogeneration.

**** Average of end-of-month customers for the calendar year.

4

GWH

16,328
17,242
17,238
18373
18454

19,362
19,798
19971
20575
20,725

21672
22248
22840
234495
23735

24310
24905
25547
26,246
26974

(5)

Other

Customers

4,583
4839
5,299
5,497
5649

6,032
6,399
6,435
6,656
6,905

7,002
7,166
7332
7494
7,653

7816
7,989
8,169
8354
8540

(6

Total
Customers

518,368
530,252
543,661
560,100
575,780

590,199
604,900
619,535
635,621
653,706

669,650
685,366
701,178
716,666
731,859

747528
764,104
781,462
799,264
817,184



Schedule 3.1

History and Forecast of Summer Peak Demand

Base Case
(1 () (3) @ (5) (6) ) (8) (9) (10)
Residential Comm./Ind.
L.oad Residential Load Comm./Ind. Net Firm

Year Total * Wholesale™* Retail * Interruptible Management Conservation Management Conservation Demand
1997 3,187 106 3,081 225 95 39 21 24 2,677
1998 3,458 111 3,347 204 107 43 21 27 2,945
1999 3,648 190 3,458 193 98 48 19 31 3,069
2000 3,568 171 3,397 182 78 52 21 36 3,028
2001 3,730 178 3,552 181 90 55 21 40 3,165
2002 3,869 122 3,747 206 99 60 21 43 3318 k)
2003 3,854 122 3,732 188 63 65 21 44 3,351
2004 3,974 120 3,854 177 95 70 20 47 3,445
2005 4,218 128 4,090 144 79 73 19 49 3,725
2006 4,265 128 4,137 146 77 77 18 50 3,769
2007 4,421 187 4,234 150 66 78 16 52 3,872
2008 4,542 187 4,355 150 63 80 17 53 3,991
2009 4,656 177 4,479 150 62 82 17 55 4113
2010 4,780 177 4,603 150 61 84 18 56 4,235
2011 4,833 105 4,727 150 60 86 18 56 4,357
2012 4,962 105 4,856 150 59 87 19 57 4,484
2013 5,084 90 4,995 150 58 89 20 58 4,620
2014 5217 77 5,141 150 58 a0 20 58 4,765
2015 5,368 77 5,292 150 57 91 20 59 4915
2016 5,522 77 5,445 150 56 92 20 59 5,068

December 31, 2006 Status
* Includes residential and commercial/industrial conservation.
Includes sales to Progress Energy Florida, Wauchula, Ft. Meade, St. Cloud and Reedy Creek.
Net Firm Demand is not coincident with system peak.
ote: Values shown may be affected due to rounding.
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Schedule 3.2

History and Forecast of Winter Peak Demand

Base Case
n {2) 3) 4 {5) (6)
Residential
Load
Year Total ® Wholesale ** Retail * Interruptible Management
1996/97 3,632 109 3,523 228 164
1997/98 3,231 99 3,132 210 160
1998/99 3,985 131 3,854 152 266
1999/00 4,019 125 3,894 212 209
2000/01 4,405 136 4,269 191 196
2001/02 4217 127 4,090 168 176
2002/03 4,484 129 4,355 195 210
2003/04 3,949 120 3,829 254 136
2004/05 4,308 129 4179 194 189
2005/06 4,404 171 4,233 51 144
2006/07 5,057 191 4,866 160 143
2007/08 5,185 191 4,994 160 134
2008/09 5,303 178 5,124 160 131
2009/10 5,436 178 5,257 160 128
2010/11 5,565 178 5,387 160 126
2011/12 5627 107 5,520 160 124
2012/13 5,752 91 5,660 160 123
2013/14 5,887 77 5,810 160 121
2014/15 6,043 77 5,967 161 120
2015/16 6,203 77 6,126 160 118
December 31, 2006 Status
* Includes cumulative conservation.
> Includes sales to Progress Energy Florida, Wauchula, Fort Meade, St. Cloud and Reedy Creek.

Note: Values shown may be affected due to rounding.

@

Residential
Conservation

353
370
388
402
410

419
428
437

447

452
455
458
461
463

465
467
469
470
471

@)

Comm./Ind.
Load

Management

21
21
18
19
21

22
21
18
16
18

16
16
17
17
18

18
19
19
20
20

©)

Comm./Ind.
Conservation

88588 REBES

(10)

Net Firm
Demand

2,719
2,332
2,990
3,009
3,407

3,259
3,455
2,936
3,287
3,523

4,046
4178
4,308
4,440
4,568

4,700
4,839
4,988
5,143
5,304



Schedule 3.3

History and Forecast of Annual Net Energy for Load - GWH

Base Case
) (2) (3) (4) (5) (6) 7) 3 9)
Residential Comm./Ind. Utility Use Net Energy Load **
Year Yotal Conservation Conservation Retail Wholesale * & | osses for Load Factor %
1997 15,430 279 61 15,090 507 731 16,328 575
1998 16,400 297 76 16,027 431 783 17,241 58.1
1999 16,212 315 92 15,805 533 900 17,238 55.1
2000 17,083 333 112 16,638 763 g72 18,373 58.5
2001 17.444 346 122 16,976 684 794 18,454 533
2002 18,423 361 137 17,925 502 935 19,362 58.7
2003 18,756 378 152 18,226 587 985 19,799 56.4
2004 18,999 394 168 18,437 589 945 19,971 58.9
2005 19,491 404 176 18,911 712 952 20,575 573
2006 19,625 412 188 19,025 700 1000 20,725 572
2007 20,579 418 189 19,972 682 1019 21,672 543
2008 21,155 425 195 20,536 665 1047 22,248 541
2009 21,760 431 200 21,130 634 1076 22,840 54.4
2010 22,362 436 204 21,722 616 1107 23,445 544
2011 22,963 441 208 22,313 285 1137 23,735 53.7
2012 23,578 446 21 22,921 222 1167 24,310 542
2013 24,232 450 214 23,568 137 1200 24,905 543
2014 24,904 453 216 24,234 78 1234 25,547 54.4
2015 25,574 456 217 24,900 78 1267 26,246 543
2016 26,269 459 217 25,593 79 1302 26,974 541

December 31, 2006 Status

* Includes sales to Progress Energy Florida, Wauchula, Ft. Meade, St. Cloud and Reedy Creek.
** Load Factor is the ratio of total system average load to peak demand.
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)

Month
January
February
March
April
May
June
July
August
September

October
November
December

TOTAL

Schedule 4

Previous Year and 2-Year Forecast of Peak Demand and Net Energy for Load (NEL) by Month

()

3)

4)

()

(6)

(7)

2006 Actual 2007 Forecast 2008 Forecast

Peak Demand * NEL ** Peak Demand * NEL ** Peak Demand * NEL **

Mw GWH Mw GWH Mw GWH
3,204 1,546 4,555 1,629 4,679 1,691
3,906 1,410 3,746 1,443 3,852 1,483
2,952 1,518 3,528 1,600 3,626 1,630
3,687 1,639 3,496 1,584 3,591 1,621
3,753 1,831 3,982 1,922 4,088 1,971
3,951 1,967 4174 2,022 4,285 2,070
4,046 2,040 4,300 2,178 4,416 2,227
4,138 2,135 4,291 2,205 4,408 2,246
3,840 1,915 4,141 2,036 4,254 2,082
3,665 1,732 3,866 1,869 3,974 1,920
3,128 1,468 3,504 1,550 3,605 1,600
2,799 1,526 3,748 1,634 3,855 1,707
20,725 21,673 22,248

December 31, 2006 Status

*

**  Values shown may be affected due to rounding.

Peak demand represents total retail and wholesale demand, excluding conservation impacts.




Schedule 5

History and Forecast of Fuel Requirements

(1 (2) 3) 4) (5) (6) @) (8) (9} (10) (11) (12) (13) (14) (15) (16)

Actual Actual

Fuel Requirements Unit 2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016
(1) Nuclear Trillion BTU 4] 0 [s] o] 0 0 0 0 V] 0 0 0
{2) Coal 1000 Ton 4,072 4,637 4,344 4,241 4,220 4,175 4,358 4,349 4,754 4,630 4,652 4,718
(3) Residual Total 1000 BBL ' 110 47 28 9 2 1 5 5 1 2 3 3
(4) Steam 1000 BBL 0 0 0 0 0 0 0 0 0 0 0 0
(5) CC 1000 BBL 0 0 0 0 0 0 0 o} 0 0 o 0
(6) CT 1000 BBL 0 0 0 0 0 0 o] 0 0 0 0 0
(7) Diesel (A) 1000 BBL 110 47 28 9 2 1 5 5 1 2 3 3
(8) Distillate Total 1000 BBL 116 78 90 96 91 88 97 92 94 94 88 96
(9) Steam 1000 BBL o 0 0 0 0 0 0 0 0 0 0 0
(10) ccC 1000 BBL 75 71 87 91 89 86 91 85 91 91 86 91
{11) CcT 1000 BBL 42
(12) Diesel 1000 BBL 4} 0 o} o 0 0 0 0 0 0 0 o}
{(13) Natural Gas Total 1000 MCF 54,391 51,740 58,109 60,105 60,802 60,980 62,032 64,522 49,804 54,118 58,466 65,421
(14) Steam 1000 MCF 0 0 0 0 0 0 0 0 0 0 o} 0
(15) CcC 1000 MCF 53,166 49,823 57,179 58,255 60,089 59,636 58,662 60,383 47,988 51,354 54,247 58,660
(16) CcT 1000 MCF 1,225 1,917 931 1,850 714 1,344 3,370 4,139 1,817 2,764 4,219 6,761
{(17) Other (Specify)
(18) Petroleum Coke 1000 Ton 362 383 519 637 625 617 651 623 2010 2005 2037 1882

* Values shown may be affected due to rounding.
** All values exclude ignition.
(A) Phillips Unit 3 retired March 2006, data reported as diesel for Phillips Units 1 and 2.
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Schedule 6.1

History and Forecast of Net Energy for Load by Fuel Source in GWH

M 2 (3 4 (5} (6) Y] (8 )] (10) (an (12) (13) (14) (15) (16}

Actual Actual

Energy Sources Unit 2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016
(1) Annual Firm Interchange GWH 209 369 785 347 206 269 588 712 288 324 313 303
(2) Nuclear GWH 0 0 0 0 0 0 0 0 0 0 0 0
(3) Coal GWH 8,705 9,906 9,398 9,285 9,144 9,021 9,447 9,367 10,249 9,963 10,017 10,162
(4) Residual Total GWH 71 29 18 6 1 1 3 3 1 1 2 2
(6) Steam GWH 0 0 0 0 0 0 0 0 0 0 0 ]
(6) cC GWH 0 0 0 0 0 0 0 0 4] 0 0 0
(7 cT GWH 0 0 0 0 0 0 0 0 0 0 0 0
(8) Diesel ) GWH 71 29 18 6 1 1 3 3 1 1 2 2
(9) Distillate Total GWH 64 45 49 52 49 48 53 49 51 51 48 52
(10) Steam GWH 0 0 0 0 0 0 0 0 0 0 0 0
(11) CcC GWH 47 42 48 50 49 47 50 47 50 50 47 50
(12) CT GWH 18 2 1 2 1 1 3 3 1 2 1 2
(13) Diesel GWH 0 0 0 0 0 0 0 0 0 0 0 0
(14) Natural Gas Total GWH 7,567 7,136 8,020 8,254 8,416 8,414 8,451 8,775 6,814 7,373 7,934 8,811
(16) Steam GWH 0 0 0 0 0 0 0 (4] 0 0 0 0
(16) cC GWH 7,461 6,971 7,942 8,098 8,357 8,294 8,157 8,411 6,662 7,130 7,530 8,153
17 CcT GWH 106 165 78 156 59 120 294 364 152 243 404 658
(18) Other (Specify)
(19) Petroleum Coke Generation GWH 955 1,011 1,368 1,681 1,651 1,631 1,720 1,644 5,807 5,794 5,899 5,422
{20} Net Interchange GWH 2,470 1,654 1,508 2,097 2,845 3,695 3,157 3,538 1,475 1,820 1,812 2,012
{21) Purchased Energy from
(22) Non-Utility Generators GWH 534 576 526 527 526 366 317 222 221 221 221 208
(23) Net Energy for Load* GWH 20,575 20,725 21,671 22,248 22,839 23,444 23,736 24,309 24,906 25,547 26,246 26,972

® Values shown may be affected due to rounding.
(A) Phillips Unit 3 retired March 2006, data reported as diesel for Phillips Units 1 and 2.



Schedule 6.2

History and Forecast of Net Energy for Load by Fuel Source as Percentage

(W) (2) (3) ) (5) (6) 0] (8) ©) (10) (11) (12) (13) (14) (15) (16)

Actual Actual

Energy Sources Unit 2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016
{1 Annual Firm Interchange % 1.0 1.8 3.6 1.6 0.9 1.1 2.5 29 1.2 1.3 1.2 1.1
(2) Nuclear % 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
(3) Coal % 423 478 43.4 41.7 40.0 385 398 38.5 411 39.0 38.2 377
4) Residual Total % 0.3 01 0.1 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
(5) Steam % 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
(6) ccC (A) % 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
@ cT % 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
(8) Diesel % 0.3 0.1 0.1 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
(9) Distillate Total % 0.3 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2
(10) Steam % 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 00 0.0 0.0 0.0
(1) cC % 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2
(12) CcT % 0.1 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
(13) Diesel % 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
(14) Natural Gas Total % 36.8 344 370 371 368 359 356 36.1 274 289 30.2 32 7
(15) Steam % 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
(16) CcC % 36.3 336 36.6 36.4 36.6 35.4 344 346 26.7 279 28.7 30.2
17) CT % 05 0.8 04 0.7 03 0.5 1.2 1.5 0.6 1.0 1.5 2.4
(18)  Other (Specify)
(19) Petroleum Coke Generation % 4.6 4.9 6.3 76 7.2 7.0 7.2 6.8 233 22.7 225 20.1
(20) Net interchange % 12.0 8.0 7.0 94 125 15.8 133 146 59 71 6.9 75
{21) Purchased Energy from
(22) Non-Utility Generators % 26 28 24 24 23 16 13 0.9 0.9 0.9 0.8 0.8
(23) Net Energy for Load* % 100.0 100.0 100.0 100.0 100.0 100.0 100.0 100.0 100.0 100.0 100.0 100.0

* Values shown may be affected due to rounding.
(A) Phillips Unit 3 retired March 2006, data reported as diesel for Phillips Units 1 and 2.
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Tampa Electric Compziny_ Ft}

The Customer, Demand and Energy Forecast is the
foundation from which the integrated resource plan is
developed. Recognizing its impertance, Tampa Electric
employs the necessary methodologies for carrying out this
function. The primary objective of this procedure is to blend
proven statistical technigues with practical forecasting
experience to provide a projection, which represents the
highest probability of occurrence.

This chapter is devoted to describing Tampa Electric's
forecasting methods and the major assumptions utilized in
developing the 2007-2016 forecasts. The data tables in
Chapter Il outfine the expected customer, demand, and
energy values for the 2007-2016 time period.

Retail Load

MetrixND, an advanced statistics program for analysis
and forecasting, was used to develop the 2007-2016
Customer, Demand and Energy forecasts. This software
provides a platform for the development of more dynamic
and fully integrated models.

In addition, Tampa Electric uses MetrixLT, which
integrates with MetrixND to develop multiple-year forecasts
of energy usage at the hourly level. This tool allows the
annual or monthly forecasts in MetrixND to be combined
with hourly load shape data to develop a long-term
“bottom-up” forecast, which is consistent with short-term
statistical forecasts.

Tampa Electric's retail customer, demand and energy
forecasts are the result of six separate forecasting analyses:

1. economic analysis;

2. customer analysis;

3. energy analysis;

4, peak demand analysis;
5. phosphate analysis; and

6. Demand'Side Management analysis

sophisticated and primary load forecasting models. The
phosphate demand and energy is forecasted separately and
then combined in the final forecast. Likewise, the effect of
Tampa Electric’'s conservation, load management, and
cogeneration programs is incorporated into the process by
subtracting the expected reduction in demand and energy
from the forecast.

1. Economic Analysis

The economic assumptions used in the forecast models
are derived from forecasts from Economy.com and the
University of Florida‘s Bureau of Economic and Business
Research (BEBR).

See the “Base Case Forecast Assumptions” section of
this chapter for an explanation of the most significant
economic inputs to the MetrixND models. -

2. Customer Multiregression Model

The customer multiregression forecasting model is an
eight-equation model. The equations forecast the number
of customers by eight major categories. The primary
economic drivers in the customer forecast models are state
population estimates, service area households and
Hillsborough County employment growth.

1. Residential Customer Model: Customer
projections are a function of Florida's population.
Since a strong correlation exists between historical
changes in service area customers and historical
changes in Florida‘s population, Florida population
estimates for 2007-2026 were used to forecast the
future growth patterns in residential customers.

2. Commercial Customer Model: Total commercial
customers include commercial customers plus
temporary service customers (temparary poles on
construction sites); therefore, two madels are tsed
to forecast total commercial customers:

2. The Commercial Customer Mode! is 2

Tampa Electric Ten-Year Site Plan | 2007 24




function of residential customers. An
increase in the number of households
provides the need for additional services,
restaurants, and retail establishments. The
amount of residential activity also plays a
part in the attractiveness of the Tampa Bay
area as a place to relocate or start a new
business.

b. Projections of employment in the
construction sector are a good indicator of
expected increases and decreases in local
construction activity. Therefore, the
Temporary Service model projects the
number of customers as a function of
construction employment.

3.Industrial Customer Mode/ (Non-Phosphate):
Non-phosphate industrial customers include
three rate classes that have been modeled
individually: General Service, General Service
Demand and General Service Large Demand.

a. The General Service Customer Model is a
function of Hillsborough County commercial
employment.

b. The General Service Demand Customer
Model is a function of Hilisborough County
commercial employment. Since the structure
of our local industrial sector has been
shifting from an energy-intense
manufacturing sector to a non-energy
intense manufacturing sector, the type of
customers in this sector have qualities of
large scaled commercial customers.

¢. The General Service Large Demand Customer
Model is a function of Hillsborough County

Manufacturing Employment.

25 Tampa Electric Ten-Year Site Plan | 2007

4. Public Authority Customer Model: Customer
projections are a function of Florida’s population.
The need for public services will depend on the
number of people in the region; therefore,
consistent with the residential customer model,
Florida's population projections are used to
determine future growth in the public authorities
sector.

5. Street & Highway Lighting Customer Model:
As the number of commercial customers increases
so does the need for infrastructure expansion, such
as street and highway lighting. Therefore, the
commercial customer forecast is the basis for the
Street & Highway Lighting customer model.

3. Energy Multiregression Model

There are a total of eight energy models. All of these

~models represent average usage per customer

(kWh/customer), except for the temporary services model
which represents total kWh sales. The average usage
models interact with the customer models to arrive at total
sales for each class.

The energy models are based on an approach known as
Statistically Adjusted Engineering (SAE). SAE entails
specifying end-use variables, such as heating, cooling and
base use appliance/equipment, and incorporating these
variables into regression models. This approach allows the
models to capture long-term structural changes that end-use
models are known for, while also performing well in the
short-term time frame, as do econometric regression models.

1. Residential Energy Model: The residential
forecast model is made up of three major
components: (1) The end-use equipment index
variables, which capture the long-term net effect
of equipment saturation and equipment efficiency

improvements; (2):The second component serves

to capture changes in the economy such as .




household income, household size, and the price
of electricity; and, (3) The third component is made
up of weather variables, which serve to allocate
the seasonal impacts of weather throughout the
year. The SAE model framework begins by
defining energy use for an average customer in
year (y) and month (m) as the sum of energy used
by heating equipment (XHeat y,m), cooling
equipment (XCool y,m), and other equipment
(XCther y,m). The XHeat, XCoo!, and XOther
variables are defined as a product of an annual
equipment index and a monthly usage
multiplier.

Average Usage ,,, = (XHeat,,, + XCool ,, + XOther ;)
Where:

XHeat , = HeatEquipindexy  x  HeatUse ym
XCool | = CoolEquipindexy  x  CoolUse ym
XOtherUse ,, = OtherEquipindexy ~x  OtherUse ym

The annual equipment variables (HeatEquipindex,
CoolEquipindex, OtherFquipindex) are defined as a weighted
average across equipment types multiplied by equipment
saturation levels normalized by operating efficiency levels.
Given a set of fixed weights, the index will change over time
with changes in equipment saturations and operating
efficiencies. The weights are defined by the estimated
energy use per household for each equipment type in the
base year.

Where:

HeatEquipindex = Y Weight x

Saturationy / Efficiency y
= Saturation basey / Efficiency base

Saturationy / Efficiency y
Saturation basey / Efficiency base

Saturationy / Efficiency y
Saturation basey / Efficiency base

)
)
)

CoolEquipindex = Y. Weight x

Tech

OtherEquipindex = Y, Weight x

Tech

Next, the monthly usage multiplier or utilization
variable (HeatUse, CoolUse, OtherUse) are defined using
economic and weather variables. A customer’s monthly
usage level is impacted by several factors, including weather,

household size, income levels, electricity prices and the
number of days in the billing cycle. The degree day variables
serve to allocate the seasonal impacts of weather
throughout the year, while the remaining variables serve to

capture changes in the economy.
30
HDDy, m
m X Normal HDD

-.30 .30
X HH Income y, m HH Size y, m
HH Income basey, m X HH Size basey,
.30
CDDy,m
m X Normal CDD
OtherUse ym

30
X HH Size y, m
m HH Size basey,
{ -.30 .30 .25
Price y, m Billing Days y, m
- X X X Q- 0 0%y
Vrlce basey, m H m H m Billing Days base y,

The SAE approach to modeling provides a powerful
framework for developing short-term and long-term energy
forecasts. This approach reflects changes in equipment
saturation and efficiency levels and gives estimates of
weather sensitivity that varies over time as well as estimate
trend adjustments.

HeatUse ym

I Price y, m
\Price basey, m

CoolUse ym

-.30
Pricey, m X
Price basey, m H

HH Income y, m

H Income base y,

HH Income y, m
H Income base y,

HH Size y, m
H Size base,

)

2. Commercial Energy Models:

Total Commercial energy sales include commercial
sales plus temporary service sales (temporary poles on
construction sites); therefore, two models are used to
forecast total commercial energy sales.
a.Commercial Energy Model: The model
framework for the commercial sector is the same
as the residential model; it also has three major
components and utilizes the SAE model
framework. The differences lie in the type of
end-use equipment and in the economic
variables used. The end-use equipment variables
are based on commercial appliance/equipment
saturation and efficiency assumptions. The
economic drivers in the commercial model are
commercial productivity measured in terms of
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3.

dollar output and the price of electricity for the
commercial sector. The third component,
weather variables, is the same as in the
residential model.

b.Temporary Service Energy Model: The model is a
subset of the total commercial sector and is a
rather small percentage of the total commercial
sector. Although small in nature, it is still a
component that needs to be included. A simple
regression model is used with the primary drivers
being the construction sector’s productivity and
heating and cooling degree-days.

Industrial Energy Model (Non-Phosphate):

Non-phosphate industrial energy includes three rate
classes that have been modeled individually: General
Service, General Service Demand and General Service
Large Demand.

a.The General Service Energy Model has two major
components. Utilizing the SAE model
framework, the first component, economic index
variables, includes estimates for manufacturing
output and the price of electricity in the
industrial sector. The second component is a
cooling degree-day variable. Unlike the previous
models discussed, heating load does not impact
the industrial sector.

b.The General Service Demand Energy Model is
modeled like the General Service Energy Model.

¢. The General Service Large Demand Customer
Model is based on an Industrial Production
Manufacturing Index and a cooling degree day
variable.

4. Public Authority Sector Model:

Within this model, the equipment index is based on
the same commercial equipment saturation and
efficiency assumptions used in the commercial model.
The economic component is based on government
sector productivity and the price of electricity in this
sector. Weather variables are consistent with the

Tampa Electric Ten-Year Site Plan | 2007

residential and commercial models.
5. Street & Highway Lighting Sector Model:

The street and highway lighting sector is not
impacted by weather; therefore; it is a rather simple
mode! and the SAE modeling approach does not
apply. The model is a linear regression model where
street & highway lighting energy consumption is a
function of the number of billing days in the cycle,
and the number of daylight hours in a day for each
month.

The eight energy models described above plus an
exogenous interruptible and phosphate forecast are
added together to arrive at the total retail energy
sales forecast.

in summary, the SAE approach to modeling provides a
powerful framework for developing short-term and long-
term energy forecasts. This approach reflects changes in
equipment saturation and efficiency levels, gives estimates of
weather sensitivity that varies over time, as well as estimates
trend adjustments.

4. Demand Multiregression Models

After the total retail energy sales forecast is complete, it
is integrated into the peak demand model as an
independent variable along with weather variables. The
energy variable represents the long-term economic and
appliance trend impacts. To stabilize the peak demand data
series and improve model accuracy, the volatility of the
phosphate load is removed. To further stabilize the data, the
peak demand models project on a per customer basis.

The weather variables provide the monthly seasonality to
the peaks. The weather variables used are heating and
cooling degree-days for both the temperature at the time of
the peak and the 24-hour average on the day of the peak.
By incorporating both temperatures, the model is accounting
for the fact that cold/heat buildup contributes to
determining the peak day.

The non-phosphate per customer kW forecast is
multiplied by the final customer forecast. This result is then
aggregated with a phosphate coincident peak forecast to



arrive at the final projected peak demand.
5. Phosphate Demand and Energy Analysis
Because Tampa Electric’s phosphate customers are
relatively few in number, the company’s
Commercial/industrial Customer Service Department has
obtained detailed knowledge of industry developments
including:
1. knowledge of expansion and close-out plans;
2. familiarity with historical and projected trends;
3. personal contact with industry personnel;
4. governmental legislation;
5

familiarity with worldwide demand for phosphate
products.

This department’s familiarity with industry dynamics and
their close working relationship with phosphate company
representatives were used to form the basis for a survey of
the phosphate customers to determine their future energy
and demand requirements. This survey is the foundation
upon which the phosphate forecast is based. Further inputs
are provided by the multiregression model's phosphate
demand equations and discussions with industry experts.

6. Demand Side Management and
Cogeneration Programs
Tampa Electric has developed conservation, load
management and cogeneration programs to achieve five
major objectives:
1. Defer expansion, particularly production plant
construction.

2. Reduce marginal fuel cost by managing energy
usage during higher fuel cost periods

3. Provide customers with some ability to control
energy usage and decrease energy costs.

4. Pursue the cost-effective accomplishment of the
Florida Public Service Commission (FPSC) ten-year
demand and energy goals for the residential and
commercialfindustrial sectors.

5. Achieve the comprehensive energy policy objectives
as required by the Florida Energy Efficiency
Conservation Act.

The company’s current Demand Side Management
(DSM) plan contains a mix of proven, mature programs that
focus on the market place demand for their specific
offerings. The following is a list that briefly describes the
company’s programs:

1. Heating and Cooling - Encourages the installation

of high-efficiency residential heating and cooling
eguipment.

2. Load Management - Reduces weather-sensitive
heating, cooling, water heating and pool pump
loads through a radio signal control mechanism.
Commercial and industrial programs are offered.
Although Tampa Electric's residential program is
currently closed to new participants, the company
had over 57,000 participating customers through
December 31, 2006.

3. Energy Audits - The program is a "how to"
information and analysis guide for customers. Five
types of audits are available to Tampa Electric
customers; three types are for residential class
customers and two types for commercial/industrial
customers.

4,  Ceiling Insulation - An incentive program for
existing residential structures which will help to
supplement the cost of adding additional
insulation.

5.  Commercial Indoor Lighting - Encourages

investment in more efficient lighting technologies
within existing commercial facilities.

6.  Standby Generator - A program designed to utilize
the emergency generation capacity of
commercial/industrial facilities in order to reduce
weather sensitive peak demand.

7. Conservation Value - Encourages investments in
measures that are not sanctioned by other
commercial programs.

8. Duct Repair - An incentive program for existing
homeowners which will help to supplement the
cost of repairing leaky ductwork of central
air—conditioning systems.

9. Cogeneration - A program whereby large industrial
customers with waste heat or fuel resources may
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install electric generating equipment, meet their
own electrical requirements and/or sell their surplus
to the company.

10. Commercial Cooling - Encourages the installation
of high efficiency direct expansion commercial
cooling equipment.

11.  Energy Plus Homes - Encourages the construction
of residential dwellings at efficiency levels greater
than current Florida building code baseline
practices.

12. Price Responsive Load Management (pilot) — A load
management project designed to reduce weather
sensitive peak loads by offering a multi-tiered rate
structure as an incentive for participating customers
to reduce their electric demand during high cost or
critical periods of generation.

The programs listed above were developed to meet the
FPSC demand and energy goals established in Docket No.
040033-EG, approved on August 9, 2004. The 2005
demand and energy savings achieved by conservation and
load management programs are listed in Table lll-1.

Tampa Electric developed a Monitoring and Evaluation
(M&E) plan in response to requirements filed in Docket No.
941173-EG. The M&E plan was designed to effectively
accomplish the required objective with prudent application
of resources.

The M&E plan has as its focus two distinct areas: process
evaluation and impact evaluation. Process evaluation
examines how well a program has been implemented
including the efficiency of delivery and customer satisfaction
regarding the usefulness and quality of the services
delivered. Impact evaluation is an evaluation of the change
in demand and energy consumption achieved through
program participation. The results of these evaluations give
Tampa Electric insight into the direction that should be taken
to refine delivery processes, program standards, and overall
program cost-effectiveness.

Although Tampa Electric is exceeding its current DSM
goals, the company is currently undertaking several steps to
determine what, if any, additional conservation and load
management offerings can be made available to its
customers in an effort to further advance the five objectives
previously stated. This effort is being driven by recent
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increased avoided generating unit and fuel costs.
Specifically, Tampa Electric is systematically conducting the
following evaluations:

1. Reviewing a full complement of residential and
commercial DSM measures for cost-effectiveness
and possible inclusion into a program offering to
customers;

2. Utilizing M&E data to assist in the evaluation of all
current programs to determine if incentive
structures and program delivery mechanisms may
be modified to secure additional customer
participation;

3. Conducting an exhaustive review of DSM programs
offered by other utilities in similar climate zones to
determine their applicability in Tampa Electric’s
service area;

4.  Exploring demand response as a viable commercial
offering; and,

5. Gathering data from field personnel concerning
energy consumption issues from the customer's
perspective and determining the potential for cost-
effective DSM solutions.

Tampa Electric’s residential pilot program, Price
Responsive Load Management, is a demand response
program that has shown great promise for load shifting and
energy conservation. The company is in the final phase of
preparing to request Commission approval to offer the
program on a permanent basis. It is anticipated the program
offering will be available to customers by third quarter 2007.

Wholesale Load

Tampa Electric’s firm long-term wholesale sales consist of
five (5) sales contracts with the Cities of Wauchula, Fort
Meade, St. Cloud, Progress Energy Florida and Reedy Creek
Improvement District.

Since Tampa Electric’s sales to Wauchula and Fort Meade
will vary over time based on the strength of the loca!
economies, a multiple regression approach similar to that
used for forecasting Tampa Electric's retail load has been
utilized. Under this methodology, two equations have been
developed for each municipality for forecasting energy: 1)
customer forecast and 2) average usage forecast. The peak
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Year
2005
2006

Year
2005
2006

Year
2005
2006

Winter Peak MW Reduction

Commiission
Total Approved %
Achieved Goal Variance
42 4.0 105.0%
8.2 6.7 122.4%

Winter Peak MW Reduction

Commission
Total Approved %
Achieved Goal Variance
3.4 1.0 340.0%
3.8 2.0 190.0%

Winter Peak MW Reduction

Commission
Total Approved %
Achieved Goal Variance
7.6 5.0 152.0%
12.0 8.7 137.9%

TABLE III-1
Comparison of Achieved MW and GWh Reductions With Flerida Public Service Commission Goals

Residential
Summer Peak MW Reduction
Commission
Total Approved %
Achieved Goal Variance
2.8 2.4 116.7%
6.1 44 138.6%

Commercial/Industrial

Summer Peak MW Reduction

Commission
Total Approved %
Achieved Goal Variance
43 2.1 204.8%
5.8 44 131.8%

Combined Total

Summer Peak MW Reduction

Commission
Totat Approved %
Achieved Goal Variance
7.1 4.5 157.8%
11.9 8.8 135.2%

Total
Achieved
77
16.3

Total
Achieved
7.9
15.3

Total
Achieved
15.6
31.6

GWh Energy Reduction
Commission
Approved
Goal
7.0
12.6

GWh Energy Reduction
Commission
Approved
Goal
6.7
12.8

GWh Energy Reduction
Commission
Approved
Goal
13.7
25.4

%
Variance
110.0%
129.4%

%
Variance
117.9%
119.5%

%
Variance
113.9%
124.4%
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models for these two cities use sales forecast trend variables
and heating and cooling degree variables as inputs.

Florida Municipal Power Agency will commence serving
City of Fort Meade's electric load on January 1, 2009 and
will include the city's load in its 2007 Ten-Year Site Plan.

Tampa Electric will continue to serve the City of Fort Meade's

electric load through December 31, 2008.

For the remaining wholesale customers, future sales for a

given year are based on the specific terms of their contracts
with Tampa Electric.

Base Case Forecast Assumptions

Retail Load

Numerous assumptions are inputs to the MetrixND
models of which the more significant ones are listed below.

1. Population and Households;

2. Commercial, Industrial and Governmental
Employment;

Commercial, Industrial and Governmental Qutput;
Real Household Income;

Price of Electricity,

Appliance Efficiency Standards; and

Weather.

N o vk~ W

1. Population and Households

The state population forecast is the starting point for
developing the customer and energy projections.
Both the University of Florida’s Bureau of Economic
and Business Research (BEBR) and Economy.com
supply population projections for Hillsborough
County and Florida. The population forecast is based
upon the projections of BEBR in the short term and is
a blend in the long term of BEBR and Economy.com.
Over the next ten years (2007-2016) the average
annual population growth rate in both Hillsborough
County and Florida is expected to be 2%. In addition,
Economy.com provides household data as an input to
the residential average use model.
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2. Commercial, Industrial and Governmental

Employment

Commercial and industrial employment assumptions
are utilized in computing the number of customers in
their respective sectors. It is imperative that
employment growth be consistent with the expected
population expansion and unemployment levels.
Over the next ten years, employment is assumed to
rise at a 3% average annual rate. Economy.com
supplies employment projections.

3. Commercial, Industrial and Governmental

Output

In addition to employment, output in terms of real
gross domestic product by employment sector is
utilized in computing energy in their respective
sectors. Over the next ten years, output for the
entire employment sector is assumed to rise at a
4.8% average annual rate. Economy.com supplies
output projections.

4. Real Household income

Economy.com supplies the assumptions for
Hillsborough County’s real household income growth.
During 2007-2016, real household income for
Hillsborough County is expected to increase at a
1.6% average annual rate.

5. Price of Electricity

Forecasts for the price of electricity by customer class
are supplied by Tampa Electric’s Regulatory
Department.

6. Appliance Efficiency Standards

Another factor influencing energy consumption is the
movement toward more efficient appliances. The
forces behind this development include market
pressures for more energy-saving devices and the
appliance efficiency standards enacted by the state
and federal governments.



Also influencing energy consumption is the saturation
levels of appliances. The saturation trend for heating
appliances is increasing through time; however,
overall electricity consumption actually declines over
time as less efficient heating technologies (room
heating and furnaces) are replaced with more
efficient technologies (heat pumps).  Similarly,
cooling equipment saturation will continue to
increase, but be offset by heat pump and central air
conditioning efficiency gains.

Improvements in the efficiency of other non-weather
related appliances also helps to lower electricity
growth; however, any efficiency gains are offset by
the increasing saturation trend of electronic
equipment and appliances in households throughout
the forecast period.

7. Weather

Since weather is the most difficult input to project,
historical data is the major determinant in developing
temperature profiles. For example, monthly profiles
used in calculating energy consumption are based on
twenty years of historical data. In addition, the
temperature profiles used in projecting the winter
and summer system peak are based on an
examination of the minimum and maximum
temperatures for the past twenty years plus the
temperatures on peak days for the past twenty years.

In summary, despite the high saturation of electric
appliances, increased appliance and equipment efficiencies
will slow residential usage making them less sensitive to
changes in temperature through time. However, economic
conditions such as the decreasing real price of electricity and
the increasing household income will mitigate any decline in
consumption and actually increase overall energy
consumption.

High and Low Scenario Focus

The base case scenario is tested for sensitivity to varying
economic conditions and customer growth rates. The high
and low peak demand and energy scenarios represent
alternatives to the company’s base case outlook. The high
scenario represents more optimistic economic conditions in
the areas of customers, employment, and income. The low
band represents a less optimistic scenario in the same areas.
Compared to the base case, the expected customer and
economic growth rates are 0.5% higher in the high scenario
and 0.5% lower in the low scenario.

History and Forecast of Energy Use

A history and forecast of energy consumption by
customer classification are shown in Schedules 2.1 - 2.3.

Retail Energy

For 2007-2016, retail energy sales are projected to rise at
a 2.8% annual rate. The major contributor to growth is the
residential category, increasing at an annual rate of 3.1%.

Wholesale Energy

Wholesale energy sales to Progress Energy Florida,
Wauchula, Ft. Meade, St. Cloud, and Reedy Creek are
expected to be 682 GWH in 2007. In 2011, sales drop
substantially to 285 GWH and continue to decline to 137
GWH in 2013 and 78 in 2014.

History and Forecast of Peak Loads

Historical and base scenario forecasts of peak loads for
the summer and winter seasons are presented in Schedules
3.1 and 3.2, respectively. For the 2007-2016 period, Tampa
Electric's base case retail firm peak demand for winter and
summer are expected to advance at annual rates of 3.1%
and 3.0% respectively.
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Forecast of Facilities Requireme

The proposed generating facility additions and changes
shown in Schedule 8 integrate DSM programs and
generating resources to provide economical, reliable service
to Tampa Electric’'s customers. Various energy resource plan
alternatives comprised of a mixture of generating
technologies, purchased power, and cost-effective DSM
programs are developed to determine this plan. These
alternatives are combined with existing supply resources and
analyzed to determine the energy resource option which
best meets Tampa Electric’s future system demand and
energy requirements. A detailed discussion of Tampa
Electric’s integrated resource planning process is included in
Chapter V.

The results of the integrated resource planning process
provide Tampa Electric with a plan that is cost-effective while
maintaining system reliability, balancing engineering
concerns and other issues. To meet the expected system
demand and energy requirements over the next ten years
both peaking and base load capacity is needed. The
peaking capacity need will be met by self-build and peaking
power purchases throughout the ten year planning period.
The base load capacity needs will be met by building one
integrated coal gasification combined cycle unit planned for
2013. The operating and cost parameters associated with
the capacity additions resulting from the analysis are shown
in Schedule 8.

As the construction start dates for each scheduled unit
approaches, Tampa Electric will continue to look for
competitive purchased power agreements that may replace
or delay the planned unit additions. Such alternatives will be
considered, if they are better suited to achieving the overall
objective of providing reliable power in the most cost-
effective manner. Assumptions and information that impact
the plan are discussed in the following sections.and in
Chapter.V.

the fall of 2006 Tampa Electric solicited offers for
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peaking generation as an alternative to scheduled units
through a Request for Proposal (RFP). The overriding
objective of this RFP was to solicit bids for competitive
resources that provide Tampa Electric with reliable and cost-
effective capacity alternatives to satisfy its projected capacity
requirements. The RFP was open to products within the
Florida Reliability Coordinating Council (FRCC) North
American Electric Reliability Council (NERC) Region as well as
products originating outside of the FRCC given that the
seller obtained the appropriate firm transmission service(s) to
assure delivery. Tampa Electric requested proposals from all
potential suppliers capable of satisfying the conditions of the
RFP, including other electric utilities, power marketers,
exempt wholesale generators, independent power
producers, and qualifying facilities.

Through the RFP, Tampa Electric Company was seeking
power supply proposals to meet its requirements for electric
generating capacity and associated energy commencing on
January 1, 2009, which provided the best value to its
customers based on cost, reliability, and flexibility. In the RFP,
Tampa Electric solicited proposals for peaking capacity and
associated energy in the amounts, and during the time
periods, described in the table below:

COMMENCEMENT
DATE

REQUESTED CUMULATIVE
CAPACITY AMOUNTS CAPACITY AMOUNTS
{(MW) REQUESTED (MW)

January 1, 2009

May 1, 2011

May 1, 2012 and
‘beyond



Tampa Electric received numerous offers for both existing
and new generation. The offers were first prioritized based
on their economic viability to offset or delay Tampa Electric
self build generation. Factors used in determining this viability
included capacity charge, fuel costs, variable and fixed
operations and maintenance costs, startup costs and other
charges associated with the offers. Several of the highest
ranked offers were determined to be potentially cost effective
alternatives to Tampa Electric self build options. Tampa Electric
conducted a detailed cost analysis for each of these highest
ranked offers using PROMOD, an economic dispatch model,
in conjunction with an incremental capital revenue requirement
calculation. Tampa Electric found several alternatives that
demonstrated a benefit to Tampa Electric’s customers through
a combination of fuel savings and the offset or delay of
Tampa Electric’s next scheduled self build unit(s). Tampa
Electric is currently in negotiation with these parties with the
intent to complete purchased power agreements for the
generation. The need expected to be filled as a result of this
RFP is approximately 168 MW in the winter and 158 MW in
the summer starting 2009 through 2011 and an additional
168 MW in the winter and 158 MW in the summer starting in
May 1, 2011. Tampa Electric expects to complete negotiation
of purchase power agreements during the second quarter of 2007.

IGCC Technology

In 1996, Tampa Electric began commercial operation of the
Polk Power Station, originally a 260-megawatt Integrated
Gasification Combined Cycle power plant. Operational
improvements developed by Tampa Electric and the cost of
fuel make the Polk IGCC Unit the most economical unit on
Tampa Electric’s system. Polk Unit 1 has inherently low
environmental emissions due to the IGCC technology. Polk
Unit 6 will have even lower emissions than Polk 1 and will
also be designed to be carbon capture ready. Because Polk
Unit 1 has established 1GCC as a clean, economical and
reliable technology, IGCC technology is the logical candidate
for future baseload needs. In addition to these factors, fuel
diversity is also an important consideration for future baseload
generation. Tampa Electric has recognized and responded to
federal and state fuel diversity concerns. Both the federal
government through the Energy Policy Act of 2005 and the
state of Florida through the 2006 Florida Energy Plan have

recognized the benefits of fuel diversity and advancing
electric generation technology. One method by which the
federal government has addressed concerns regarding fuel
diversity has been to encourage the development of
advanced clean-coal technologies. In 2006, the Internal
Revenue Service and U. S. Department of Energy awarded
Tampa Electric $133 million in tax credits for a proposed
630 megawatt IGCC project to be built at the company’s
Polk Power Station.

Tampa Electric’s 2006 fuel mix on a capacity basis was
53% Coal/Pet Coke, 44% Natural Gas related resources, and
0.3% Qil. If Tampa Electric future generation needs were met
with only natural gas fuel generation the fuel mix in 2013
would be 45% Coal/Pet Coke, 54% Natural Gas related
resources, and 0.3% Qil. This would represent an increasing
reliance on natural gas for the production of electricity.
Although natural gas generation offers relatively low capital
cost, high efficiency and good environmental performance,
continued capacity expansion relying only on this technology
would put Tampa Electric’s electric generation at significant
exposure to those risks inherent with the natural gas
commaodity. Some of the risks include price volatility, delivery
disruptions and long term price exposure. In contrast,
Tampa Electric’s 2013 proposed expansion plan fuel mix is
64% Coal/Pet Coke, 35% Natural Gas related resources, and
0.2% Qil. This mix reflects a more balanced fuel mix and
will result in reduced exposure and less reliance on a single
commodity.

Cogeneration

Tampa Electric plans for 427 MW of cogeneration
capacity operating in its service area in 2007. Self-service
capacity of 212 MW is used by cogenerators to serve
internal load requirements, 65 MW are purchased by Tampa
Electric on a firm contract basis, and 14 MW are purchased
on a non-firm, as-available basis. The remaining 136 MW of
cogeneration capacity is forecasted to other utilities and is
exported out of Tampa Electric’s system.

Fuel Requirements

A forecast of fuel requirements and energy sources is
shown in Schedule 5, Schedule 6.1 and Schedule 6.2.
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Tampa Electric currently has a generation portfolio consisting
of coal and natural gas for its generating requirements.
Tampa Electric has firm transportation contracts with the
Florida Gas Transmission Company (FGT) and Gulfstream
Natural Gas System LLC for delivery of natural gas to the
Bayside and Polk Units. As shown in Schedule 6.2, in 2007
coal and pet coke will fuel 50% of net energy for load and
natural gas will fuel 37%. Less than one percent of net
energy for load will be fueled by oil at the Phillips plant and
other combustion turbines. The remaining net energy for
load is met by purchases from non-utility generators and net
interchange.

Environmental Considerations

An agreement between the Florida Department of
Environmental Protection (DEP) and Tampa Electric produced
a comprehensive emissions reduction plan delineated in a
Consent Final Judgment (CFJ), which was finalized with the
DEP on December 6, 1999. Approximately one year later, on
February 29, 2000, Tampa Electric reached a similar
agreement with the U.S. Environmental Protection Agency
(EPA) in a Consent Decree (CD). Collectively, the CFJ and CD
are referred to as the “Agreements”. The efforts to reduce
emissions from the company's facilities began long before
the agreements. Since 1998, Tampa Electric has to date
reduced annual sulfur dioxides (50z), nitrogen oxides (NOXx),
and particulate matter (PM) emissions from our facilities by
161,000 tons, 41,000 tons, and 4,000 tons, respectively.

Reductions in SOz emissions were primarily accomplished
through the installation of flue gas desulfurization (scrubber)
systems on Big Bend Units 1 and 2 in 1998. Big Bend Unit 3
was integrated with Big Bend Unit 4's existing scrubber in
1995. Currently, the scrubbers at Big Bend station remove
between 93% and 95% of the SOz emissions from the flue
gas streams. In addition, reductions in NOx have been
accomplished through combustion tuning and optimization
projects at Big Bend Station and the repowering of Gannon
Station to H.L. Culbreath Bayside Power Station.

Reductions in particulate matter were accomplished
through the use of electrostatic precipitators, which remove
more than 99.9% of the PM generated during the
combustion process.
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The repowering of Gannon Station to H.L. Culbreath
Bayside Power Station resulted in significant reduction in
emissions of all pollutant types. Tampa Electric’s decision to
install additional NOx emissions controls on all Big Bend
Station Units by May of 2010 will result in the further
reduction of emissions. Selective Catalytic Reduction (SCR)
will be the control technology used to reduce Big Bend
Station NOx emissions. The first-unit scheduled to have an
SCR installed by June 1, 2007 is Unit 4. Subsequently, the
other units will be compliant by May 1 of 2008, 2009 and
2010. By 2010, these projects are expected to result in
62,000 tons per year of additional NOx reduction. In total,
Tampa Electric’s emission reduction initiatives will result in
the reduction of SOz, NOx and PM emissions by 89%, 90%,
and 72%, respectively, below 1998 levels. With these
improvements in place, Tampa Electric’s facilities will meet
the same standards required of newer power generating
facilities and significantly enhance the quality of the air in
the community. As a result of all its already completed
emission reduction actions and upon completion of planned
controls, Tampa Electric will have achieved emission
reduction levels contained in the Clean Air Interstate Rule
(CAIR) Phase | requirements, the Clean Air Mercury Rule
(CAMR) Phase | requirements and be positioned for ather
potential future emission control requirements.

Interchange Sales and Purchases

Tampa Electric’s long-term firm sale agreements include
Progress Energy Florida for 70 MW and Reedy Creek
Improvement District for 75 MW as well as the cities of Ft.
Meade for 12 MW, St. Cloud for 15 MW and Wauchula for
15 MW. Tampa Electric also has a firm sales agreement to
New Smyrna Beach of 10 MW for January 2006 through
December 31, 2007.

Tampa Electric has a long-term purchased power
contract for capacity and energy from the Hardee Power
Station owned by Invenergy. The contract term is January 1,
1993 through December 31, 2012. The contract involves a
shared-capacity agreement with Seminole Electric
Cooperative (SEC), whereby Tampa Electric plans for the full
net capability (353 MW winter and 287 MW summer) of the
Hardee Power Station during those times when SEC plans
for the Seminole Units 1 and 2 and the SEC Crystal River



Unit 3 allocation to be available for operation, and reduced
availability during times when Seminole Units 1 and 2 are
derated or unavailable due to planned maintenance. Under
the existing contract Tampa Electric alsc has the right to
purchase an additional 88 MW winter and 69 MW summer
of firm non-shared capacity from the Hardee Power Station.

Tampa Electric also entered into a firm purchased power
agreement with Progress Energy Florida for 50 MW from
January 1, 2006 through March 31, 2007; the contract was
extended through November 31, 2007 at an increase of 25
MW for a total of 75 MW. For the winter of 2007, Tampa
Electric has purchased power agreements of 50 MW and 40
MW with Cargill Power Markets and New Hope Power
Partnership, respectively. In addition, Tampa Electric has an
agreement with Calpine Energy Services for 170 MW from
May 1, 2006 through April 30, 2011. Tampa Electric has
completed a term sheet for the purchase of 115 MW from
Pasco Cogen for the period January 1, 2009 to December
31, 2018.

As a result of an existing purchased power agreement
ending in 2011, Tampa Electric has a 170 MW need
extending through 2016. Additionally, in the summer of
2011 through 2016 Tampa Electric has a need of 160 MW
as well as spot purchases of 70 MW and 25 MW during the
summers of 2012 and 2016, respectively. In the winters of
2012 and 2013, Tampa Electric has a need of 180 MW and
172 MW extending throughout the study period.

Tampa Electric determined that it has a capacity need
during the winters of 2008, 2009 and 2010. The capacity
need is 135 MW for 2008, 155 MW for 2009 and 170 MW
for 2010. This capacity need is for the completion of the
SCR system installations by the required Consent Decree. Big
Bend units 1, 2, and 3 will be down in consecutive years for

the scheduled work from January through mid-April in 2008,

2009 and 2010.

As discussed earlier in this section, Tampa Electric will
seek to satisfy these capacity needs for the given years by
contracting power from one or more entities. inquiries have
begun to locate potential sources of capacity. Tampa Electric
will look to sign agreement(s) that provide cost-effective
alternative(s) to satisfy the projected requirements.

The wholesale power sales and purchases are included in
Schedules 3.1,3.2,3.3,4,5,6.1,7.1,and 7.2.
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Schedule 7.1

Forecast of Capacity, Demand, and Scheduled Maintenance at Time of Summer Peak

M ) 3) @ 5 (6) ) ®) 9 (10) (1) (12)
Total Firm Firm Total System Firm

Installed  Capacity Capacity Capacity Summer Peak Reserve Margin Scheduled Reserve Margin

Capacity Import Export QF Available Demand Before Maintenance Maintenance After Maintenance

Year MW MW MW MW MW MW MW % of Peak MW MwW % of Peak

2007 4,281 601 10 65 4,937 4,057 880 22% 0 880 22%
2008 4,332 684 0 65 5,081 4176 905 22% 0 905 22%
2009 4,332 799 0 65 5,196 4,299 897 21% 0 897 21%
2010 4,461 799 0 42 5,302 4,421 881 20% 0 881 20%
2011 4,461 959 0 42 5,462 4,472 990 22% 0 930 22%
2012 4,461 1,026 0 23 5,510 4,599 91 20% 0 oM 20%
2013 5,066 600 0 23 5,689 4,720 969 21% 0 969 21%
2014 5,242 600 0 23 5,865 4,841 1,024 21% 0 1,024 21%
2015 5,389 600 0 23 6,012 4,991 1,021 20% 0 1,021 20%
2016 5,565 625 0 0 6,190 5,144 1,046 20% 0 1,046 20%

NOTE: 1. Capacity import includes firm purchase power agreements with Invenergy of 356 MW from 2006 through 2012, 50 MW through March,2007 increasing to
75 MW through November,2007 from Progress Energy Florida and 170 MW from Calpine from May 2006 through April 2011. Pasco Cogen for
115 MW from 2009 through 2018. TEC has issued a Request for Proposal(RFP) for peaking power from 2008 through 2011 for 1568 MW in the
summer. Unspecified purchased power of 160 MW is needed beginning in the summer of 2011 through 2016 as well as a purchase of 155 MW
beginning in the summer of 2012 through 2016. Unspecified purchased power of 170 MW is needed beginning in the summer of 2011 through 2016
as well as spot market purchases of 70 MW and 25 MW for the summers of 2012 and 2016.

2. The QF column accounts for cogeneration that will be purchased under firm contracts.
3. Big Bend CT 1, 2, and 3 will be retired January 1, 2015.



Schedule 7.2
Forecast of Capacity, Demand, and Scheduled Maintenance at Time of Winter Peak

1 (2) @) 4 (5) (6) 7 {8) 9 (10) (1) (12)

Total Firm Firm Total System Firm
Installed Capacity Capacity Capacity Winter Peak Reserve Margin Scheduled Reserve Margin
Capacity Import Export QF Available Demand Before Maintenance Maintenance After Maintenance
Year MW MW MW MW MW MW MW % of Peak MW MW % of Peak

200607 4,276 844 10 65 5175 4,233 942 22% 0 942 22%
2007-08 4,686 914 0 65 5,665 4,365 1,300 30% 423 867 20%
2008-09 4,686 1,049 0 65 5,800 4,496 1,304 29% 401 913 20%
2009-10 4,827 1,064 0 65 5,956 4,628 1,328 29% 401 917 20%
2010-11 4,827 894 0 42 5,763 4,756 1,007 21% o 1,007 21%
201112 4,827 1,074 0 23 5,924 4,817 1.107 23% 0 1,107 23%
2012-13 5,457 637 0 23 6,117 4,941 1,176 24% ] 1,176 24%
201314 5,457 637 0 23 6,117 5,064 1,053 21% 0 1,053 21%
201415 5,610 637 0 23 6,270 5,220 1,050 20% 0 1,050 20%
201516 5,804 637 0 0 6,441 5,380 1,061 20% 0 1,061 20%

NOTE: 1. Capacity import includes firm purchase power agreements with Invenergy of 441 MW from 2006 through 2012, Progress Energy Florida of 50 MW through
March, 2007 increasing to 75 MW through November,2007 and Calpine of 170 MW from May 2006 through April 2011. Winter of 2007 purchases of
50 MW and 40 MW from Cargill and New Hope Power Partnership. Unspecified purchased power of 135 MW is expected to be needed for the installation
of the Selective Catalytic Reduction (SCR) equipment on Big Bend 3 in 2008, a purchase of 155 MW in 2009 for Big Bend 2 and a purchase of 170 MW for
Big Bend 1in 2010. Pasco Cogen for 115 MW from 2009 through 2018. TEC has issued a Request for Proposal(RFP) for peaking power from 2008
through 2012 for 168 MW in the winter. Unspecified purchase power of 180 MW is needed in the winter of 2012 through 2016. Unspecified purchase power
of 172 MW is needed in the winter of 2013 through 2016.

2. The QF column accounts for cogeneration that will be purchased under firm contracts.
3. Big Bend CT 1, 2, and 3 will be retired January 1, 2015.
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Schedule 8

Planned and Prospective Generating Facility Additions

4} (2) (3) (4) (5) (6) ] ) t)] (10) (1) (12) (13) (14) (15)
Const. Commercial Expected Gen. Max. Net Capability

Plant Unit Unit Fuel Fuel Trans. Start In-Service Retirement Nameplate Summer  Winter

Name No. Location Type Primary Alternate Primary Alternate  Mo/Yr Mo/Yr Mo/Yr kW MW MW Status
Future CT* 1 unknown GT NG DFO PL TK 1/09 1/10 unknown unknown 43 47 P
Future CT* 2 unknown GT NG NA PL NA 1/09 1710 unknown unknown 43 47 P
Future CT* 3 unknown GT NG NA PL NA 1/09 110 unknown unknown 43 47 P
Polk IGCC 6 Polk IGCC BIT NG WA PL 1/09 113 unknown unknown 605 630 P
Future CT 4 unknown GT NG NA PL NA 113 5/14 unknown unknown 88 97 P
Future CT 5 unknown GT NG NA PL NA 113 5/14 unknown unknown 88 97 P
Future CT 6 unknown GT NG NA PL NA 5/13 115 unknown unknown 88 97 P
Future CT 7 unknown GT NG NA PL NA 114 5/15 unknown unknown 88 97 P
Future CT 8 unknown GT NG NA PL NA 114 5/15 unknown unknown 88 97 P
Future CT 9 unknown GT NG NA PL NA 115 5/16 unknown unknown 88 97 P
Future CT 10 unknown GT NG NA PL NA 115 5/16 unknown unknown 88 97 P

*® The future CT additions slated for 2010 are GE LM6000 technology all other future CT expansion are GE LMS 100 technology.



SCHEDULE 9
(Page 1 of 11)

STATUS REPORT AND SPECIFICATIONS OF PROPOSED GENERATING FACILITIES

UTILITY: TAMPA ELECTRIC COMPANY

PLANT NAME AND UNIT NUMBER

CAPACITY
A. SUMMER
B. WINTER

TECHNOLOGY TYPE

ANTICIPATED CONSTRUCTION TIMING
A. FIELD CONSTRUCTION START DATE
B. COMMERCIAL IN-SERVICE DATE

FUEL
A. PRIMARY FUEL
B. ALTERNATE FUEL

AIR POLLUTION CONTROL STRATEGY
COOLING METHOD

TOTAL SITE AREA

CONSTRUCTION STATUS
CERTIFICATION STATUS

STATUS WITH FEDERAL AGENCIES

PROJECTED UNIT PERFORMANCE DATA
PLANNED OUTAGE FACTOR (POF)

FORCED OUTAGE RATE (FOR)

EQUIVALENT AVAILABILITY FACTOR (EAF)
RESULTING CAPACITY FACTOR (2010)

AVERAGE NET OPERATING HEAT RATE (ANOHR) 1

PROJECTED UNIT FINANCIAL DATA

BOOK LIFE (YEARS)

TOTAL INSTALLED COST (IN-SERVICE YEAR $/kW)
DIRECT CONSTRUCTION COST ($/kW)

AFUDC AMOUNT ($/kW)

ESCALATION ($/kW)

FIXED O&M ($/kW - Yr)

VARIABLE O&M ($/MWH)

K FACTOR

1 BASED ON IN-SERVICE YEAR.

FUTURE CT 1

43
47

COMBUSTION TURBINE

JAN 2009
JAN 2010

NATURAL GAS
DISTILLATE FUEL OIL

DRY LOW NOX BURNER
N/A

UNDETERMINED
PROPOSED
UNDETERMINED

N/A

0.8

4.0

94.0

4.8%

9,792 BtukWh

26
760.51
674.12
£3.49
22.90
9.50
2.91
1.5983
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SCHEDULE 9
(Page 2 of 11)

STATUS REPORT AND SPECIFICATIONS OF PROPOSED GENERATING FACILITIES

UTILITY: TAMPA ELECTRIC COMPANY

(1) PLANT NAME AND UNIT NUMBER FUTURE CT 2
(2)  CAPACITY
A SUMMER 43
B. WINTER 47
(3)  TECHNOLOGY TYPE COMBUSTION TURBINE
(4)  ANTICIPATED CONSTRUCTION TIMING
A. FIELD CONSTRUCTION START DATE JAN 2009
B. COMMERCIAL IN-SERVICE DATE JAN 2010
(5)  FUEL
A. PRIMARY FUEL NATURAL GAS
B. ALTERNATE FUEL N/A
6) AR POLLUTION CONTROL STRATEGY DRY LOW NOX BURNER
(7)  COOLING METHOD N/A
(8)  TOTAL SITE AREA UNDETERMINED
(9)  CONSTRUCTION STATUS PROPOSED
(10)  CERTIFICATION STATUS UNDETERMINED
(1) STATUS WITH FEDERAL AGENCIES N/A
(12)  PROJECTED UNIT PERFORMANCE DATA
PLANNED OUTAGE FACTOR (POF) 0.8
FORCED OUTAGE RATE (FOR) 40
EQUIVALENT AVAILABILITY FACTOR (EAF) 94.0
RESULTING CAPACITY FACTOR (2010) 48%

AVERAGE NET OPERATING HEAT RATE (ANOHR) 1

PROJECTED UNIT FINANCIAL DATA

9,792 Btu/kWh

BOOK LIFE (YEARS) 26
TOTAL INSTALLED COST (IN-SERVICE YEAR $/kW) 760.51
DIRECT CONSTRUCTION COST ($/kW) 674.12
AFUDC AMOUNT ($/kW) 63.49
ESCALATION ($/kW) 22.90
FIXED O&M ($/kW - Y1) 9.50
VARIABLE O&M ($/MWH) 2.91

K FACTOR 1.5983

1 BASED ON IN-SERVICE YEAR.
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SCHEDULE 9
(Page 3 of 11)

STATUS REPORT AND SPECIFICATIONS OF PROPOSED GENERATING FACILITIES

UTILITY: TAMPA ELECTRIC COMPANY

M PLANT NAME AND UNIT NUMBER FUTURE CT 3
2 CAPACITY
A. SUMMER 43
B. WINTER 47
3 TECHNOLOGY TYPE COMBUSTION TURBINE
4 ANTICIPATED CONSTRUCTION TIMING
A. FIELD CONSTRUCTION START-DATE JAN 2009
B. COMMERCIAL IN-SERVICE DATE JAN 2010
(5) FUEL
A. PRIMARY FUEL NATURAL GAS
B. ALTERNATE FUEL UNDETERMINED

AIR POLLUTION CONTROL STRATEGY

DRY LOW NOX BURNER

7 COOLING METHOD N/A
(8 TOTAL SITE AREA UNDETERMINED
9 CONSTRUCTION STATUS PROPOSED
(10)  CERTIFICATION STATUS UNDETERMINED
(11)  STATUS WITH FEDERAL AGENCIES N/A
(12)  PROJECTED UNIT PERFORMANCE DATA
PLANNED OUTAGE FACTOR (POF) 0.8
FORCED OUTAGE RATE (FOR) 4.0
EQUIVALENT AVAILABILITY FACTOR (EAF) 94.0
RESULTING CAPACITY FACTOR (2010) 4.8%

(13)

AVERAGE NET OPERATING HEAT RATE (ANOHR) 1

PROJECTED UNIT FINANCIAL DATA

9,792 Btu/kWh

BOOK LIFE (YEARS) 26
TOTAL INSTALLED COST (IN-SERVICE YEAR $/kW) 760.51
DIRECT CONSTRUCTION COST ($/kW) 674.12
AFUDC AMOUNT ($/kW) 63.49
ESCALATION ($/kW) 22.90
FIXED O&M ($/kW - Y1) 9.50
VARIABLE O&M ($/MWH) 2.91

K FACTOR 1.5983

1 BASED ON IN-SERVICE YEAR.
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SCHEDULE 9
(Page 4 of 11)

STATUS REPORT AND SPECIFICATIONS OF PROPOSED GENERATING FACILITIES

PLANT NAME AND UNIT NUMBER

CAPACITY
A. SUMMER
B. WINTER

TECHNOLOGY TYPE

ANTICIPATED CONSTRUCTION TIMING
A. FIELD CONSTRUCTION START DATE
B. COMMERCIAL IN-SERVICE DATE
FUEL

A. PRIMARY FUEL

B. ALTERNATE FUEL

AIR POLLUTION CONTROL STRATEGY
COOLING METHCD

TOTAL SITE AREA

CONSTRUCTION STATUS
CERTIFICATION STATUS

STATUS WITH FEDERAL AGENCIES
PROJECTED UNIT PERFORMANCE DATA
PLANNED OUTAGE FACTOR (POF)
FORCED OUTAGE RATE (FOR)

EQUIVALENT AVAILABILITY FACTOR (EAF)
RESULTING CAPACITY FACTOR (2013)

UTILITY: TAMPA ELECTRIC COMPANY

AVERAGE NET OPERATING HEAT RATE (ANOHR) 1

PROJECTED UNIT FINANCIAL DATA
BOOK LIFE (YEARS)

TOTAL INSTALLED COST (IN-SERVICE YEAR $/kW)

DIRECT CONSTRUCTION COST ($/kWy?
AFUDC AMOUNT ($/kWy
ESCALATION ($/kW)

FIXED O&M ($/kW - Y1)

VARIABLE O&M ($/MWH)

K FACTOR

1 BASED ON IN-SERVICE YEAR.
2 PRELIMINARY COST ESTIMATE SUBJECT TO CHANGE BASED ON QVERNIGHT CONSTRUCTION COST $1.6 BILLION

43 Tampa Electric Ten-Year Site Plan | 2007

FUTURE 1GCC

605
630

INTERGRATED COAL GASIFICATION
COMBINED CYCLE

JAN 2009
JAN 2013

COAL / PETCOKE
NATURAL GAS

SYNGAS SATURATION DILUENT
NITROGEN
N/A

UNDETERMINED
PROPOSED
UNDETERMINED

N/A

7.4

5.0

85.1

88.5%

9,304 Btu/kWh

26
3,180.30
2,555.56
375.41
249.34
37.68
083
1.5983



SCHEDULE 9
(Page 5 of 11)

STATUS REPORT AND SPECIFICATIONS OF PROPOSED GENERATING FACILITIES

UTILITY: TAMPA ELECTRIC COMPANY

PLANT NAME AND UNIT NUMBER

CAPACITY
A. SUMMER
B. WINTER

TECHNOLOGY TYPE

ANTICIPATED CONSTRUCTION TIMING
A. FIELD CONSTRUCTION START DATE
B. COMMERCIAL IN-SERVICE DATE

FUEL
A. PRIMARY FUEL
B. ALTERNATE FUEL

AIR POLLUTION CONTROL STRATEGY
COOLING METHOD

TOTAL SITE AREA

CONSTRUCTION STATUS
CERTIFICATION STATUS

STATUS WITH FEDERAL AGENCIES

PROJECTED UNIT PERFORMANCE DATA
PLANNED OUTAGE FACTOR (POF)

FORCED OUTAGE RATE (FOR)

EQUIVALENT AVAILABILITY FACTOR (EAF)
RESULTING CAPACITY FACTOR (2014)

AVERAGE NET OPERATING HEAT RATE (ANOHR) 1

PROJECTED UNIT FINANCIAL DATA

BOOK LIFE (YEARS)

TOTAL INSTALLED COST (IN-SERVICE YEAR $/kW)
DIRECT CONSTRUCTION COST ($/kW)

AFUDC AMOUNT ($/kW)

ESCALATION ($/kW)

FIXED O&M ($/kW - Yr)

VARIABLE O&M ($/MWH)

K FACTOR

1 BASED ON IN-SERVICE YEAR.

FUTURE CT 4

88
97

COMBUSTION TURBINE

JAN 2013
MAY 2014

NATURAL GAS
N/A

DRY LOW NOX BURNER

N/A

UNDETERMINED

PROPOSED

UNDETERMINED

N/A

1.1

1.0

96.9

7.2%

9,164 Btu/kWh

26
770.27
618.55
64.31
87.40
4.34
3.18
1.5983

Tampa Electric Ten-Year Site Plan | 2007 44



SCHEDULE 9
(Page 6 of 11)

STATUS REPORT AND SPECIFICATIONS OF PROPOSED GENERATING FACILITIES

UTILITY: TAMPA ELECTRIC COMPANY

PLANT NAME AND UNIT NUMBER

CAPACITY
A. SUMMER
B. WINTER

TECHNOLOGY TYPE

ANTICIPATED CONSTRUCTION TIMING
A. FIELD CONSTRUCTION START DATE
B. COMMERCIAL IN-SERVICE DATE

FUEL
A. PRIMARY FUEL
B. ALTERNATE FUEL

AIR POLLUTION CONTROL STRATEGY
COOLING METHOD

TOTAL SITE AREA

CONSTRUCTION STATUS
CERTIFICATION STATUS

STATUS WITH FEDERAL AGENCIES

PROJECTED UNIT PERFORMANCE DATA
PLANNED OUTAGE FACTOR (POF)

FORCED OUTAGE RATE (FOR)

EQUIVALENT AVAILABILITY FACTOR (EAF)
RESULTING CAPACITY FACTOR (2014)

AVERAGE NET OPERATING HEAT RATE (ANOHR) 1

PROJECTED UNIT FINANCIAL DATA

BOOK LIFE (YEARS)

TOTAL INSTALLED COST (IN-SERVICE YEAR $/kW)
DIRECT CONSTRUCTION COST ($/kW)

AFUDC AMOUNT ($/kW)

ESCALATION ($/kW)

FIXED O&M ($/kW - Yr)

VARIABLE O&M ($/MWH)

K FACTOR

1 BASED ON IN-SERVICE YEAR.
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FUTURE CT 5

88
97

COMBUSTION TURBINE

JAN 2013
MAY 2014

NATURAL GAS
N/A

DRY LOW NOX BURNER

N/A

UNDETERMINED

PROPOSED

UNDETERMINED

N/A

1.1

1.0

96.9

7.2%

9,164 Btu/kWh

26
770.27
618.55
64.31
87.40
4.34
3.18
1.5983



SCHEDULE 9
(Page 7 of 11)

STATUS REPORT AND SPECIFICATIONS OF PROPOSED GENERATING FACILITIES

PLANT NAME AND UNIT NUMBER
CAPACITY

A. SUMMER

B. WINTER

TECHNOLOGY TYPE

ANTICIPATED CONSTRUCTION TIMING
A. FIELD CONSTRUCTION START DATE
B. COMMERCIAL IN-SERVICE DATE
FUEL

A. PRIMARY FUEL

B. ALTERNATE FUEL

AIR POLLUTION CONTROL STRATEGY
COOLING METHOD

TOTAL SITE AREA

CONSTRUCTION STATUS
CERTIFICATION STATUS

STATUS WITH FEDERAL AGENCIES
PROJECTED UNIT PERFORMANCE DATA

PLANNED OUTAGE FACTOR (POF)
FORCED OUTAGE RATE (FOR)

EQUIVALENT AVAILABILITY FACTOR (EAF)

RESULTING CAPACITY FACTOR (2015)

UTILITY: TAMPA ELECTRIC COMPANY

AVERAGE NET OPERATING HEAT RATE (ANOHR}) 1

PROJECTED UNIT FINANCIAL DATA
BOOK LIFE (YEARS)

TOTAL INSTALLED COST (IN-SERVICE YEAR $/kW)

DIRECT CONSTRUCTION COST ($/kW)
AFUDC AMOUNT ($4&W)
ESCALATION ($/kW)

FIXED O&M (3/kW - Y1)

VARIABLE O&M (3/MWH)

K FACTOR

1 BASED ON IN-SERVICE YEAR

FUTURE CT 6

88
97

COMBUSTION TURBINE

MAY 2013
JAN 2015

NATURAL GAS

N/A

DRY LOW NOX BURNER

N/A

UNDETERMINED

PROPOSED

UNDETERMINED

N/A

1.1
1.0
96.9
6.5%

9,164 Btu/kWh

26
789.53
618.55
65.92
105.05
4.44
3.26
1.5983

Tampa Electric Ten-Year Site Plan | 2007 46



SCHEDULE 9
(Page 8 of 11)

STATUS REPORT AND SPECIFICATIONS OF PROPOSED GENERATING FACILITIES

PLANT NAME AND UNIT NUMBER
CAPACITY

A. SUMMER

B. WINTER

TECHNOLOGY TYPE

ANTICIPATED CONSTRUCTION TIMING
A. FIELD CONSTRUCTION START DATE
B. COMMERCIAL IN-SERVICE DATE
FUEL

A. PRIMARY FUEL

B. ALTERNATE FUEL

AIR POLLUTION CONTROL STRATEGY
COOLING METHOD

TOTAL SITE AREA

CONSTRUCTION STATUS
CERTIFICATION STATUS

STATUS WITH FEDERAL AGENCIES
PROJECTED UNIT PERFORMANCE DATA
PLANNED QUTAGE FACTOR (POF)
FORCED OUTAGE RATE (FOR)

EQUIVALENT AVAILABILITY FACTOR (EAF)
RESULTING CAPACITY FACTOR (2015)

UTILITY: TAMPA ELECTRIC COMPANY

AVERAGE NET OPERATING HEAT RATE (ANOHR) 1

PROJECTED UNIT FINANCIAL DATA
BOOK LIFE (YEARS)

TOTAL INSTALLED COST (IN-SERVICE YEAR $/kW)

DIRECT CONSTRUCTION COST ($/kW)
AFUDC AMOUNT ($/kW)
ESCALATION ($/kW)

FIXED O&M ($/kW - Y1)

VARIABLE O&M ($/MWH)

K FACTOR

1 BASED ON IN-SERVICE YEAR
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FUTURE CT 7

88

97

COMBUSTION TURBINE
JAN 2014

MAY 2015
NATURAL GAS

N/A

DRY LOW NOX BURNER
N/A

UNDETERMINED
PROPOSED
UNDETERMINED

N/A

1.1

1.0

96.9

6.0%

9,164 Btu/kWh

26
789.53
618.55
65.92
105.05
4.44
3.26
1.5983
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SCHEDULE 9
(Page 9 of 11)

STATUS REPORT AND SPECIFICATIONS OF PROPOSED GENERATING FACILITIES

PLANT NAME AND UNIT NUMBER
CAPACITY

A. SUMMER

B. WINTER

TECHNOLOGY TYPE

ANTICIPATED CONSTRUCTION TIMING
A. FIELD CONSTRUCTION START DATE
B. COMMERCIAL IN-SERVICE DATE
FUEL

A. PRIMARY FUEL

B. ALTERNATE FUEL

AR POLLUTION CONTROL STRATEGY
COOLING METHOD

TOTAL SITE AREA

CONSTRUCTION STATUS
CERTIFICATION STATUS

STATUS WITH FEDERAL AGENCIES
PROJECTED UNIT PERFORMANCE DATA

PLANNED OUTAGE FACTOR (POF)
FORCED OUTAGE RATE (FOR)

EQUIVALENT AVAILABILITY FACTOR (EAF)

RESULTING CAPACITY FACTOR (2015)

UTILITY: TAMPA ELECTRIC COMPANY

AVERAGE NET OPERATING HEAT RATE (ANOHR) 1

PROJECTED UNIT FINANCIAL DATA
BOOK LIFE (YEARS)

TOTAL INSTALLED COST (IN-SERVICE YEAR $/kW)

DIRECT CONSTRUCTION COST ($/kW)
AFUDC AMOUNT ($/kW)
ESCALATION ($/kW)

FIXED O&M ($/kW - Y1)

VARIABLE O&M ($/MWH)

K FACTOR

1 BASED ON IN-SERVICE YEAR

FUTURE CT 8

88
97

COMBUSTION TURBINE

JAN 2014
MAY 2015

NATURAL GAS

N/A

DRY LOW NOX BURNER

N/A

UNDETERMINED

PROPOSED

UNDETERMINED

N/A

1.1
1.0
96.9
6.0%

9,164 Btu/kWh

26
789.53
618.55
65.92
105.05
4.44
3.26
1.5983
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SCHEDULE 9
(Page 10 of 11)

STATUS REPORT AND SPECIFICATIONS OF PROPOSED GENERATING FACILITIES

UTILITY: TAMPA ELECTRIC COMPANY

PLANT NAME AND UNIT NUMBER

CAPACITY
A. SUMMER
B. WINTER

TECHNOLOGY TYPE

ANTICIPATED CONSTRUCTION TIMING
A. FIELD CONSTRUCTION START DATE
B. COMMERCIAL IN-SERVICE DATE

FUEL
A. PRIMARY FUEL
B. ALTERNATE FUEL

AIR POLLUTION CONTROL STRATEGY
COOLING METHOD

TOTAL SITE AREA

CONSTRUCTION STATUS
CERTIFICATION STATUS

STATUS WITH FEDERAL AGENCIES

PROJECTED UNIT PERFORMANCE DATA
PLANNED QUTAGE FACTOR (POF)

FORCED OUTAGE RATE (FOR)

EQUIVALENT AVAILABILITY FACTOR (EAF)
RESULTING CAPACITY FACTOR (2016)

AVERAGE NET OPERATING HEAT RATE (ANOHR) 1

PROJECTED UNIT FINANCIAL DATA

BOOK LIFE (YEARS)

TOTAL INSTALLED COST (IN-SERVICE YEAR $/&W)
DIRECT CONSTRUCTION COST ($/kW)

AFUDC AMOUNT ($/kW)

ESCALATION ($/kW)

FIXED O&M ($/kW - Yr)

VARIABLE O&M ($/MWH)

K FACTOR

1 BASED ON IN-SERVICE YEAR
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FUTURE CT 9

88
97

COMBUSTION TURBINE

JAN 2015
MAY 2016

NATURAL GAS
N/A

DRY LOW NOX BURNER
N/A

UNDETERMINED
PROPOSED
UNDETERMINED

N/A

1.1

1.0

96.9

5.6%

9,164 Btu/kWh

26
809.27
618.55
67.57
123.15
4.54
333
1.5983
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SCHEDULE 9
(Page 11 of 11)

STATUS REPORT AND SPECIFICATIONS OF PROPOSED GENERATING FACILITIES

PLANT NAME AND UNIT NUMBER
CAPACITY

A. SUMMER

B. WINTER

TECHNOLOGY TYPE

ANTICIPATED CONSTRUCTION TIMING
A. FIELD CONSTRUCTION START DATE
B. COMMERCIAL IN-SERVICE DATE
FUEL

A. PRIMARY FUEL

B. ALTERNATE FUEL

AIR POLLUTION CONTROL STRATEGY
COOLING METHOD

TOTAL SITE AREA

CONSTRUCTION STATUS
CERTIFICATION STATUS

STATUS WITH FEDERAL AGENCIES
PROJECTED UNIT PERFORMANCE DATA

PLANNED OUTAGE FACTOR (POF)
FORCED OUTAGE RATE (FOR)

EQUIVALENT AVAILABILITY FACTOR (EAF)

RESULTING CAPACITY FACTOR (2016)

UTILITY: TAMPA ELECTRIC COMPANY

AVERAGE NET OPERATING HEAT RATE (ANCHR) 1

PROJECTED UNIT FINANCIAL DATA
BOOK LIFE (YEARS)

TOTAL INSTALLED COST (IN-SERVICE YEAR $/kW)

DIRECT CONSTRUCTION COST ($/kW)
AFUDC AMOUNT ($/kW)
ESCALATION ($/kW)

FIXED O&M ($/kW - Y1)

VARIABLE O&M ($/MWH)

K FACTOR

1 BASED ON IN-SERVICE YEAR

FUTURE CT 10

88
97

COMBUSTION TURBINE

JAN 2015
MAY 2016

NATURAL GAS

N/A

DRY LOW NOX BURNER

N/A

UNDETERMINED

PROPOSED

UNDETERMINED

N/A

1.1
1.0
96.9
5.6%

9,164 Btu/kWh

26
809.27
618.55
67.57
123.15
4.54
333
1.5983
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Schedule 10

Status Report and Specifications of Proposed Directly Associated Transmission Lines

POINT OF NUMBER OF CIRCUIT ANTICIPATED  ANTICIPATED PARTICIPATION
ORIGIN AND CIRCUITS RIGHT-OF-WAY LENGTH VOLTAGE IN-SERVICE CAPITAL SUBSTATIONS WITH OTHER
TERMINATION DATE INVESTMENT UTILITIES

No new ROW
required

Summer 2009 $6.8 million | New 230/69kV
transformer at

Gannon

None
Gannon

Pebbledale to Possible road ] New 230/69kV.
Willow Osk ROW required Sumnmer 2009 1§ $20 milkon | Substation at
Witlow Oak

None

Davis - new
230kV switching
station &
230/69kV
transformer at
Wheeler

Possible ROW

Davis to required

Wheeler

Summer 2010 $30 million None

Lake , . | New 230/69kV.

Tarpon/Sheldon - Possible road Summer 20111 $45 million | transformer at PEF
{o Double ROW reguired Double Branch '
Branch

Lake Agnes to No new
Gifford New ROW 13.1 mi. 230kV Tampa Electric
required. substations

Summer 2011

lg?eae“"ew i Possible road Summer 2012
mes ROW:required 1
230kV Summer 2012
‘ ' No new right of ‘
gz)ik to Hérdee 1 way required Surmmer 2012

No new right of
way required

$23.5 million

| New 138k
$10 million ring-bus-and
2nd 138/69kV
transformer at
Himes
$30 million
’ No new

$7.1 million substations SEC

Wheeler Road -
complete 230kV
Ring Bus

Willow Oak to

Wheeler Road Possible road

ROW required

Dale Mabry
230kV Summer 2012 $26 million | 230kV Ring Bus

Davis to

Dale Mabry None

PEF

Dale Mabry to Possible road Summer 2012 $10 million No new
Y ROW ‘required substations
Denham East ‘ :
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Other Planning Assumptions an

Transmission Constraints and Impacts

Based on a variety of assessments and sensitivity studies
of the Tampa Electric transmission system using year 2006
Florida Reliability Coordinating Council (FRCC) databank
models, no transmission constraints that violate the criteria
stated in the Generation and Transmission Reliability Criteria
section of this document were identified in these studies.

Expansion Plan Economics and Fuel Forecast

The overall economics and cost-effectiveness of the plan
were analyzed using Tampa Electric’s Integrated Resource
Planning process. As part of this process, Tampa Electric
evaluated various planning and operating alternatives to
current operations, with objectives including meeting
compliance requirements in the most cost-effective and
reliable manner, maximizing operational flexibility and
minimizing total costs.

Early in the study process, many alternatives were
screened on a qualitative and quantitative basis to determine
those alternatives that were the most feasible overall. Those
alternatives that failed to meet the qualitative and
quantitative considerations were eliminated. This phase of
the study resulted in a set of feasible alternatives that were
considered in a more detailed economic analysis.

Fuel commodity price forecasting for the base case is
derived through analysis of historical and current prices
combined with price forecasts obtained from various
consultants and agencies. These sources include the New
York Mercantile Exchange, Energy Information
Administration, Hill & Associates, PIRA Energy Group, Coal
Daily, Inside FERC and Platt’s Oilgram.

High and low fuel price projections represent alternative
forecasts to the company’s base case outlook.. The high and
Jow price projections are defined by natural gas and oil
prices.varying 35% above or below the base case. The high
and low price projections represent the implied volatility of
gas prices used in the base forecast.
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Only base case forecasts are prepared for coal fuels
because of the fuels' relatively low price volatility. Only a
base case forecast for oil is utilized because oil comprises a
very small component of total system generation.

Generating Unit Performance Assumptions

Tampa Electric’s generating unit performance
assumptions are used to evaluate long-range system
operating costs associated with particular generation
expansion plans. Generating units are characterized by
several different performance parameters. These parameters
include capacity, heat rate, unit derations, planned
maintenance weeks, and unplanned outage rates. The unit
performance projections are based on historical data trends,
engineering judgement, time since last planned outage, and
recent equipment performance. The first five years of
planned outages are based on a forecasted outage schedule,
and the planned outages for the balance of the years are
based on an average of the first five years.

The five-year forecasted outage schedule is based on
unit-specific maintenance needs, material lead-time, labor
availability, and the need to supply our customers with
power in the most economical manner. Unplanned outage
rate projections are based on an average of three years of
historical data adjusted, if necessary, to account for current
unit conditions.

Financial Assumptions

Tampa Electric makes numerous financial assumptions as
part of the preparation for its Ten-Year Site Plan process.
These assumptions are based on the current financial status
of the company, the market for securities, and the best
available forecast of future conditions. ‘The primary financial
assumptions include the FPSC-approved Aflowance for Funds
Used During Canstruction (AFUDC) rate, capitalization ratios,
financing cost rates, tax rates, and FPSC-approved
depreciation rates.

« - Per the Florida Administrative Code, -?n amount for



AFUDC is recorded by the company during the
construction phase of each capital project. This rate is
set by the FPSC and represents the cost of money
invested in the applicable project while it is under
construction. This cost is capitalized, becomes part of
the project investment, and is recovered over the life
of the asset. The AFUDC rate assumed in the Ten-
Year Site Plan represents the company’s currently
approved AFUDC rate.

« The capitalization ratios represent the percentages of
incremental long-term capital that are expected to be
issued to finance the capital projects identified in the
Ten-Year Site Plan.

+ The financing cost rates reflect the incremental cost of
capital associated with each of the sources of long-
term financing.

« Tax rates include federal income tax, state income tax,
and miscellaneous taxes including property tax.

Depreciation represents the annual cost to amortize
the total original investment in a plant over its useful
life less net salvage value. This provides for the
recovery of plant investment. The assumed book life
for each capital project within the Ten-Year Site Plan
represents the average expected life for that type of
investment.

Integrated Resource Planning Process

Tampa Electric’s Integrated Resource Planning process
was designed to evaluate demand side and supply side
resources on a fair and consistent basis to satisfy future
energy requirements in a cost-effective and reliable manner,
while considering the interests of utility customers and
shareholders.

The process incorporates a reliability analysis to
determine timing of future needs and an economic analysis
to determine what resource alternatives best meet future
system demand and energy requirements. Initially, a
demand and energy forecast, which excludes incremental
DSM programs, is developed. Then a supply plan based on
the system requirements, which excludes incremental DSM,
is developed. This interim supply plan becomes the basis for
potential avoided unit(s) in a comprehensive cost-effective

analysis of the DSM programs. Once the cost-effective DSM
programs are determined, the system demand and energy
requirements are revised to include the effects of these
programs on reducing system peak and energy
requirements. The process is repeated to incorporate the
incremental DSM programs and supply side resources.

The cost-effectiveness of DSM programs is based on the
following standard Commission tests: the Rate Impact
Measure (RIM), the Total Resource Cost (TRC), and the
Participants Tests. Using the FPSC’s standard cost-
effectiveness methodology, each measure is evaluated based
on different marketing and incentive assumptions. Utility
plant avoidance assumptions for generation, transmission,
and distribution are used in this analysis. All measures that
pass the RIM, TRC, and Participants Tests in the DSM analysis
are considered for utility program adoption. Each adopted
measure is quantified into annual KW/kWh savings and is
reflected in the demand and energy forecast. Measures with
the highest RIM values are generally adopted first. Tampa
Electric evaluates DSM measures using a spreadsheet that
comports with Rule 25-17.008, FA.C., and the FPSC’s
prescribed cost-effectiveness methodology.

Generating resources to be considered are determined
through an alternative technology screening analysis, which
is designed to determine the economic viability of a wide
range of generating technologies for the Tampa Electric
service area.

The technologies that pass the screening are included in
a supply side analysis, which examines various supply side
alternatives for meeting future capacity requirements.

Tampa Electric uses the PROVIEW module of STRATEGIST,
a computer model developed by New Energy Associates, to
evaluate the supply side resources. PROVIEW uses a dynamic
programming approach to develop an estimate of the timing
and type of capacity additicns which would most
economically meet the system demand and energy
requirements, Dynamic programming compares all feasible
combinations of generating unit additions, which satisfy the
specified reliability criteria, and determines the schedule of

Tampa Electric Ten-Year Site Plan | 2007 54




additions that have the lowest revenue requirements. The
model uses production costing analysis and incremental
capital and O&M expenses to project the revenue
requirements and rank each plan.

A detailed cost analysis for each of the top ranked
resource plans is performed using the PROMOD economic
dispatch model in conjunction with an incremental capital
revenue requirement calculation. The capital expenditures
associated with each capacity addition are obtained based
on the type of generating unit, fuel type, capital spending
curve, and in-service year. The fixed charges resuiting from
the capital expenditures are expressed in present worth
dollars for comparison. The fuel and the operating and
maintenance costs associated with each scenario are
projected based on economic dispatch of all the energy
resources on our system. The projected operating expense,
expressed in present worth dollars, is combined with the
fixed charges to obtain the total present worth of revenue
requirements for each alternative plan.

Strategic Concerns

Strategic concerns affect the type, capacity, and/or
timing of future generation resource requirements.
Concerns such as competitive pressures, environmental
legislation, and plan acceptance are not easily quantified.
These strategic concerns are considered within the
Integrated Resource Planning process 10 ensure that an
economically viable expansion plan is selected which has the
flexibility for the company to respond to future technological
and economic changes. The resulting expansion plan may
include self-build generation, market purchase options or
other viable supply and demand-side alternatives,

The results of the Integrated Resource Planning process
provide Tampa Electric with a plan that is cost-effective while
maintaining flexibility and adaptability to a dynamic
regulatory and competitive environment. The new capacity
additions are shown in Schedule 8. To meet the expected
system demand and energy requirements over the next ten
years and cost-effectively maintain system reliability, Tampa
Electric is planning the addition of combustion turbines, Polk
Unit 6 IGCC, and economical market purchases. For the
purposes of this study, Big Bend CT Units 1 through 3 are
assumed to be retired in January 2015.
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As the scheduled SCR outages and construction outages
for the new units approach, Tampa Electric will continue to
look for competitive purchase power agreements that may
replace or delay the scheduled new units. Such alternatives
would be considered if better suited to the overall objective
of providing reliable power in the most cost effective
manner,

Generation and Transmission
Reliability Criteria

Generation

Tampa Electric currently uses two criteria to measure the
reliability of its generating system. The company utilizes a
20% reserve margin criteria and a 7% minimum summer -
supply side reserve margin criteria. Tampa Electric’'s approach
to calculating percent reserves are consistent with that
outlined in the settlement agreement. The calculation of the
minimum 20% reserve margin employs an industry accepted
method of using total available generating and firm
purchased power capacity (capacity less planned
maintenance and contracted unit sales) and subtracting the
annual firm peak load, then dividing by the firm peak load,
and multiplying by 100%. Since the reserve margin
calculation assumes no forced outages, Tampa Electric
includes the purchased power contract with invenergy for
the Hardee Power Station in its available capacity.
Contractually, Hardee Power Station is planned to be
available to Tampa Electric at the time of system peak. Also,
the capacity dedicated to any firm unit or station power
sales at the time of system peak is subtracted from Tampa
Electric’s available capacity.

Tampa Electric's summer supply-side reserve margin is
calculated by dividing the difference of projected supply-side
resources and projected total peak demand by the
forecasted firm peak demand. The total peak demand
includes the summer firm peak demand, and interruptible
and load management loads.



Transmission

The following criteria are used as guidelines for
proposing system expansion and/or improvement projects. A
detailed engineering study must be performed prior to
making a prudent decision to initiate a project.

Tampa Electric follows FRCC planning criteria as
contained in its Principles and Guides for Planning Reliable
Bulk Electric Systems. The FRCC planning guide is based on
NERC Planning Reliability Standards, which are used to
measure system adequacy. in general the NERC standards
state that the transmission system will remain stable, within
the applicable thermal and voltage rating limits, without
cascading outages, under normal, single and multiple
contingency conditions.

Generation Dispatch Modeled

The generation dispatched in the planning models is
dictated on an economic basis and is calculated by the
Economic Dispatch (ECDI) function of the PSS/E loadflow
software. The ECDI function schedules the unit dispatch so
that the total generation cost required to meet the projected
load is minimized. This is the generation scenario contained
in the power flow cases submitted to fulfill the requirements
of FERC Form 715 and the FRCC.

Since varying load levels and unplanned and planned
unit outages can result in a system dispatch that varies
significantly from a base plan, bulk transmission planners
also investigate several scenarios that may stress Tampa
Electric's transmission system. These additional generation
sensitivities are analyzed to ensure the integrity of the bulk
transmission system under maximized bulk power flows.

Transmission System Planning Loading Limits Criteria
Tampa Electric follows the FRCC planning criteria as

contained in of the FRCC Standards Handbook and

NERC Standards. In addition to FRCC criteria, Tampa

Electric utilizes company-specific planning criteria. The

following table summarizes the thresholds, which

alert planners to problematic transmission lines and

transformers.

Transmission System Loading Units

MAXIMUM ACCEPTABLE
LOADING UNIT FOR
TRANSFORMERS AND
TRANSMISSION LINES

TRANSMISSION SYSTEMS

CONDITIONS

All elements in service 100%
v [
osaenigy 100%
o o
T o

The transmission system is planned to allow voltage
control on the 13.2 kV distribution buses between
1.023 and 1.043 per unit. For screening purposes, this
criterion can be approximated by the following
transmission system voltage limits.

Transmission System Voltage Units

INDUSTRIAL
SUBSTATION
BUSES
AT POINT-OF-
SERVICE

138KV AND
230 KV BUSES

TRANSMISSION
SYSTEMS

69 KV BUSES

CONDITIONS

Single
Contingency
(pre-switching)

Single
Contingency
{post-switching)

0.925 -
1050 p.u.

Bus 0.925 -
Outages 1.050 p.u.

Available Transmission Transfer Capability (ATC)
Criteria

Tampa Electric Company complies with the FRCC ATC
calculation methodology as well as the principles
contained in the NERC Standards relating to ATC.
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Transmission Planning Assessment Practices
Base Case Operating Conditions

The System Planning department ensures that the
Tampa Electric Company transmission system can support
peak and off-peak system load levels without violation of the
loading and voltage criteria stated in the Generation and
Transmission Reliability Criteria section of this document.

Single Contingency Planning Criteria

The Tampa Electric Company transmission system is
designed such that any single branch (transmission line or
autotransformer) can be removed from service up to the
forecasted peak load leve! without any violations of the
criteria stated in the Generation and Transmission Reliability
Criteria section of this document.

Multiple Contingency Planning Criteria

Double contingencies involving two branches out of
service simultaneously are analyzed at 100% of peak load
level. The Tampa Electric Company transmission system is
designed such that these double contingencies do not cause
violation of NERC criteria.

Transmission Construction and Upgrade Plans

A detailed list of the construction projects can be found
in Chapter IV, Schedule 10. This list represents the latest
transmission expansion plan available. However, due to the
timing of this document in relationship to the company’s
internal planning schedule, this plan may changg in the near
future,

Supply Side Resources Procurement Process

Tampa Electric will manage the procurement process in
accordance with established policies and procedures.
Prospective suppliers of supply side resources as well as
suppliers of equipment and services will be identified using
various data base resources and competitive bid evaluations,
and will be used in developing award recommendations to
management.

This process will allow for future supply side resources to
be supplied from self-build, purchase power, or competitively
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bid third parties. Consistent with company practice, bidders
will be encouraged to propose incentive arrangements that
promote development and implementation of cost savings

and process improvement recommendations.

DSM Energy Savings Durability

Tampa Electric verifies the durability of energy savings
from its conservation and load management programs by
several methods. First, Tampa Electric has established a
monitoring and evaluation process where historical analysis
validates the energy savings. These include:

(1) periodic system load reduction analyses for
residential load management (Prime Time) to
confirm the accuracy of Tampa Electric’s load
reduction estimation formulas;

(2) billing analysis of various program participants
compared to control groups to minimize the
impact of weather abnormalities;

(3) periodic DOE2 modeling of various program
participants to evaluate savings achieved in
residential programs involving building
components;

(4) end-use sampling of building segments to
validate savings achieved in Conservation Value
and Commercial Indoor Lighting programs; and

(5) in commercial programs such as Standby
Generator and Commercial Load Management, the
reductions are verified through metering of loads
under control to determine the demand and
energy savings.

Second, the programs are designed to promote the use
of high-efficiency equipment having permanent installation
characteristics. Specifically, those programs that promote the
installation of energy efficient measures or equipment (heat
pumps, hard-wired lighting fixtures, ceiling insulation, air
distribution system repairs, DX commercial cooling units)
have program standards that require the new equipment to
be installed in a permanent manner thus insuring their
durability.



Tampa Electric's Renewable Energy Programs

Tampa Electric has offered a pilot Renewable Energy
Program for several years. Due to the recent success of
the pilot, permanent program status was requested by

the company and approved by the Commission in Order No.

PSC-07-0052-CO-EG, Docket No. 06078-EG, issued
January 19, 2007.

Through December 2006, Tampa Electric’s Renewable
Energy Program has approximately 1,500 customers
purchasing over 2,000 blocks of renewable energy each
month. Participation for 2006 alone increased the total
number of participants in the program by over 52
percent since inception. In addition, with the permanent
program status effective January 2007, the company
doubled the renewable energy block size from 100 to 200
kWh per month.

Tampa Electric is one of the few electric utilities in the
state that uses renewable generation produced in the
State of Florida. The company's renewable generation
portfolio consists of four photovaltaic (PV) arrays totaling 40
kW. The PV arrays are installed at the Museum of Science
and Industry, Walker Middle and Middleton High schools
and Tampa Electric's Manatee Viewing Center. Additionaily,
Tampa Electric is evaluating a methodology to utilize
captured methane gas emanating from a Hillsborough
County landfill.

Program growth has now reached a point where it has
become necessary to supplement the company’s renewable
resources with incremental purchases from a biomass facility
in south Florida. Through December 2006, participating
customers have utilized over 4.5 GWH of renewable energy
since the program inception.

Tampa Electric recognizes the need and value of
renewable generation for the future, and to that end,
the company continues to investigate and obtain the
most cost-effective methods of system generation and
available off-system incremental purchases.
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Environmental and Lanq j | ‘_

The future generating capacity additions identified in
Chapter IV could occur at H.L. Culbreath Bayside Power
station, Polk Power Station, or Big Bend Power Station. The
H.L. Culbreath Bayside Power Station site is located in
Hillsborough County on Port Sutton Road (See Figure VI-1),
Polk Powver station site is located in southwest Polk County
close to the Hillsborough and Hardee County lines (See
Figure VI-2) and Big Bend Power Station is located in
Hillsborough County on Big Bend Road (See Figure VI-3). All
facilities are currently permitted as existing power plant sites.
Additional land use requirements and/or alternative site
locations are not currently under consideration.

59 Tampa Electric Ten-Year Site Plan | 2007



W61 U VARV ‘OWN0 5950 CRDEres
dVIN NO d

Tampa Electric Ten-Year Site Plan | 2007 60




61

Figure Wi-2
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WMJ Exhibit No. 1

DIRECT TESTIMONY OF
WILLIAM M. JASPER
ON BEHALF OF APPALACHIAN POWER COMPANY

BEFORE THE PUBLIC SERVICE COMMISSION OF WEST VIRGINIA

IN CASE NO. 06-0033-E-CN

PLEASE STATE YOUR NAME AND BUSINESS ADDRESS.

My name is William M. Jasper. My business address is 1 Riverside Plaza,
Columbus, Ohio 43215.

BY WHOM ARE YOU EMPLOYED AND IN WHAT CAPACITY?

I am Director — New Generation Projects for American Electric Power Service
Corporation (“AEPSC”), a wholly-owned subsidiary of American Electric Power
Company, Inc. (“AEP”). AEP is the parent company of Appalachian Power
Company (“APCo” or the “Company”).

I am responsible for the development and implementation of new
generation projects for AEP. In this regard, | also provide data to be used in
analyses performed by AEP personnel. Once the need for new generation has
been established, and the appropriate technology has been selected, my job is to
find the optimal solution for implementing the project, which employs that
technology to satisfy that need. | am then responsible for executing that solution
by overseeing the design, procurement, construction and startup of the new
generation facility. In my position, | am responsible for those aspects of APCo’s
proposed Integrated Gasification Combined Cycle (“IGCC”) facility.

WHAT IS YOUR EDUCATIONAL BACKGROUND AND RELEVANT

BUSINESS EXPERIENCE?
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I have a Bachelors of Science degree in Mechanical Engineering from the
University of Houston. | have attended many seminars and programs related to
my work. These include the Public Utility Executive Program at the University of
Michigan and the Program for Management Development at Harvard University.

I began my career in 1972 with Central Power and Light Company
(“CPL"), a subsidiary of Central and South West Corporation (“CSW”). | held
several positions relating to the startup and operations of power generation
facilities including Results Engineer, Assistant Plant Manager, Operations
Supervisor and Plant Manager. | then was promoted to Director of Environmental
Services where | was responsible for the environmental compliance and
permitting programs. In 1991, | became Director of Engineering Services. | was
responsible for the planning and operation of CPL’s bulk power system. This
included transmission and generation planning and generation and transmission
dispatching. Later, my responsibilities were expanded to include transmission
and substation engineering and construction, as well as CPL’s transformer and
meter shops.

In 1994, | transferred to CSW Energy, an affiliate company, as Director of
Engineering and Construction. My responsibilities covered the technical support
for development of independent power projects developed by CSW Energy. Once
these projects were developed, | was responsible for the execution of the projects.
In that role, | oversaw the conceptual design of the facility, established the

contracting strategies, negotiated the contracts for the engineering, procurement
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and construction of those facilities, and reviewed the turnover and acceptance of
the facilities from the contractors.

With the merger of CSW and AEP in 2000, | was named Director of
Major Projects. In that role, | was responsible for the execution of major
generation projects in AEP’s western fleet. In 2004, | was named to the position
of Director — Field Services, responsible for major capital projects in AEP’s entire
existing fleet. Later in 2004, I accepted the position of Director — New
Generation Projects, responsible for IGCC, natural gas combined cycle and
natural gas peaking projects. In 2007 my position was expanded to give me

responsibility for all new generation projects.

Purpose of Testimony

Q.

WHAT IS THE PURPOSE OF YOUR TESTIMONY IN THIS
PROCEEDING?

The purpose of my testimony is to provide an overview of the process APCo has
followed regarding its proposal to construct an IGCC facility adjacent to its
Mountaineer power plant located in New Haven, West Virginia. In doing so, |
will provide an overview of the feasibility study and the Front End Engineering
and Design (“FEED”) that General Electric Company, through its GE Energy
Business, and Bechtel Power Corporation (“GE/Bechtel’”) performed in
conjunction with AEP. | will then discuss the cost estimates developed as a result
of the FEED and report on the status of contract negotiations with GE/Bechtel.
Finally, I will summarize the current schedule and path forward for APCo’s IGCC

project.
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ARE YOU SPONSORING ANY EXHIBITS?

Yes. In addition to my testimony, | am sponsoring WMJ Exhibit Nos. 2 and 3.
PLEASE SUMMARIZE THE PROCESS THAT HAS LED APCO TO
PROPOSE THE CONSTRUCTION OF A 629 MW IGCC GENERATING
FACILITY ADJACENT TO ITS MOUNTAINEER POWER PLANT.

Once an IGCC facility was identified as a viable option for the next generation of
coal-fired power plants on the AEP East System, AEP commissioned a feasibility
study to evaluate the feasibility, scope and cost of an AEP-specific IGCC plant.

Based upon the results of the feasibility study, AEP initiated FEED for an IGCC

the substantive terms of an Engineering, Procurement and Construction (“EPC”)
Contract with GE/Bechtel, which, to focus on the West Virginia project, will
permit construction of an IGCC plant adjacent to the Mountaineer plant to begin
once APCo has obtained all necessary regulatory approvals.

WHAT OBJECTIVES DID AEP AND THE COMPANY PURSUE
THROUGHOUT THIS PROCESS?

Contract with an entity to provide for coverage of substantially all of the scope of
the IGCC project within one commercial package. Under this approach, one
supplier will be responsible for the design, supply, construction, startup, testing
and warranties of all major equipment and supporting systems. This will allow

substantially all of the facility to be covered by one set of guarantees. These
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Qguarantees will have much higher limits, and be more comprehensive than would
be the case if equipment and systems were supplied on an individual vendor basis.

This approach can be contrasted with the execution model that has been
used by others for similar projects. In that model, a potential owner of an IGCC
facility would purchase a license from a gasification supplier. That owner would
then contract with someone to build the equipment in accordance with the design
information supplied with the license purchased from the technology supplier. It
would then contract with another party to incorporate this into the design of the
overall facility. The owner would also purchase all of the other equipment, such
as gas turbines, to be incorporated into this facility design. The owner would
contract with yet another third-party to construct the facility. The owner or some
other party would then be responsible for starting-up the facility. The overall
outcome of this approach is that there is no one party, other than the owner, who
has the responsibility for assuring that the end product functions as expected. In
AEP/APCo’s judgment, the risk associated with this model is inadvisable, both
for themselves and for APCo’s customers.

WHY WAS GE/BECHTEL SELECTED TO WORK ON THE IGCC

PROJECT?

/{ Formatted: Highlight
At the inception of the feasibility study, GE/Bechtel was identified as the obvious

team capable of supplying a utility-grade IGCC facility with a commercial
package consistent with AEP’s execution model. GE has a long history of
providing equipment and services to the utility industry. In 2004, GE acquired

the gasification business previously owned by ChevronTexaco and subsequently



ol

10

11

12

13

14

15

16

17

18

19

20

21

22

Page 6 of 19

integrated this business into the overall GE Energy family of businesses. Bechtel

has a similarly long history in executing global power, refining and chemical

logical choice to act as the single EPC contractor for APCo’s IGCC project.

Feasibility Study

Q.

PLEASE DESCRIBE THE PROCESS THAT WAS INITIALLY UTILIZED
TO DETERMINE THE FEASIBILITY, SCOPE AND THE COST OF A
NEW IGCC PLANT.

In the early part of 2005, AEPSC requested that GE/Bechtel conduct a feasibility
study for an AEP-specific IGCC plant. GE/Bechtel conducted the feasibility
study in parallel with their efforts to develop the scope and cost of a standard
GE/Bechtel “reference” plant.

WHAT DOES THE TERM “REFERENCE” PLANT MEAN?

The term “reference” plant describes a standard plant design that can be used as
the starting point for the design of a specific plant. This standard design sets the
definition of most of the major equipment of the plant. With an “off the shelf”
estimate of a reference plant available, it is easier to develop a scope and cost
estimate for the reference plant and determine the incremental cost of AEP-
specific options contemplated as additions or deletions from the scope and
estimate of the reference plant.

HOW CLOSELY WILL THE RESULTING PLANT MIRROR THE

REFERENCE PLANT?
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The joint efforts of AEP and GE/Bechtel have produced a number of
optimizations, as further described below, that constitute a prudent balance of
operating flexibility, capital cost, O&M costs and efficiency necessary and
desirable in such a facility operating in a utility environment. In most material
respects, the AEP plant will conform to the GE/Bechtel reference plant design,
but certain design modifications have been made, such as expanding the fuel
envelope to enable using a wide range of Appalachian coals.

WHY IS CONSISTENCY WITH THE REFERENCE PLANT DESIGN
IMPORTANT?

A great deal of work has gone into the development of the reference plant.
Significant synergy and efficiency is gained by capitalizing on the engineering,
procurement and construction planning developed for the reference plant case.
Also, lessons learned from similar facilities designed and built according to the
reference plant design will be more directly transferable among plants, including
the APCo facility, if the designs are comparable. This will facilitate ongoing
enhancements in reliability, availability and efficiency.

WHAT WERE THE RESULTS OF THE FEASIBILITY STUDY?

It demonstrated the feasibility of building an IGCC plant and provided a basic
definition of the configuration of the proposed plant. During the development of
this basic scope definition, there were a number of analyses performed to consider
the internal processes of the plant to allow the determination of those processes

that would best balance the costs of, and the benefits derived from, exercising a
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certain design-related option. Additionally, the feasibility study provided for the
development of a “high level” project schedule and a generic cost estimate.

DID THE FEASIBILITY STUDY CONDUCTED BY GE/BECHTEL
COVER THE ENTIRE SCOPE OF THE PROPOSED PLANT?

No. AEP developed the scope for certain parts of the plant. The portions of
scope developed by AEP include those site-related items, or plant systems, with
which we are most familiar. These included site development, fuel and material
unloading and handling, switchyard and transmission interconnection, river
frontage improvements and development, and permitting. Permitting is described
in more detail by Company witness Mallan.

HOW DID AEP DEVELOP ITS PORTIONS OF THE SCOPE?

Discrete points of interface between GE/Bechtel and AEP were identified (e.g.
potable water line, natural gas line, coal transfer, slag conveyor). For that portion
of scope undertaken by AEP, we further defined those items and developed cost
estimates based on a combination of internal experience and indicative cost
estimates from manufacturers and vendors obtained in parallel with the feasibility
study.

WHAT STEPS FOLLOWED THE FEASIBILITY STUDY?

AEP evaluated a number of options regarding the configuration of the IGCC plant

to optimize the costs and benefits of those options. These options included the

a spare gasifier in the scope, the technology to be employed for acid gas removal,

and a variety of potential performance enhancements.
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With the conceptual scope of the plant considered finalized for the
purposes of the feasibility study, the project could then move to the next phase,

which is the FEED.

FEED Phase

WHAT HAPPENED DURING THE FEED PHASE?

During that phase, GE/Bechtel performed more detailed engineering and design
of the AEP-specific plant. This included defining and selecting specific
equipment to be utilized in the plant. This allowed GE/Bechtel to obtain vendor
pricing on this equipment and to develop the quantities of bulk commaodities such
as piping, cable and conduit, concrete and steel for the ultimate installation. All
schedule for the AEP-specific plant.

HOW WAS AEP INVOLVED WITH THE ENGINEERING AND DESIGN
OF THE PROPOSED FACILITY DURING FEED?

AEP took a hands-on approach with the development of the proposed facility. A
number of seasoned AEP employees with utility, IGCC, and process industry
experience were assembled and integrated into the GE/Bechtel project team.
These AEP personnel had many years of operational and process safety
knowledge, knowledge of IGCC lessons learned, and utility operations experience
that could be relied upon to properly configure and integrate an IGCC facility into
AEP East/APCo’s generating fleet. The combined technological knowledge of

the integrated team proved highly effective, as the following example illustrates.
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The meaning of the term baseload generation is largely region specific. In the
AEP East system, low-cost “baseload” coal units must be able to turn down
during periods of low load. These facilities often operate at 100% of their
capacity for the majority of the day, and turn down to low loads during off-peak
hours. Important design features to allow this capability are necessary in a
commercial-scale AEP East/APCo IGCC facility. Through the AEP team
members communicating such needs throughout the design process, the end
product will be a facility that matches these needs, as it will be able to operate
reliably at loads lower than 100%.

WHAT WAS THE WORK PRODUCT THAT WAS DEVELOPED IN
FEED?

The primary products of FEED were a definitive scope of work, a more detailed
set of plant design specifications to enable the procurement of major equipment,
fuel envelope, plant performance data, emissions data, schedule, and a cost
estimate (November 2006) for the completion of the project. A summary of the
FEED work product is contained in WMJ Exhibit No. 2.

PLEASE DESCRIBE THE WORK THAT LED TO THE DEVELOPMENT
OF THE DEFINITIVE SCOPE OF WORK.

The scope of work was split between GE/Bechtel and AEP into areas of greatest
expertise. The GE/Bechtel scope consists of all equipment and activities within
the boundary limits of the IGCC facility, such as air separation, gasification, gas
cleanup, and power block. The AEP scope consists of ancillary equipment and

activities surrounding the facility, such as site preparation, materials handling
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(barge unloading, coal yard, slag disposal), landfill development, natural gas
supply line, and river development. AEP also assumed the scope related to the
transmission interconnection.

PLEASE DESCRIBE THE WORK THAT LED TO THE DEVELOPMENT
OF THE PLANT DESIGN SPECIFICATIONS AND ULTIMATELY, THE
COST DEVELOPMENT.

First, a design basis was developed for the various engineering disciplines. This
allowed all engineering work to be performed using the same set of design
conditions (e.g. ambient temperature range, plant elevation, applicable building
codes, functional requirements).

developed. These PFDs illustrate the basic flow of materials to/from major
process systems. They included an elementary level of detail for process control,
and serve as the starting point for further development.

Many deliverable products were derived from the PFDs. Modeling work

provide information, such as temperature, pressure, flow, and composition for all

of the process streams on the PFDs. In addition, the PFDs were used to develop

operating and design conditions of individual pieces of process equipment.

Finally, the PFDs were also used to create Piping and Instrumentation Diagrams

and control, and equipment.
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The PFDs, PDSs, P&IDs and HMBs were then used to create Material
Selection Guides (“MSGs”). The MSGs provide information regarding the
materials of construction, size, and wall thickness of process piping and
equipment.

The engineering documents described above provided the basis for the
sizing and quantities of piping, cable, equipment, and other bulk materials that
were used in the estimating process. Costs of materials and equipment were
estimated using a combination of GE/Bechtel in-house information, as well as
bids obtained from vendors.

WERE ANY OTHER ACTIVITIES UNDERTAKEN DURING FEED?
Yes. In addition to the engineering workflow described above, many design
considerations and optimizations were performed concurrently.

WHAT WERE SOME OF THE MAIN DESIGN CONSIDERATIONS AND
OPTIMIZATIONS THAT WERE PERFORMED?

One main design consideration was related to the fuel to be used in the
gasification process. Simply specifying eastern bituminous coal as a fuel source
was not adequate from a design perspective, given the variability in key coal
constituents such as ash, sulfur and chlorides. The facility should be able to
handle a very wide range of these constituents to enable the Company to take
advantage of fluctuations in coal availability and cost. Moreover, the facility
should have the flexibility to use various specifications of coal that are being
produced from time to time in the general location of the facility. Of course,

some constraints on fuel flexibility are unavoidable. Practical design
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considerations around sizing of slag lines (ash dependant), sizing of the Acid Gas
Removal and Sulfur Removal Units (sulfur dependant), grade of steel metallurgy
(chloride dependant), and the sizing of the Air Separation Unit (overall fuel
characteristics), impose certain limitations. Through cooperative work by the
AEPSC Fuel, Emissions, and Logistics Group and GE/Bechtel, a fuel envelope
was defined to allow the facility to achieve fuel flexibility, without adding undue
capital costs to the project.

Numerous design optimizations took place around the Acid Gas Removal
System (AGR). The AGR uses a solvent to remove sulfur compounds from the
syngas. Many variables must be optimized in an AGR design, including: level of

removal, solvent temperature, solvent flow, initial capital costs, operating and
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were analyzed by AEP, GE/Bechtel, and UOP, who is the technology licensor of
the Selexol solvent used for sulfur removal.
PLEASE DESCRIBE THE PJM INTERCONNECTION STUDY PROCESS.
The process for obtaining the Interconnection Services Agreement with PJIM
began in January 2005. It is a three-study process that determines the feasibility
of different interconnection plans, the impact on the existing transmission
network, and the facilities cost to implement the agreed upon plan.

The first study, completed by PJM in August 2005, was the PJM
Feasibility Study that presented viable plans for connecting either a one or two
unit IGCC generating facility at the Mountaineer site into the existing 765kV,

345kV and 138kV systems. The next study was the System Impact Study, which
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was completed in February 2006. This study determined the estimated direct
connection costs and the network impacts and associated estimated costs for
connection of one or two units at the Mountaineer location. The third and final
study is the PJM Facilities Study. PJM in consultation with AEP Transmission is
nearing completion of the PIM Facilities Study. The PJM Facilities Study is a
more refined detail analysis that will assess the impact of the new generation to be
connected to the transmission grid and identify the necessary interconnection
methods, the network upgrades, and the more definitive associated costs.

Upon receipt of the PIM Facilities Study, PJIM will forward a draft
Interconnection Services Agreement that will undergo a review and negotiation
process prior to the final execution. The entire PJM study process has
consistently indicated that the transmission grid at the Mountaineer site is well
suited for the power transfer capability necessary for the total generation output.
YOU MENTIONED EARLIER GE/BECHTEL’S ABILITY TO OFFER A
COMMERCIAL PACKAGE WHICH COVERS THE FACILITY WITH
ONE SET OF GUARANTEES. PLEASE DESCRIBE THE KEY
PROVISIONS OF THESE GUARANTEES.

At the highest level, it is critical that the facility be capable of operating in
accordance with all permits and applicable laws. As APCo is making a
significant investment in this facility it is also important to be assured that it will
get what it pays for, in terms of performance, operating flexibility and timely

completion. This will be assured by guarantees related to things such as

AT TP EEAEEE T T

emissions, output, heat rate, turndown and ramp rate.
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EPC Contract and Cost Estimate

Q.

HOW WILL THE ENGINEERING, PROCUREMENT AND
CONSTRUCTION CONTRACT (“EPC CONTRACT”) WITH

GE/BECHTEL BE STRUCTURED?

_{ Formatted: Highlight

liability for performance of the EPC Contract. It is anticipated that the EPC
Contract, of which the major terms have been agreed to by the parties, will be
executed later this year. The EPC Contract will be structured so as to
accommaodate the uncertainty as to when APCo will be able to give GE/Bechtel a
full, complete release to proceed with the work, also referred to as Notice To
Proceed (“NTP”). APCo will not give GE/Bechtel this NTP until appropriate
regulatory approvals have been obtained.

WHAT IS THE ESTIMATED COST OF THE PROPOSED FACILITY?
The estimated direct cost of the base plant (baseline cost estimate) with
transmission interconnection is $2.16 billion, based on November, 2006 pricing,
prior to the addition of Company overheads. It should be understood that this is
an estimate.

The market has been extremely volatile in recent years, making it
impossible to get reasonable pricing fixed at this time. GE/Bechtel is unable to
fix its equipment pricing, material costs and labor rates in advance. This cost
estimate is based on the scope defined during FEED, and pricing as of the
completion of the bulk of the FEED cost estimate work in November, 2006, and is

based on certain pricing assumptions. It is common engineering practice to
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include in projects a dollar value for unforeseen escalation and contingency. In
escalation and contingency. The NTP would be issued by APCo after it receives
regulatory approval, but no sooner than seven months after execution of the EPC
Contract and issuance of a partial, Limited Notice to Proceed (“LNTP”), under
which GE/Bechtel would continue to fine tune the scope and costs and revise its
portion of the baseline cost estimate.

PLEASE DESCRIBE THE PROCESS BY WHICH THIS REVISED
BASELINE COST ESTIMATE WILL BE UPDATED TO REFLECT
CHANGES IN PRICING.

GE/Bechtel and APCo have developed an adjustment mechanism to deal with
significant market escalations in large plant construction costs, as well as other
commodities, that have impacted and are expected to continue to impact large
plant. A significant Company concern with respect to the proposed IGCC facility
is the rapidly escalating costs for commaodities used in large construction projects.
Company witness Rencheck discusses in his testimony the rapid escalation of key
willing to assume this risk for a multi-year project. Even if a contractor was
willing to do so, its estimated price for the project would reflect this risk and the
resulting price estimate would be much higher. To deal with volatility,
GE/Bechtel will, following the issuance of APCo’s NTP, adjust its prices for
equipment, materials and labor on various cost categories, to reflect updated

pricing values and vendor quotes.
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Major Equipment and Subcontracts, with a value more than $1
million, will be competitively re-bid at the appropriate time based
on the project schedule, and substituted for the pricing obtained
from bids for the FEED cost estimate.

Plant Equipment and Subcontracts, with a value less than $1
million, will also be competitively re-bid at the appropriate time
based on the project schedule, and substituted for the pricing
obtained from bids, or from historical data from the FEED cost
estimate.

Bulk Materials. At the time of actual purchase of bulk materials,
actual pricing will be obtained through competitive quotes and
used to adjust the unit prices for bulk materials.

Construction Equipment and Construction and Start-up Materials.
At the time of actual purchase of equipment and construction and
start-up materials, actual pricing will be obtained through
competitive bidding. Gasoline and diesel prices will be adjusted
based on prices published by the Department of Energy.

Craft Labor. Actual corresponding labor rates will be used to
recalculate the labor expenses actually incurred on a monthly basis.
Non-Manual Service Rates. Actual corresponding rates paid for
these support staff personnel during the execution of the project

will be used to recalculate the costs on an annual basis.
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e GE Manufactured and Proprietary Equipment. The mechanism for
adjusting the price of GE manufactured and proprietary equipment

will be agreed upon prior to executing the EPC Contract.

Q. WHAT METHOD WAS USED TO ESTIMATE WHEN THE DIRECT
COSTS WOULD BE INCURRED DURING THE PERIOD OF
CONSTRUCTION?

A Based on my experience with generating plant and other utility-related
construction, | estimated the monthly expenditures taking into consideration: 1)
GE/Bechtel’s payment schedules for the GE/Bechtel scope of work, and 2) the
shape of other EPC cash flow curves related to other projects for the AEP scope
of work. These monthly direct costs shown in WMJ Exhibit No. 3 were then
provided to Company witness Eads for his use.

Schedule

Q. PLEASE PROVIDE AN OVERVIEW OF THE NEXT STEPS IN THIS
PROJECT.

A Outstanding EPC Contract details will be finalized, and ongoing process

optimizations will take place. These optimizations include the evaluation of an

alternative wastewater treatment design, which would discharge treated

wastewater into an underground disposal well, rather than the Ohio River. After .-

EPC contract details have been finalized, the EPC Contract will be executed, and
a limited notice to proceed will be given to GE/Bechtel. Upon receipt of the
necessary regulatory approvals, APCo will then be in a position to provide

GE/Bechtel with an NTP.
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PLEASE PROVIDE A MAJOR MILESTONE PROJECT SCHEDULE FOR
THE EPC PHASE OF THE PROJECT.

The major milestone schedule is provided as Appendix | in WMJ Exhibit No. 2

to proceed is given to the Contractor.

DOES THIS CONCLUDE YOUR DIRECT TESTIMONY?

Yes, it does.
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PUC cools to idea of 'clean coal’ plant on
Iron Range

Commissioners sounded pessimistic on the proposed Iron Range facility but didn't ax it.
By H.J. Cummins, Star Tribune
Last update: November 1, 2007 - 9:57 PM

Minnesota regulators Thursday came close to scrapping a plan to compel the state's energy
companies to buy from a proposed $2 billion "clean coal" plant.

Citing growing disillusionment with coal, and assurances from several utilities that they have
their energy needs covered, the Minnesota Public Utilities Commission nearly rescinded its
Aug. 30 directive to the state's utility companies: that they try to buy from the proposed coal
gasification plant when they go shopping for new power sources for the next 10 to 20 years.

The commission stopped short -- for now -- but only after a series of pessimistic prognoses
for the Excelsior Energy plant proposed for Minnesota's Iron Range.

"We have a whole paradigm shift now," said commission Chairman Leroy Koppendrayer,
pointing to news accounts that coal gasification plants have been delayed or canceled in
Colorado, Florida and Arizona.

"We don't ever want to foreclose on the future,"” Commissioner Phyllis Reha said, "but | think
we're all in agreement that what we have in front of us isn't going to fly."

It was the latest setback in a two-year process for Excelsior, including an administrative law
judges' advisory ruling in April that the project is "not in the public interest."

Still, Excelsior is not without some victories. It received a $36 million clean-energy grant last
spring, and it heard last month that it's on a short list for possible loan guarantees from the
U.S. Department of Energy.

Coal and carbon dioxide

The 600-megawatt Excelsior plant would produce electricity through a new process called
coal gasification. Unlike traditional coal-burning plants, it has the potential to capture carbon
dioxide, the most problematic greenhouse gas.

The Excelsior plant, as proposed, will not initially capture that CO, because it's expensive
and because the plant has no place to store or send it. Developers say that will be a relatively
easy retrofit; opponents say that until that happens, it is little better than traditional plants.

Xcel Energy has long maintained that it won't need any energy from Excelsior in 2011, when
the plant would open. And on Wednesday, Minnesota Power said it can meet its energy
demands with renewable energy sources through 2020.



A chief executive of Excelsior Energy challenged the utilities' projections after the hearing.

"The commission took at face value the utilities' assertion that there will be no need for fossil
[fuel] generation," Julie Jorgensen said.

But there will be shortages, Jorgensen said: "Then they will want to switch to natural gas
generation, and it's bad policy to consume massive quantities of natural gas to generate
power when consumers can't afford to heat their homes as it is."

H.J. Cummins » 612-673-4671

H.J. Cummins ¢ hcummins@startribune.com
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Disclaimer

This report was prepared as an account of work sponsored by an agency of the United States
Government. Neither the United States Government nor any agency thereof, nor any of their
employees, makes any warranty, express or implied, or assumes any legal liability or
responsibility for the accuracy, completeness, or usefulness of any information, apparatus,
product, or process disclosed, or represents that its use would not infringe privately owned
rights. Reference therein to any specific commercial product, process, or service by trade name,
trademark, manufacturer, or otherwise does not necessarily constitute or imply its endorsement,
recommendation, or favoring by the United States Government or any agency thereof. The
views and opinions of authors expressed therein do not necessarily state or reflect those of the
United States Government or any agency thereof.
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Preface

The goal of Fossil Energy (FE) research, development, and demonstration (RD&D) is to ensure
the availability of ultra-clean, abundant, low-cost, domestic electricity to fuel economic
prosperity and strengthen energy security. A broad portfolio of technologies is being developed
within the Clean Coal Program to accomplish this objective. Ever increasing technological
enhancements are in various stages of the research “pipeline,” and multiple paths are being
pursued to create a portfolio of promising technologies for RD&D and eventual deployment.

To benchmark the progress of Clean Coal RD&D, it is essential to establish a baseline for
comparing the performance of today’s fossil energy plant technologies: Pulverized Coal (PC)
Combustion, Integrated Gasification Combined Cycle (IGCC), and Natural Gas Combined
Cycle (NGCC). NETL commissioned an in-depth analysis to estimate the performance and cost
of state-of-the-art power plants taking into account the technological progress in recent years as
well as dramatic escalation in labor and material costs. This desk reference provides a brief
summary of the performance and cost estimates presented in the report titled, “Cost and
Performance Baselines for Fossil Energy Plants, Vol. 1, DOE/NETL-2007/1281.” The plants
use either bituminous coal or natural gas to generate electricity using technology that is available
today or within the next couple of years for a planned start-up in 2010. All cases analyzed in the
study were also designed with CO, capture, so that the cost and performance penalties could be
estimated and benchmarked. This desk reference summarizes the results at the three levels listed
below, allowing the user to drill down to the level of detail desired.

Overview
A top-level overview is provided of all three technologies, with and without CO, capture.

Technology-Level
The technology-level summaries drill down one level, to compare like-technologies both
with and without CO; capture:

e IGCC Technology (GE Energy, ConocoPhillips E-Gas, Shell)
e PC Combustion Technology (sub- and super-critical)
e NGCC Technology

Plant-Level
Plant-level summary sheets drill down an additional level, to describe each case in terms
of the technical, economic, and environmental design basis. A plant description is
outlined in some detail for each case, including mass and heat balance, efficiency, capital
and operating costs, cost-of-electricity (COE), and cost of avoided CO, (if capture is
included).
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Overview — Bituminous & Natural Gas to Electricity

Overview of Bituminous Baseline Study

Objective and Description

The objective of the Cost and Performance Baseline for Fossil Energy Plants; Volume | (Bituminous Coal and Natural
Gas to Electricity) is to determine cost and performance estimates of the near-term commercial offerings for
power plants, both with and without current technology for carbon capture and sequestration (CCS). The study
uses consistent design requirements for all technologies examined, as well as up-to-date performance and capital
cost estimates. The study timeframe focuses on plants built now and commissioned in 2010. Each plant is built
at a greenfield site in the midwestern United States.

The fossil energy plant cost and performance estimates presented in the study can be used as a baseline for
additional comparisons and analyses. These systems analyses are a critical element of planning and guiding
Federal Fossil Energy research, development, and demonstration.

Twelve different power plant configurations are analyzed in the Bituminous Baseline Study. These six
configurations include integrated gasification combined-cycle (IGCC) cases utilizing General Electric

Energy (GEE), ConocoPhillips (CoP), and Shell gasifiers; four pulverized coal (PC) cases, two subcritical and two
supercritical, and two natural gas combined-cycle (NGCC) plants. Each configuration was analyzed with and
without CCS. The study matrix is provided in Table I.

Table I. Study Matrix

Standard Gas Acid Gas Removal / Cco,
Plant Type Conditions Turbine Gasifier / Boiler CO, Separation / Sulfur Capture
(psig/°FI°F) Recovery (%)
1,800/1,050/1,050 GEE Selexol/ - /Claus -
CoP MDEA/ - /Claus -
Shell Sulfinol-M/ - /Claus -
IGCC F-Class
1,800/1,000/1,000 GEE Selexol/Selexol/Claus 90
CoP Selexol/Selexol/Claus 88
Shell Selexol/Selexol/Claus 90
2,400/1,050/1,050 Subcritical Wet flue gas desulfurization 3
(FGD)/ - /Gypsum
PC _ Wet FGD/Econamine/Gypsum 90
3,500/1,100/1,100 Supercritical Wet FGD/ - /Gypsum -
Wet FGD/Econamine/Gypsum 90
2,400/1,050/950 F-Class Heat recovery steam - -
NGCC "
generators - [Econamine/ - 90
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Assumptions
Technical

The IGCC cases are dual-train gasification systems. Once the syngas is cleaned of acid gases and other
contaminants, it is fed to two advanced F-Class combustion turbines (232 MWe gross output each) coupled
with two heat recovery steam generators (HRSGs) and a single steam turbine to generate roughly 750 MWe
gross plant output (about 630 MWe, net). The CCS cases require a water-gas-shift (WGS) and a two-stage
Selexol system to capture the carbon dioxide (CO,), as well as compressors to raise the CO, to the pipeline
requirements of 15.3 MPa (2,215 psia). These CCS systems require a significant amount of extraction steam
and auxiliary power, which reduces the output of the steam turbine and reduces the net plant power to about
520 MWe. Because the IGCC system is constrained by the discrete F-Class turbine size, the system cannot be
scaled to increase the net output to match that of the Table 2. Coal Analysis

cases without CCS. Rank Biturninous
All four PC cases employ a one-on-one configuration Seam lllinois No. 6 (Herrin)
comprising a state-of-the-art PC steam generator and Source Old Ben Mine
steam turbine. The‘boiler is a.dry-bottom, waII-ﬁreq unit Proximate Analysis (weight %)’
that emplc?ys Iow-nltrqgen OXIde‘S (NOx)'burners with As Roceived Dry
over-fire air and selective catalytic reduction for NOx ,
. RS Moisture .12 0.00

control, a wet-limestone, forced-oxidation scrubber

L. Ash 9.70 10.91
for sulfur dioxide (SO,) and mercury (Hg) control, and Vo 7199 o3
a fabric filter for particulate matter (PM) control. In .oat' € matter - -
the cases with CCS, the PC plant is equipped with the Fixed carbon 19 972
Econamine FG Plus™ process. The coal feed rate is Total 100.00 100.00
increased in the CCS cases to increase the gross steam Sulfur 251 2.82
turbine output and account for the higher auxiliary Higher heating value, Btu/lb 11,666 13,126
load of carbon capture and compression. The ability Lower heating value, Beu/lb 11,252 12,712

of the boiler and steam turbine industry to match unit
size to a custom specification has been commercially
demonstrated, enabling a common net output of

550 MWe for the PC cases in this study.

'"The above proximate analysis assumes sulfur as a volatile
matter.

Both the IGCC and PC cases utilize lllinois No. 6 bituminous coal. An analysis of the coal used is provided in
Table 2.

The NGCC cases use two F-Class turbines, each generating a gross 185 MWe. The two turbines are coupled
with two HRSGs and one steam turbine generator in a multi-shaft 2x2x| configuration. For the CCS cases,
CO, is removed in an Econamine FG Plus™ process that imposes a significant auxiliary power load on the
system and requires significant extraction steam, reducing the steam turbine power output. Similar to the IGCC

cases, the NGCC cases are constrained by the Table 3. Environmental Targets

combustion turbine size. The NGCC cases have Pollutant IGCC PC NGCC

a total net power output of 560 MWe without 50, 00128 0.085 Ib/ Negligible
CCS and 482 MWe with CCS. In all CCS cases, Ib/MMBtu MMBtu

the compressed CO, is transported 50 miles NOx 15 ppmvd 0.07 Ib/MMBtu 2.5 ppmvd
via pipeline to a geologic sequestration field @ 15% Oxygen @ 15% Oxygen
for injection into a saline aquifer. In addition to PM (filterable) 0.0071 0.013 Ib/ Negligible
transport and storage, the CO, is monitored for Ib/MMBtu MMBtu

80-years. Hg > 90% capture I.14 Ib/TBtu N/A
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Environmental Table 4. Major Economic Assumptions

Startup date 2010

The. environmental approach for the study was to choose Cost year (US. dollars) 2007
environmental targets for each technology that meet or exceed

. Coal cost ($/MMBtu) 1.80
regulatory requirements. The IGCC targets were chosen
to match the design basis of the Electric Power Research Natural gas cost ($/MMBtu) 6.75
Institute for their CoalFleet for Tomorrow Initiative. Best Available  Capacity factor (%)
Control Technology was applied to each of the PC and NGCC IGCC 80
cases, and the resulting emissions were compared to 2006 PCINGCC 85

New Source Performance Standards limits and recent permit
Capital charge factor (%):

averages.

High risk (All IGCC PC/ 175
Economic NGCC with CO, capture)

Low risk (PC/NGCC 6.4

The total plant cost (TPC) for each technology was determined without CO, capture)

through a combination of vendor quotes, scaled estimates Plant life (years) 30

from previous design/build projects, or a combination of the

two. Total plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials,
labor (direct and indirect), engineering and construction management, and contingencies (process and project).
Owner’s costs are not included.

The cost estimates carry an accuracy of £30 percent, consistent with the screening study level of design
engineering applied to the various cases in this study. All cases were evaluated under the same set of technical
and economic assumptions allowing meaningful comparisons among the cases evaluated.

Table 4 lists the major economic assumptions. In this study, dual trains were used only when equipment capacity
required an additional train, and no redundancy was employed other than normal sparing of rotating equipment.

For those cases that feature CCS, capital and operating costs were estimated for CO, transport, storage, and
monitoring. These costs were then levelized over a 20-year period.

This study assumes that each new plant would be dispatched at the time it becomes available and would be
capable of generating maximum capacity when online. Therefore, capacity factor (CF) is assumed to equal
availability. The CF is 80 percent for IGCC cases and 85 percent for both PC and NGCC cases.

Figure |. Plant Efficiency
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Results

Technical

For cases without CCS, the energy efficiency of NGCC is on the order of 50 percent (higher heating value, HHV
basis); followed by supercritical PC and IGCC, both about 40 percent (HHV basis); and subcritical PC, with an
efficiency of about 37 percent (HHV basis). Figure | shows the relative energy efficiency of each technology
case.

With CCS, the energy penalty is |12 percentage points for PC plants, 7 percentage points for NGCC, and

6-9 percentage points for IGCC. Even with CCS, NGCC still maintains the highest efficiency of the plants
evaluated at over 40 percent (HHV basis). The significant energy penalty for the PC plants reduces the efficiency
to about 26 percent (HHV basis). IGCC has an efficiency advantage over PC in the CCS cases primarily because
the CO, is more concentrated in IGCC syngas than in PC flue gas, thus requiring less energy to capture. The
efficiency of the IGCC plants with CCS is about 32 percent (HHV basis).

Figure 2. SO,, NOx, and PM Emissions

Environmental

All cases meet or exceed the environmental requirements set forth in the study design basis. The NGCC
systems are the cleanest types of fossil power plants due to the low sulfur content and lower carbon-to-
hydrogen ratio of the methane fuel. IGCC plants are the cleanest coal-based systems, with significantly lower
levels of criteria pollutants than the PC plants. Figure 2 compares the results for these pollutant emissions for
the various technology cases.

All CCS cases were required to remove 90 percent of the carbon present in the syngas. Due to a higher
methane content of the syngas in the CoP case, carbon capture was 88.4 percent. NGCC plants produce

40 percent less CO, than the coal-based systems. The uncontrolled coal-based systems emitted as much as
203 Ib/MMBtu of COZ, but with CCS, emissions were reduced to about 20 Ib/MMBtu. Figure 3 compares the
results for CO, emissions for the various technology cases.

All cases were required to control Hg emissions. The environmental target for Hg removal is greater than
90 percent capture for IGCC plants and an emission rate of |.14 |Ib/TBtu for PC plants. Figure 4 depicts the Hg
emissions results for each case.

Water usage among the plants without CCS is lowest in the NGCC cases. The IGCC plants use about one-and-
a-half times as much water as do the NGCC cases, and the PC cases use more than twice the amount of water.
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Figure 3. CO, Emissions

Figure 4. Mercury Emissions

Figure 5. Plant Raw Water Usage
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In all CCS cases, water usage increases. Water usage for IGCC cases is similar to an NGCC with CCS, whereas
the PC case with CCS plants requires three to four times more water. Figure 5 shows the respective water
usage rates for each technology case.

Economic

The coal-based plants have a much higher TPC than NGCC, both with and without CCS. For IGCC, the TPC is
about $1,800/kWe, varying somewhat based on the gasifier type. This is about 20 percent higher than the TPC
for a PC supercritical plant, which is about $1,500/kVVe.

With CCS, the TPC for NGCC and PC plants ($/kW) increases by about | 10 and 85 percent respectively. The
TPC for the IGCC plant increases by around 35 percent. The NGCC plant capital requirement is over
$1,000/kWe, while the IGCC plants cost approximately $2,400 to $2,600/kWVe, and the PC plants cost over
$2,800/kWe. Figure 6 shows the TPC for each technology case.

Figure 6. Plant Capital Requirements

Cost-of-electricity (COE), which accounts for both efficiency and capital cost, is levelized over a 20-year period
and expressed in mills/kWh (one mill is one-tenth of a cent). The electricity cost for cases without CCS ranges
from about 63 mills/kWh for PC to 68.4 mills/kWh for NGCC and an average of 77.9 mills/kWh for IGCC.

With CCS, IGCC is the least expensive coal-based option for CO, removal with a levelized cost-of-electricity
(LCOE) ranging from 102.9 mills/kWh to |10.4 mills/kVWh. This is about 9 percent lower than PC plants
equipped with CCS, which generate electricity at a cost of | 14.8 mills/kWh to | 18.8 mills/kWh. Figure 7 breaks
out the LCOE costs for each technology case.

The cost of CO, avoided was calculated for each CCS case and is shown in Figure 8. On an avoided cost of
CO, basis, IGCC is the least expensive option overall ($32-$42/ton) while NGCC is the most expensive option
($83/ton).

Figure 9 illustrates that at near 80 percent CF, the LCOE for PC cases is less than the LCOE for NGCC cases.
With increased CF, the gap in LCOE between IGCC cases and other technologies narrows. For cases with CCS,
even at higher CFs, the PC LCOE always for PC cases remains the highest.
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Figure 7. Levelized Cost-of-Electricity

The LCOE sensitivity to fuel costs for the cases with and without CCS is shown in Figure 10. The solid line is
the LCOE of NGCC without CCS as a function of natural gas cost. The dashed line is the LCOE of NGCC
with CCS as a function of natural gas cost. The points on the lines represent the natural gas cost that would be
required to make the LCOE of NGCC equal to the respective PC or IGCC technologies at a given coal cost.

Figure 8. Cost of CO, Avoided

The coal prices shown ($1.35, $1.80, and $2.25/MMBtu) represent the baseline cost and a range of +25 percent
around the baseline.

Figure 9. Average LCOE Sensitivity to Capacity Factor
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Without CCS, at the baseline coal cost of $1.80/MMBtu, the LCOE for PC cases equals that of NGCC case at a
natural gas price of $6.15/MMBtu; and LCOE for IGCC cases equals that of NGCC case at a gas price of
$7.96/MMBtu. With CCS, for the coal-based technologies at a baseline coal cost of $1.80/MMBtu, to be equal

to the NGCC case, the cost of natural gas would have to be $7.73/MMBtu (IGCC cases) and $8.87/MMBtu (PC
cases).

Figure 10. LCOE Sensitivity to Fuel Costs

Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
PO. Box 10940 P.O.Box 880
Pittsburgh, PA 15236 Morgantown, WYV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@netl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
Overview_051507
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|GCC Plants With and Without
Carbon Capture and Sequestration

Technology Overview

Six Integrated Gasification Combined-Cycle (IGCC) power plant configurations operating on bituminous coal
were evaluated and the results are presented in this summary sheet. All cases were analyzed on the same basis,
using a consistent set of assumptions and analytical tools. Each gasifier type was assessed with and without
carbon capture and sequestration (CCS). The individual configurations are as follows:

*  GE Energy (GEE) IGCC plant.

*  GEE IGCC plant with CCS.

*  ConocoPhillips (CoP) E-Gas™ IGCC plant.

*  CoP IGCC plant with CCS.

*  Shell IGCC plant.

*  Shell IGCC plant with CCS.

Each IGCC design is based on a market-ready technology that is assumed to be commercially available in time
to support a 2010 startup date. In cases where equipment or processes have little or no commercial operating
experience, a process contingency was added to the cost analysis. The IGCC plants are built at a greenfield site
in the midwestern United States and are assumed to operate at 80 percent capacity factor (CF) without sparing
of major train components. Nominal plant size (gross rating) is 750 MWe without CCS and 700 MWe with CCS.
All designs employ state-of-the-art gasifier technology. The primary fuel is an lllinois No. 6 bituminous coal with
a higher heating value (HHV) of 11,666 Btu/lb. Syngas generated in the oxygen (O,)-blown gasifier is cooled and
cleaned prior to being fed to two advanced F-Class combustion turbines. The Brayton cycle is combined with
two heat recovery steam generators (HRSGs) and a steam turbine for Rankine cycle power generation. For the
CCS cases, a water-gas-shift (WGS) reactor converts carbon monoxide (CO) to carbon dioxide (CO,),and a
two-stage Selexol Acid Gas Removal (AGR) unit separates the hydrogen sulfide and CO,. After compression, the
CO, is transported for storage and monitoring.

See Figure | for a generic block flow diagram of an IGCC plant. The orange blocks in the figure represent the
unit operations added to the configuration for CCS cases.

Figure |I. IGCC Power Plant

PM control: Water scrubbing and/or cyclones and candle filters to get 0.007 Ib/MMBtu

Sulfur oxides control: Selexol AGR of sulfur to <28 ppmvd hydrogen sulfide in syngas; Claus plant
with tail gas recycle for ~99.6% overall sulfur recovery

Nitrogen oxides control: Nitrogen dilution and/or syngas humidification to ~120 Btu/scf lower
heating value to get |15 ppmvd @ 15% oxygen

Carbon dioxide control: Selexol and water-gas-shift reactor for 90% removal
Mercury control: Activated carbon beds for ~95% removal

Advanced F-Class turbine: 232 MWe

Steam conditions: 1,800 psig/1,050°F (w/o CCS); 1,800 psig/1,000°F (with CCS)

Orange blocks indicate unit operations added for CCS Case.

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



IGCC Technology — Bituminous Coal IGCC With and Without CCS

Technical Description

Oxygen-blown, dual-gasifier trains are supplied with lllinois No. 6 bituminous coal. Cryogenic air separation units
supply 95 mole percent oxygen to the gasifiers. After being cleaned of particulate matter (PM), mercury (Hg),
and sulfur compounds, the syngas is fed to two combustion turbines. The combustion turbines are based on an
advanced F-Class design that generates 232 MWe on syngas. With two combustion turbines, the combined gross
gas turbine output is 464 MVWVe.

Nitrogen dilution is used to the maximum extent possible in all cases, and syngas humidification and steam
injection are used only if necessary to achieve a syngas lower heating value (LHV) of approximately 120 Btu/

scf. The Brayton cycle is integrated with a conventional subcritical steam Rankine cycle consisting of two

HRSGs and a steam turbine, operating at 12.4 MPa/566°C/566°C (1,800 psig/1,050°F/1,050°F) in cases without
CCS. The two cycles are integrated by use of the combustion turbine exhaust heat for generation of steam in
the HRSGs, by feedwater heating in the HRSGs, and by heat recovery from the IGCC process. Recirculating
evaporative cooling systems are used for cycle heat rejection. The average efficiency of the cases without CCS is
39.5 percent HHYV for a plant with a nominal gross rating of 750 MWe.

The CCS cases require a significant amount of auxiliary power and extraction steam for the process, which
reduces the output of the steam turbine in those cases due to a reduction in steam conditions to 12.4 MPa/
538 °C/538°C (1,800 psig/1,000°F/1,000°F). The lower main and reheat steam temperature is due to reduced
turbine firing temperature. Although the reduced firing temperature allows for more reliable operation

with a high-hydrogen content fuel, it also results in a lower turbine exhaust temperature. This results in a
lower nominal gross plant output for the CCS cases of about 700 MWe, for an average net plant efficiency of
32 percent (HHV basis).

The nominal 90 percent CO, reduction is accomplished by adding sour-gas-shift (SGS) reactors to convert

CO to CO, and using a two-stage Selexol process with a second stage CO, removal efficiency of up to 95
percent, a number that was supported by vendor quotes. In the GEE CO, capture case, two stages of SGS and

a Selexol removal efficiency of 92 percent were required, which resulted in 90.2 percent reduction of CO, in

the syngas. The CoP capture case required three stages of SGS and 95 percent capture in the Selexol process,
which resulted in 88.4 percent reduction of CO, in the syngas. In the CoP case, the capture target of 90 percent
could not be achieved because of the high syngas methane

content (3.5 volume percent (vol%) compared to 0.10 Table I. Fuel Analysis
vol% in the GEE gasifier and 0.04 vol% in the Shell gasifier). Rank Bituminous
The Shell capture case required two stages of SGS and 95 Seam lllinois No. 6 (Herrin)
percent capture in the Selexol process, which resulted in Source Old Ben Mine
90.8 percent reduction of CO, in the syngas. Proximate Analysis (weight %)'
. . As Received Dry
Once captured, the CO, is dried and compressed to 15.3 -
MPa (2,215 psia). The compressed CO, is transported via Moisture 112 0.00
pipeline to a geologic sequestration field for injection into a Ash 9.70 1091
saline aquifer, which is located within 50 miles of the plant. Volatile matter 34.99 39.37
Therefore, CO, transport, storage, and monitoring costs are | Fixed carbon 44.19 49.72
included in the analyses. Total 100.00 100.00
Sulfur 251 2.82
Fuel Analysis and Costs Higher heating value, Btu/lb 11,666 13,126
All IGCC coal-fired cases were modeled using lllinois No. 6 Il'ower heating vélue' Bru/lb . 11,252 IZJI?
. . . . The above proximate analysis assumes sulfur as a volatile
coal, characterized by the proximate analysis shown in matter

Table |I.
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IGCC Technology — Bituminous Coal IGCC With and Without CCS

A cost of $1.80/MMBtu (January 2007 dollars) was determined from the Energy Information Administration
AEO2007 for an eastern interior high-sulfur bituminous coal.

Environmental Design Basis

The environmental approach for this study was to evaluate each of the Table 2. Environmental Targets
IGCC cases on the same regulatory design basis. The environmental Pollutant IGCC
specifications for a greenfield IGCC plant are based on the Electric SO, 0.0128 Ib/MMBtu

Power Research Institute (EPRI) CoalfFleet User Design Basis for NOx I5 ppmvd @ 15% Oxygen
Coal-Based IGCC Plants specification. Table 2 provides details of the PM (filterable) | 0.0071 Ib/MMBtu
environmental design basis for IGCC plants built at a midwestern Hg >90% capture

location. The emission controls assumed for each of the six IGCC
cases are as follows:

*  Selexol, Sulfinol-M, or refrigerated methyldiethanolamine AGR in combination with a Claus plant are used
for sulfur dioxide (SO,) control in the GEE, Shell, and CoP cases without CCS, respectively.

* A two-stage Selexol process was used for AGR and CO, control in all CCS cases.

*  Nitrogen dilution is used for nitrogen oxides (NOXx) control to the maximum extent possible, and
humidification and steam injection are used to obtain the required syngas heating value, if required.

*  Water scrubbing and/or cyclones and candle filters were used for PM control.

*  Activated carbon beds were used for Hg removal.

Major Economic and Financial Assumptions

Table 3. Major Economic and Financial
Assumptions for IGCC Cases

For the IGCC cases, estimates of capital cost, production

cost, and levelized cost-of-electricity (LCOE) estimates were
developed for each plant based on adjusted vendor-furnished
and actual cost data from recent design/build projects. These
costs resulted in determination of a revenue requirement for

Major Economic Assumptions

Capacity factor 80%

Costs per year, constant U.S. dollars | 2007 (January)
lllinois No. 6 coal delivered cost $1.80/MMBtu

a 20-year LCOE based on the power plant costs and assumed | Construction period 3 years
financing structure. Listed in Table 3 are the major economic Plant startup date 2010 (January)
and financial assumptions for the IGCC cases. Major Financial Assumptions
Depreciation 20 years
Project co.ntlngenues were added to each of the cases to Federal income tax 34%
cover project uncertainty and the cost of any additional - S
State income tax 6%

equipment that could result from detailed design. The project
contingencies represent costs that are expected to occur.
Project contingency was an average of |13.4 percent for the

After tax weighted cost of capital 9.67%

Capital structure:

IGCC cases without CCS and an average of |13.8 percent for gz:tmon ey 22; Egzzzz :?‘;o;
the IGCC cases with CCS. -
Capital charge factor 17.5%

Process contingency is intended to compensate for
uncertainties arising as a result of the state of technology development. Process contingencies have been applied
to the estimates as follows:

e Slurry Prep and Feed — 5 percent on GE IGCC cases.
*  Gasifiers and Syngas Coolers — |5 percent on all IGCC cases.
*  Two Stage Selexol — 20 percent on all IGCC cases with CCS.

*  Mercury Removal — 5 percent on all IGCC cases.
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*  Combustion Turbine Generator — 5 percent on all IGCC cases without CCS; |0 percent on all IGCC
cases with CCS.

* Instrumentation and Controls — 5 percent on all IGCC cases.
This study assumes that each new plant would be dispatched any time it is available and would be capable of

generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 80 percent for
IGCC cases. The assumed capacity factor for IGCC is 80 percent.

For the IGCC cases that feature CCS, capital and operating costs were estimated for transporting CO, to an
underground storage field, associated storage in a saline aquifer; and for monitoring beyond the expected life of
the plant. These costs were then levelized over a 20-year period.

Results

An analysis of the six IGCC cases is presented in the following subsections.

Capital Cost

The total plant cost (TPC) for each of the six IGCC cases is compared in Figure 2. The TPC includes all
equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engineering
and construction management, and contingencies (process and project). Owner’s costs are not included.

Figure 2. Comparison of TPC for the Six IGCC Cases

The results of the analysis indicate that the Shell IGCC costs about $244/kWe more than the CoP IGCC
without CCS. With CCS, the TPC increases by roughly 32—40 percent for the range of IGCC cases, resulting in
a spread of capital costs from $2,390/kWe to $2,668/kWe. The Shell IGCC still remains the highest capital cost
configuration.

Efficiency

The net plant HHYV efficiencies for the six IGCC cases are compared in Figure 3. This analysis indicates that, in
the cases without CCS, the Shell plant efficiency of 41.1 percent HHV is almost 3 percentage points higher than
the GEE case. With CCS cases, the efficiency penalty is a 5.7 to 9 percentage point HHV drop in all IGCC plant
cases, resulting in an average efficiency of roughly 32 percent HHYV.

B_1IG—4



Figure 3. Comparison of Net Plant Efficiency for the Six IGCC Cases

Figure 4. Comparison of Levelized Cost-of-Electricity for the Six IGCC Cases

The LCOE is a measurement of the coal-to-busbar cost of power, and includes the TPC, fixed and variable
operating costs, and fuel costs levelized over a 20-year period. The calculated cost of transport, storage, and
monitoring for CO, is about $4.30/short ton, which adds an average of 4 mills to the LCOE.

The IGCC plants generate power at an LCOE of about 78 mills/kVVh at a CF of 80 percent. When CCS is
included, the increased TPC and reduced efficiency result in a higher LCOE of roughly 106 mills/kWh.

B_IG-5



IGCC Technology — Bituminous Coal

Environmental Impacts

IGCC With and Without CCS

Table 4 indicates that the emissions from all six IGCC plants evaluated meet or exceed EPRI’s CoalFleet User
Design Basis for Coal-Based IGCC Plants specification. Carbon dioxide emissions are reduced by 90 percent in the
capture cases, resulting in less than 460,000 tons/year of CO, emissions. The cost of CO, avoided is defined as
the difference in the 20-year LCOE between controlled and uncontrolled like cases, divided by the difference in
CO2 emissions in kg/MWh. In these analyses, the cost of CO2 avoided ranges from $32/ton to $42/ton. Raw
water usage in both cases with and without CCS is roughly 4,000 gpm.

Table 4. Comparative Emissions for the Six IGCC Cases @ 80% Capacity Factor

IGCC
GEE CoP Shell
Pollutant Without With CCS Without With CCS Without With CCS

CCS (90%) CCS (90%) CCSs (90%)
CoO,
* tons/year 3,937,728 401,124 3,777,815 460,175 3,693,990 361,056
* |[b/MMBtu 197 19.6 199 23.6 200 18.7
* cost of CO, avoided ($/ton) 32 41 42
SO,
* tons/year 254 196 237 167 230 204
* |[b/MMBtu 0.0127 0.0096 0.0125 0.0085 0.0124 0.0105
NOx
* tons/year 1,096 955 1,126 972 1,082 944
* |[b/MMBtu 0.055 0.047 0.059 0.050 0.058 0.049
PM
* tons/year 142 145 135 139 131 137
* |[b/MMBtu 0.0071 0.0071 0.0071 0.0071 0.0071 0.0071
Hg
* tons/year 0.011 0.012 0.011 0.011 0.011 0.011
* |b/TBtu 0.571 0.571 0.571 0.571 0.571 0.571
Raw water usage, gpm 4,003 4,579 3,757 4,135 3,792 4,563

Contacts

John G.Wimer

Systems Analysis Team Lead

National Energy Technology Laboratory
3610 Collins Ferry Road

Julianne M. Klara

Senior Analyst

National Energy Technology Laboratory
626 Cochrans Mill Road

P.O.Box 10940 P.O.Box 880
Pittsburgh, PA 15236 Morgantown, WV 26507
412-386-6089 304-285-4124

julianne.klara@netl.doe.gov john.wimer@netl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
B_IG_051507
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IGCC Plant — Bituminous Coal GE Energy IGCC

Technical Description

Table 2. Advanced Gas Turbine Performance'

The plant uses an improved version of the GEE gasification

technology (formerly licensed by Chevron Corp.and GslvancedifaClass
predecessor company Texaco Inc.), which is currently in Net output, MWe 185
operation at the 250 MWe Tampa Electric IGCC plant in Pressure ratio 18.5

Polk County, FL. All technology selected in the plant design Airflow, kgls (Ib/s) 431 (950)

is assumed to be available to facilitate a 2010 startup date for Firing temperature°C (°F) | >1,371 (>2,500)
anewly constructed plant. A summary of performance for an 'At International Standards Organization conditions
advanced F-Class combustion turbine for the GEE IGCC plant firing natural gas. Performance information for syngas

. . firing is not available.
is presented in Table 2.

Two gasification trains process a total of 5,876 tons of coal per day. A slurry (63 percent by weight coal) is
transferred from the slurry storage tank to the gasifier with a high-pressure pump. Oxygen (O,) is produced

in a cryogenic air separation unit. The coal slurry and O, react in the gasifier at about 5.6 MPa (815 psia) at a
high temperature (in excess of 1,316°C [2,400°F]) to produce syngas. Hot syngas and molten solids from the
reactor flow downward into a radiant heat exchanger, where the syngas is cooled to 593°C (I,100°F) and the
ash solidifies. Raw syngas continues downward into a quench system where most of the particulate matter (PM)
is removed and then into the syngas scrubber where most of the remaining entrained solids are removed along
with ammonia. Slag captured by the quench system is recovered in a slag recovery unit. The gas goes through

a series of additional gas coolers and cleanup processes, including a carbonyl sulfide hydrolysis reactor, a carbon
bed for mercury (Hg) removal, and a Selexol-based acid gas removal (AGR) plant.

A Brayton cycle, fueled by syngas, is used in conjunction with a conventional subcritical steam Rankine cycle
for combined-cycle power generation. Compressed nitrogen from the air separation unit is used for syngas
dilution, which aids in minimizing the formation of nitrogen oxides (NOx) during combustion in the gas turbine
burner section. The limiting factor that determines the use of a subcritical steam cycle is the maximum design
pressure of 12.4 MPa (1,800 psig), which can be tolerated

. . . Table 3. Plant Electrical G ti
in the GEE radiant cooler. The two cycles are integrated by e 2Nt mecrica meneraton

generation of steam in the HRSGs, by feedwater heating in ::::‘::::;
the HRSGs, and by heat recovery from the IGCC process :

. . . Advanced gas turbine x 2, MWe 464.3
(radiant syngas cooler). The HRSG/steam turbine cycle is -
12.4 MPa/566°C/566°C (1,800 psig/ | 050°F/1,050°F). The | oteam turbine, MWe 298.9
plant produces a net output of 640 MWe. The summary Suscyasiexpand e RIVNe 7
of plant electrical generation performance is presented in Gross power output, MWe 770.3
Table 3. This configuration results in a net plant efficiency Auxiliary power requirement, MWe (130.1)
of 38.2 percent (HHV basis), or a net HHV heat rate of Net power output, MWe 640.2

8,922 Btu/kWh.

Environmental Performance

The environmental specifications for a greenfield IGCC plant are based on the Electric Power Research Institute
Coalfleet User Design Basis for Coal-Based IGCC Plants specification. Low sulfur dioxide (SO,) emissions (less

than 4 ppmv in the flue gas) are achieved by capture of the sulfur in the Selexol AGR process, which removes
over 99 percent of the sulfur in the fuel gas. The resulting hydrogen sulfide-rich regeneration gas from the AGR
system is fed to a Claus plant, producing elemental sulfur. Nitrogen oxides emissions are limited by nitrogen
dilution in the gas turbine combustor to |15 ppmvd (as nitrogen oxide at 15 percent O,). Filterable PM discharge
to the atmosphere is limited by the use of the syngas quench in addition to the syngas scrubber and the gas-
washing effect of the AGR absorber. Ninety-five percent of the Hg is captured from the syngas by an activated
carbon bed.

B_IG_GEE-2
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GE Energy IGCC

A summary of the resulting air emissions for the GEE IGCC plant is presented in Table 4.

Cost Estimation

Plant size, primary/secondary fuel type, construction time, total plant
cost (TPC) basis year, plant CF, plant heat rate, fuel cost, plant book
life, and plant in-service date were used to develop capital cost,
production cost, and levelized cost-of-electricity (LCOE) estimates.
Costs for the plant were based on adjusted vendor-furnished and
actual cost data from recent design/build projects. Values for financial
assumptions and a cost summary are shown in Table 5.

Project contingencies were added to each case to cover project
uncertainty and the cost of any additional equipment that could

result from detailed design. The project contingencies represent
costs that are expected to occur. Project contingency was

13.3 percent of the GEE IGCC case TPC.

Process contingency is intended to compensate for uncertainties
arising as a result of the state of technology development. Process
contingencies represent 2.5 percent of the GEE IGCC case TPC and
have been applied to the estimates as follows:

*  Slurry Prep and Feed — 5 percent on GE IGCC cases.

*  Gasifiers and Syngas Coolers — |5 percent on all IGCC
cases.

*  Mercury Removal — 5 percent on all IGCC cases.

Table 4. Air Emissions Summary
@ 80% Capacity Factor

Pollutant GEE IGCC
Without
CSS
Co,
* tonslyear 3,937,728
¢ Ib/MMBtu 197
* cost of CO, avoided N/A
SO,
* tonslyear 254
¢ Ib/MMBtu 0.0127
NOx
* tonslyear 1,096
¢ Ib/MMBtu 0.055
PM (filterable)
* tonslyear 142
¢ Ib/MMBtu 0.0071
Hg
* tonslyear 0.011
e Ib/TBtu 0.571

*  Combustion Turbine Generator — 5 percent on all IGCC cases without CCS.

* Instrumentation and Controls — 5 percent on all IGCC cases.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 80 percent for

IGCC cases.

The 640 MWe (net) GEE IGCC plant was projected to have a TPC of $1,813/kWe, resulting in a 20-year LCOE

of 78 mills/kWh.

B_IG_GEE-3
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Table 5. Major Financial Assumptions and Resulting Cost Summary'

Major Assumptions
Case: 1x640 MWe net GEE IGCC
Plant Size: 640.3 (MWVe, net) Heat Rate: 8,922 (Btu/kWh)
Primary/Secondary Fuel (type): lllinois #6 Coal Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost? Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 80 (%) Capital Charge Factor: 17.5 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/kWh
Total Plant Cost 433
Resulting Operating Costs (Levelized 2007 dollars)? Mills/kWh
Fixed Operating Cost 5.8
Variable Operating Cost 7.5
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/lkWh
19.4
Total Levelized Busbar Cost of Power (2007 dollars) Mills/kWh
78.0

'Costs shown can vary + 30%.

Total plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engi-
neering and construction management, and contingencies (process and project). Owner’s costs are not included.

3No credit taken for by-product sales.

Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
PO. Box 10940 P.O. Box 880
Pittsburgh, PA 15236 Morgantown, WYV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@pnetl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
B_IG_GEE_051507
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GE Energy IGCC Plant With
Carbon Capture & Sequestration

Plant Overview

This analysis is based on a 556 MWe (net power output)
Integrated Gasification Combined-Cycle (IGCC)

plant, using GE Energy (GEE) radiant-only gasification
technology, located at a greenfield site in the midwestern
United States. The plant utilizes carbon capture and
sequestration (CCS). Two pressurized, slurry-fed,
entrained-flow gasification trains, utilizing water-gas—shift
(WGS) reactors, feed two advanced F-Class combustion
turbines. Two heat recovery steam generators (HRSGs)
and one steam turbine provide additional power. Carbon
dioxide (CO,) is removed with the two-stage Selexol
physical solvent process. The combination process and
heat and mass balance diagram for the GEE IGCC plant
with CCS case is shown in Figure |. The primary fuel

is an lllinois No. 6 bituminous coal with an assumed

Table I. Plant Performance Summary

Plant Type GEE IGCC
Carbon capture Yes
Net power output (kVWVe) 555,675

Net plant HHYV efficiency (%) 325

Primary fuel (type) lllinois No. 6 coal

Levelized cost-of-electricity 102.9
(mills/kWh) @ 80% capacity factor

Total plant cost ($ x 1,000) $1,328,209
Cost of CO, avoided' ($/ton) 32

'The cost of CO, avoided is defined as the difference in the
20-year levelized cost-of-electricity between controlled and
uncontrolled like cases, divided by the difference in CO2
emissions in kg/MWh.

higher heating value (HHV) of 11,666 Btu/lb. The capacity factor (CF) for the plant is 80 percent without sparing
of major train components. A summary of plant performance data for the GEE IGCC plant with CCS case is

presented in Table I.

Figure I. Process Flow Diagram
GEE IGCC with CCS

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



IGCC Plant — Bituminous Coal GE Energy IGCC With CCS

TeChn ical Description Table 2. Advanced Gas Turbine Performance'
Advanced F-Class

The plant uses an improved version of the GEE gasification Net output, MWe 185

technology (formerly licensed by Chevron Corp. and predecessor Dreseure ratio 85

company Texaco Inc.), which is currently in operation at the 250 Airflow kgls (/9 231 950)

MWe Tampa Electric IGCC plant in Polk County, FL. All technology — —

selected for the plant design is assumed to be available to facilitate Firing temperature, °C (') | >1.371 (>2.500)

| . -
a 2010 startup date for a newly constructed plant. A summary of At International Standards Organization
conditions firing natural gas. Performance infor-

performance for the advanced F-Class combustion turbine for the mation for syngas firing is not available.
GEE IGCC plant with CCS is presented in Table 2.

Two gasification trains process a total of 6,005 tons of coal per day. A slurry (63 percent by weight coal) is
transferred from the slurry storage tank to the gasifier with a high-pressure pump. Oxygen (O,) is produced

in a cryogenic air separation unit. The coal slurry and O, react in the gasifier at about 5.6 MPa (815 psia) at a
high temperature (in excess of 1,316°C [2,400°F]) to produce syngas. Hot syngas and molten solids from the
reactor flow downward into a radiant heat exchanger, where the syngas is cooled to 593°C (I,100°F) and the
ash solidifies. Raw syngas continues downward into a quench system where most of the particulate matter (PM)
is removed and then into the syngas scrubber where most of the remaining entrained solids are removed along
with halogens and ammonia. Slag captured by the quench system is recovered in a slag recovery unit. The gas
goes through a series of additional gas coolers and cleanup processes, including a carbon bed for mercury (Hg)
removal.

To capture CO,,a WGS reactor containing a series of two shifts with intercooled stages converts a nominal

96 percent of the carbon monoxide to CO,. Carbon dioxide is removed from the cool, particulate-free gas
stream with Selexol solvent. The dual-absorber Selexol acid gas removal (AGR) process preferentially removes
hydrogen sulfide (H,S) as a product stream, leaving CO, as a separate product stream. The CO, is dried and
compressed to 15.3 MPa (2,215 psia) for subsequent pipeline transport. The compressed CO, is transported via
pipeline to a geologic sequestration field for injection into a saline aquifer; which is located within 50 miles of the

plant.

Table 3. Plant Electrical Generation
A Brayton cycle, fueled by the syngas, is used in conjunction with Electrical
a conventional subcritical steam Rankine cycle for combined-cycle Summary
power generation. The limiting factor that determines the use of a Advanced gas turbine x 2, MWe 464.0
subcritical steam cycle is the maximum design pressure of 12.4 MPa | HRSG steam turbine, MWe 274.7
(1,800 psig), which can be tolerated in the GEE radiant cooler. The Sweet gas expander; MWe 6.3
two cycles are integrated by generation of steam in the HRSGs, by Gross power output, MWe 7450
feedwater heating in the HRSGs, and by heat recovery from the Auxiliary power requirement, MWe |  (189.3)
IGCC process (radiant syngas cooler). The HRSG/steam turbine Net power output, MWe 555.7

cycle is 12.4 MPa/538°C/538°C (1,800 psig/1,000°F/1,000°F). The
plant produces a net output of 555.7 MWe. The summary of plant

electrical generation performance is presented in Table 3. This configuration results in a net plant efficiency of
32.5 percent (HHYV basis), or a net plant HHV heat rate of 10,505 Btu/kVVh.

B_IG_GEE_CCS-2



IGCC Plant — Bituminous Coal GE Energy IGCC With CCS

Environmental Performance Table 4. Air Emissions Summary
@ 80% Capacity Factor
The environmental specifications for a greenfield IGCC plant are Pollutant GEE IGCC
based on the Electric Power Research Institute CoalFleet User w'tgof;cs
Design Basis for Coal-Based IGCC Plants specification. Low sulfur (50%)
dioxide (SO,) emissions (3 ppm in the flue gas) are achieved by co,
capture of the sulfur in the Selexol AGR process, which removes © HOTSEED 401,124
99 percent of the sulfur in the fuel gas. The resulting H,S-rich * 1b/MMBtu 19.6
regeneration gas from the AGR system is fed to a Claus plant, + cost of CO, avoided ($/ton) 32
producing elemental sulfur. Nitrogen oxides (NOx) emissions SO,
are limited by nitrogen dilution in the gas turbine combustor * tons/year 196
to |15 ppmvd (as nitrogen oxide at |5 percent O,). Particulate « |b/MMBtu 0.0096
discharge to the atmosphere is limited by the use of the syngas NOx
quench in addition to the syngas scrubber and the gas-washing E—— 955
effect of the AGR absorber. Ninety-five percent of the Hg is - 15/MMB 0.047
captured from the syngas by an activated carbon bed. Ninety PM (filterable)
percent of the CO, from the syngas is captured in the AGR system
and compressed for pipeline transport and sequestration. ©_tonsfyear 145
* |b/MMBtu 0.0071
A summary of the resulting air emissions for the GEE IGCC plant Hg
with CCS is presented in Table 4. * tons/year 0.012
« Ib/TBtu 0.571

Cost Estimation

Plant size, primary/secondary fuel type, design/construction time, total plant cost (TPC) basis year, plant CF,
plant heat rate, fuel cost, plant book life, and plant in-service date were used as inputs to develop capital cost,
production cost, and levelized cost-of-electricity (LCOE) estimates. Costs for the plant were based on adjusted
vendor-furnished and actual cost data from recent design/build projects. Values for financial assumptions and a
cost summary are shown in Table 5.

Project contingencies were added to each case to cover project uncertainty and the cost of any additional
equipment that could result from detailed design. The project contingencies represent costs that are expected
to occur. Project contingency was 3.6 percent of the GEE IGCC with CCS case TPC.

Process contingency is intended to compensate for uncertainties arising as a result of the state of technology
development. Process contingencies represent 4.2 percent of the GEE IGCC with CCS case TPC and have been
applied to the estimates as follows:

*  Slurry Prep and Feed — 5 percent on GE IGCC cases.

*  Gasifiers and Syngas Coolers — 15 percent on all IGCC cases.

*  Two Stage Selexol — 20 percent on all IGCC CCS cases.

*  Mercury Removal — 5 percent on all IGCC cases.

*  Combustion Turbine Generator — |0 percent on all IGCC cases with CCS.

* Instrumentation and Controls — 5 percent on all IGCC cases.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 80 percent for
IGCC cases.

B_IG_GEE_CCS-3
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The calculated cost of transport, storage, and monitoring for CO2 is $4.20/short ton, which adds 3.9 mills/kWh
to the LCOE.

The 556 MWe (net) GEE IGCC plant with CCS was projected to have a TPC of $2,390/kWe, resulting in a
20-year LCOE of 102.9 mills/kWh.

Table 5. Major Financial Assumptions and Resulting Cost Summary'

Major Assumptions
Case: 1x556 MWe net GEE IGCC with CCS
Plant Size: 555.7 (MWe, net) | Heat Rate: 10,505 (Btu/kWh)
Primary/Secondary Fuel (type): lllinois #6 Coal Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost? Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 80 (%) Capital Charge Factor: 17.5 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/kWh
Total Plant Cost 59.7
Resulting Operating Costs (Levelized 2007 dollars)? Mills/kWh
Fixed Operating Cost 72
Variable Operating Cost 9.4
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/kWh
228
Resulting Levelized CO, Cost (2007 dollars) Mills/kWh
3.9
Total Levelized Busbar Cost of Power (2007 dollars) Mills/kWh
102.9

'Costs shown can vary + 30%.

MTotal plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engi-
neering and construction management, and contingencies (process and project). Owner’s costs are not included.

3No credit taken for by-product sales.

Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
P.O.Box 10940 P.O.Box 880
Pittsburgh, PA 15236 Morgantown, WYV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@netl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
B_IG_GEE_CCS_051507
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ConocoPhillips E-Gas™ IGCC Plant

Plant OverVieW Table |I. Plant Performance Summary
Plant Type CoP IGCC
This analysis |s'basefd ona 62.’? MWe (net power output) Carbon capture No
Int‘egréted Ga::::l‘(;?tlcén (;Co::ﬂblneF;:CZFle SGEC)| plant, Net power output (KWe) 623.370
using ConocoPhillip E-Gas™ gasification technology, _
g P L. & . . gY Net plant HHYV efficiency (%) 393
located at a greenfield site in the midwestern United
. . Primary fuel lllinois No. 6 coal
States. Two pressurized entrained-flow, two-stage ‘ .
gasification trains feed two advanced F-Class combustion Levelized cost-of-electricity 753
. (mills/lkWh) @ 80% capacity factor
turbines. Two heat recovery steam generators (HRSGs)
Total plant cost ($ x 1,000) $1,080,166

and one steam turbine provide additional power. The
combination process and heat and mass balance diagram
for the CoP IGCC plant is shown in Figure |. The primary fuel is an lllinois No. 6 bituminous coal with a higher
heating value (HHV) of 11,666 Btu/lb. The capacity factor (CF) for the plant is 80 percent without sparing of
major train components. A summary of plant performance data for the CoP IGCC plant is presented in Table I.

Figure |. Process Flow Diagram
CoP IGCC

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.
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Technical Description

The plant uses an improved version of the CoP gasification Table 2. Advanced Gas Turbine Performance'
technology, which is currently in operation at the PSI Energy Inc. Advanced F-Class
265 MWe Wabash River IGCC plant near West Terre Haute, IN. All | Net output, MWe 185
technology selected in the plant design is assumed to be available FressTe i 185

to facilitate a 2010 startup date for a newly constructed plant. A Airflow, kg/s (Ib/s) 431 (950)
summary of performance for the advanced F-Class combustion Firing temperature, °C (°F) | 1,371 (>2,500)

turbine for the CoP IGCC plant is presented in Table 2.

'At International Standards Organization
conditions firing natural gas. Performance
Two gasification trains process a total of 5,567 tons of coal per day. information for syngas firing is not available.

A slurry (63 percent by weight coal) is transferred from the slurry

storage tank to the gasifier with a 78/22 split to the primary and secondary stages. Oxygen (O,) is produced in
a cryogenic air separation unit. The coal slurry and oxygen react in the gasifier at about 4.2 MPa (615 psia) at

a high temperature (averaging 1,371°C [>2,500°F]), while the portion of slurry injected into the second stage
quenches the reaction by means of endothermic gasification reactions.

Gas leaving the gasifier is cooled in a fire-tube syngas cooler producing high-pressure steam. The cooled gas is
cleaned of particulate matter (PM) via a cyclone collector followed by a ceramic candle filter. The raw syngas
is then further cooled before being cleaned in a spray scrubber to remove remaining particulates and trace
components. The syngas goes through a mercury (Hg) removal bed in which 95 percent of the Hg is removed
from the syngas with activated carbon. Hydrogen sulfide (H,S) is removed from the cool, particulate-free gas
stream with a refrigerated promoted amine (methyldiethanolamine) solvent. Elemental sulfur is recovered in a
Claus bypass-type sulfur recovery unit utilizing oxygen instead of air. The Claus plant produces molten sulfur
by converting about one-third of the H.S in the feed to sulfur dioxide (SO,), then reacting the H,S and SO, to
produce sulfur and water.

A Brayton cycle, fueled by syngas, is used in conjunction with a conventional subcritical steam Rankine cycle
for combined-cycle power generation. Compressed nitrogen from the air separation unit is used in syngas
dilution, which aids in minimizing the formation of nitrogen oxides (NOx) during combustion in the gas turbine
burner section. Two HRSGs and a steam turbine, operating at

12.4 MPa/566°C/566°C (1,800 psig/1,050°F/1,050°F), form the Table 3. Plant Electrical Generation
combined-cycle generation component of the plant. The two cycles Electrical
are integrated by generation of steam in the HRSG, by feedwater Summary
heating in the HRSG, and by heat recovery from the IGCC process | /Advanced gas turbine x 2, MWVe 464.0
(syngas cooler). The plant produces a net output of 623 MWe. The | HRSG steam turbine, MWVe 2785
summary of plant electrical generation performance is presented Gross power output, MVVe 742.5

in Table 3. This configuration results in a net plant efficiency of Auxiliary power requirement, MWe (119.1)
39.3 percent HHV, or a net plant HHV heat rate of 8,681 Btu/kWh. [ Net power output, MWe 623.4

Environmental Performance

The environmental specifications for a greenfield IGCC plant are based on the Electric Power Research Institute
Coalfleet User Design Basis for Coal-Based IGCC Plants specification. Low SO, emissions (less than 4 ppmv in the
flue gas) are achieved by capture of the sulfur in the Coastal SS Amine acid gas removal (AGR) process, which
removes over 99 percent of the sulfur in the fuel gas to less than 30 ppmv. The resulting hydrogen sulfide-rich
regeneration gas from the acid gas removal system is fed to a Claus plant, producing elemental sulfur. Nitrogen
oxides emissions are limited by nitrogen dilution (primarily) and humidification (secondarily) to |5 ppmvd (as
nitrogen dioxide at |5 percent O,). Filterable PM discharge to the atmosphere is limited by a cyclone and a

B_IG_CoP-2
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barrier filter in addition to the syngas scrubber and the gas washing
effect of the AGR absorber. Ninety-five percent of the Hg is
captured from the syngas by an activated carbon bed.

A summary of the resulting air emissions for the CoP IGCC plant is
presented in Table 4.

Cost Estimation

Plant size, primary/secondary fuel type, construction time, total
plant cost (TPC) basis year, plant CF, plant heat rate, fuel cost, plant
book life, and plant in-service date were used to develop capital
cost, production cost, and levelized cost-of-electricity (LCOE)
estimates. Costs for the plant were based on adjusted vendor-
furnished and actual cost data from recent design/build projects.
Values for financial assumptions and a cost summary are shown in
Table 5.

Project contingencies were added to each case to cover project
uncertainty and the cost of any additional equipment that could

result from detailed design. The project contingencies represent
costs that are expected to occur. Project contingency was

13.3 percent of the CoP IGCC case TPC.

CoP IGCC

Table 4. Air Emissions Summary
@ 80% Capacity Factor

Pollutant CoP IGCC
Without CCS

Cco,
* tons/year 3,777
* Ib/MMBtu 199
* cost of CO, avoided ($/ton) N/A
SO,
* tons/year 237
* Ib/MMBtu 0.0125
NOx
* tons/year 1,126
* Ib/MMBtu 0.059
PM (filterable)
* tons/year 135
* Ib/MMBtu 0.0071
Hg
* tons/year 0.011
¢ Ib/TBtu 0.571

Process contingency is intended to compensate for uncertainties arising as a result of the state of technology
development. Process contingencies represent 2.5 percent of the CoP IGCC case TPC and have been applied to

the estimates as follows:

*  Gasifiers and Syngas Coolers — 15 percent on all IGCC cases.

*  Mercury Removal — 5 percent on all IGCC cases.

*  Combustion Turbine Generator — 5 percent on all IGCC cases without CCS.

* Instrumentation and Controls — 5 percent on all IGCC cases.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 80 percent for

IGCC cases.

B_IG_CoP-3
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The 623 MWe (net) CoP IGCC plant was projected to have a TPC of $1,733/kWe, resulting in a 20-year LCOE
of 75.3 mills/kWh.

Table 5. Major Financial Assumptions and Resulting Cost Summary!'

Major Assumptions
Case: 1x623 MWe net CoP IGCC
Plant Size: 623.4 (MWe, net) | Heat Rate: 8,681 (Btu/kWh)
Primary/Secondary Fuel (type): lllinois #6 Coal Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost? Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 80 (%) Capital Charge Factor: 17.5 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/kWh
Total Plant Cost 433
Resulting Operating Costs (Levelized 2007 dollars)? Mills/kWh
Fixed Operating Cost 5.8
Variable Operating Cost 7.3
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/kWh
18.8
Total Levelized Busbar Cost of Power (2007 dollars) Mills/lkWh
753

'Costs shown can vary + 30%.

MTotal plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engi-
neering and construction management, and contingencies (process and project). Owner’s costs are not included.

3No credit taken for by-product sales.

Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
PO. Box 10940 P. O. Box 880
Pittsburgh, PA 15236 Morgantown, WYV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@pnetl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
B_IG_CoP_051507
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ConocoPhillips E-Gas™ IGCC Plant
With Carbon Capture & Sequestration

Plant Overview

This analysis is based on a 518 MWe (net power
output) Integrated Gasification Combined-Cycle
(IGCC) plant, using ConocoPhillips E-Gas™ gasification
technology, located at a greenfield site in the midwestern
United States. The plant utilizes carbon capture and
sequestration (CCS). Two pressurized entrained-flow,
two-stage gasification trains feed two advanced F-Class
combustion turbines. Water-gas-shift (WGS) reactors
are used for sour gas shift. Two heat recovery steam
generators (HRSGs) and one steam turbine provide
additional power. Carbon dioxide (CO,) is removed
with the two-stage Selexol physical solvent process. The
combination process and heat and mass balance diagram

Table |I. Plant Performance Summary

Plant Type CoP IGCC
Carbon capture Yes
Net power output (kVVe) 518,240

Net plant HHV efficiency (%) 31.7

Primary fuel (type) lllinois No. 6 coal

Levelized cost-of-electricity 105.7
(mills/kWh) @ 80% capacity factor

Total plant cost ($ x 1,000) $1,259,883
Cost of CO, avoided' ($/ton) 41

'The cost of CO, avoided is defined as the difference in the
20-year levelized cost-of-electricity between controlled and
uncontrolled like cases divided by the difference in CO,
emissions in kg/MWh.

for the CoP IGCC plant with CCS is shown in Figure |. The primary fuel is an lllinois No. 6 bituminous coal
with a higher heating value (HHV) of 11,666 Btu/lb. The capacity factor (CF) for the plant is 80 percent without
sparing of major train components. A summary of plant performance data for the CoP IGCC plant with CCS is

presented in Table I.

Figure |. Process Flow Diagram
CoP IGCC With CCS

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



IGCC Plant — Bituminous Coal CoP IGCC With CCS

Techn Ical Descrlptlon Table 2. Advanced Gas Turbine Performance'
Advanced F-Class

The plant uses an improved version of the CoP gasification Net output, MWe 185

technology, which is currently in operation at the PSI Energy Inc. Fressiie i 185

265 MWe Wabash River IGCC plant near West Terre Haute, IN. Airflow, kg/s (Ib/s) 431 (950)

All technology selected for the plant design is assumed to be Firing temperature, °C (°F) | >1,371 (>2,500)

available to facilitate a 2010 startup date for a newly constructed | - —

. . . At International Standards Organization
plant. However, because certain processes like the combustion conditions firing natural gas. Performance
turbine operating on a high-hydrogen content syngas and the two- ~ information for syngas firing is not available.
stage Selexol process for CO, capture either have no commercial
or limited commercial operating experience, a process contingency was included in those cost items. A summary
of performance for the advanced F-Class combustion turbines for the CoP IGCC plant with CCS is presented in
Table 2.

Two gasification trains process a total of 5,735 tons of coal per day. A slurry (63 percent by weight coal)

is transferred from the slurry storage tank to the two-stage gasifier with a 78/22 split to the primary and
secondary stages. Oxygen (O,) is produced in a cryogenic air separation unit. The coal slurry and O, react in
the gasifier at about 4.2 MPa (615 psia) at a high temperature (averaging 1,371°C [2,500°F]), while the portion of
slurry injected into the second stage quenches the reaction by means of endothermic gasification reactions.

Gas leaving the gasifier is cooled in a fire-tube syngas cooler producing high-pressure steam. The cooled gas is
cleaned of particulate matter (PM) via a cyclone collector followed by a ceramic candle filter. The raw syngas

is then further cooled before being cleaned in a spray scrubber to remove remaining particulates and trace
components. The syngas goes through a mercury (Hg) removal bed in which 95 percent of the Hg is removed
from the syngas with activated carbon. Hydrogen sulfide (H,S) is removed from the cool, particulate-free gas
stream with a Selexol acid gas removal (AGR) system. Elemental sulfur is recovered in a Claus bypass-type sulfur
recovery unit utilizing oxygen instead of air. The Claus plant produces molten sulfur by converting about one-
third of the H.S in the feed to sulfur dioxide (SO,), then reacting the H_S and SO, to produce sulfur and water.

To capture CO,,a WGS reactor containing a series of three shifts with intercooled stages, converts a nominal
98 percent of the carbon monoxide to CO,. Carbon dioxide is removed from the cool, particulate-free gas
stream with Selexol solvent. The double-absorber Selexol process preferentially removes H,S as a product
stream, leaving CO, as a separate product stream. The CO, is dried and compressed to 15.3 MPa (2,215 psia)
for subsequent pipeline transport. The compressed CO, is transported via pipeline to a geologic sequestration
field for injection into a saline aquifer, which is located within 50 miles of the plant.

A Brayton cycle, fueled by the syngas, is used in conjunction with Table 3. Plant Electrical Generation

a conventional subcritical steam Rankine cycle for combined-cycle Electrical
power generation. Two HRSGs and a steam turbine, operating Summary
at 12.4 MPa/538°C/538°C (1,800 psig/|,000°F/1,000°F) form Advanced gas turbine x 2, MWe 464.0
the combined-cycle generation component of the plant. The Steam turbine, MVWVe 229.8
two cycles are integrated by generation of steam in the HRSGs, Gross power output, MWe 693.8
by feedwater heating in the HRSGs, and by heat recovery from Auxiliary power requirement, MWe (175.6)
the IGCC process (syngas cooler). The plant produces a net Net power output, MWe 5182

output of 518 MWe. The summary of plant electrical generation
performance is presented in Table 3. This configuration results in a net plant efficiency of 31.7 percent HHV, or a
net plant HHV heat rate of 10,757 Btu/kWh.

B_IG_CoP_CCS-2



IGCC Plant — Bituminous Coal CoP IGCC With CCS

Environmental Performance Table 4. Air Emissions Summary
@ 80% Capacity Factor
The environmental specifications for a greenfield IGCC plant are Pollutant CoP IGCC
based on the Electric Power Research Institute CoalFleet User Design W:;I:;CS
Basis for Coal-Based IGCC Plants specification. Low SO, emissions o (90%)
(less than 3 ppmv in the flue gas) are achieved by capture of the 2
sulfur in the Selexol AGR process, which removes 99 percent of the |~ tons/year 460,175
sulfur in the fuel gas to less than 22 ppmv. The resulting H_S-rich » Ib/MMBru 23.6
regeneration gas from the acid gas removal system is fed to a Claus | * cost of CO, avoided ($/ton) 41
plant, producing elemental sulfur. Nitrogen oxides (NOx) emissions | SO,
are limited by nitrogen dilution (primarily) and syngas humidification | ¢ tons/year 167
(secondarily) to 15 ppmvd (as nitrogen dioxide at |5 percent O,). + Ib/MMBtu 0.0085
Filterable PM discharge to the atmosphere is limited by a cyclone NOXx
and a barrier filter in addition to the syngas scrubber and the gas- . — 972
washing effect of the AGR absorber. Ninety-five percent of the ~ 1o/MMB 0.050
I-!g is caPtured from the syngas by an activated ca‘rbon bed. About PM (filterable)
eighty-eight percent of the CO, from the syngas is captured in the
AGR system and compressed for shipment and sequestration. " tonslyear 139
* Ib/MMBtu 0.0071
A summary of the resulting air emissions for the CoP IGCC plant Hg
with CCS is presented in Table 4. * tons/year 0.011
* |b/TBtu 0.571

Cost Estimation

Plant size, primary/secondary fuel type, construction time, total plant cost (TPC) basis year, plant CF, plant heat
rate, fuel cost, plant book life, and plant in-service date were used to develop capital cost, production cost, and
levelized cost-of-electricity (LCOE) estimates. Costs for the plant were based on adjusted vendor-furnished
and actual cost data from recent design/build projects. Values for financial assumptions and a cost summary are
shown in Table 5.

Project contingencies were added to each case to cover project uncertainty and the cost of any additional
equipment that could result from detailed design. The project contingencies represent costs that are expected
to occur. Project contingency was 3.7 percent of the CoP IGCC with CCS case TPC.

Process contingency is intended to compensate for uncertainties arising as a result of the state of technology
development. Process contingencies represent 4.3 percent of the CoP IGCC with CCS case TPC and have been
applied to the estimates as follows:

*  Gasifiers and Syngas Coolers — 15 percent on all IGCC cases.

*  Two Stage Selexol — 20 percent on all IGCC CCS cases.

*  Mercury Removal — 5 percent on all IGCC cases.

*  Combustion Turbine Generator —10 percent on all IGCC cases with CCS.

* Instrumentation and Controls — 5 percent on all IGCC cases.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 80 percent for
IGCC cases.

The calculated cost of transport, storage, and monitoring for CO2 is $4.40/short ton, which adds 4.1 mills/kWWh
to the LCOE.

B_IG_CoP_CCS-3



IGCC Plant — Bituminous Coal CoP IGCC With CCS

The 518 MWe (net) CoP IGCC plant with CCS was projected to have a TPC of $2,431/kWVe, resulting in a
20-year LCOE of 105.7 mills/kWh.

Table 5. Major Financial Assumptions and Resulting Cost Summary'

Major Assumptions
Case: Ix518 MWe net CoP IGCC with CCS
Plant Size: 5182 (MWe, net) | Heat Rate: 10,757 (Btu/kWh)
Primary/Secondary Fuel (type): lllinois #6 Coal Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost? Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 80 (%) Capital Charge Factor: 17.5 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/kWh
Total Plant Cost 60.7
Resulting Operating Costs (Levelized 2007 dollars)? Mills/kWh
Fixed Operating Cost 7.6
Variable Operating Cost 9.9
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/lkWh
233
Resulting Levelized CO, Cost (2007 dollars) Mills/lkWh
4.1
Total Levelized Busbar Cost of Power (2007 dollars) Mills/lkWh
105.7

'Costs shown can vary + 30%.

Total plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engi-
neering and construction management, and contingencies (process and project). Owner’s costs are not included.

3No credit taken for by-product sales.

Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
PO. Box 10940 P.O.Box 880
Pittsburgh, PA 15236 Morgantown, WYV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@netl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
B_IG_CoP_CCS_051507
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Shell IGCC Plant

Plant OverVieW Table |. Plant Performance Summary
Plant Type Shell IGCC

This analysis is based on a 636 MWe (net power output) Carbon capture No

Integrated Gasification Combined-Cycle (IGCC) plant using Net power output (kWe) 635,850

Shell Global Solutions gasification technology located at a Net plant HHV efficiency (%) 411

greenfield site in the midwestern United States. Two Primary fuel (type) lllinois No. 6 coal

pressurized dry-feed entrained flow gasification trains feed Levelized cost-of-electricity 80.5

two advanced F-Class combustion turbines. Two heat recovery (mills/kWh) @ 80% capacity

steam generators (HRSGs) and one steam turbine provide factor

additional power. The combination process and heat and mass Total plant cost ($ x 1,000) $1,256,810

balance diagram for the Shell IGCC plant is shown in Figure 1.

The primary fuel is an lllinois No. 6 bituminous coal with a higher heating value (HHV) of 11,666 Btu/lb. The
capacity factor (CF) for the plant is 80 percent without sparing of major train components. A summary of plant
performance data for the Shell IGCC plant is presented in Table I.

Figure I. Process Flow Diagram
Shell IGCC

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



IGCC Plant — Bituminous Coal Shell IGCC

Technical Description Table 2. Advanced Gas Turbine Performance'
Advanced F-Class
The plant uses the Shell gasification technology. All technology | Net output,MWe 185
selected in this plant design is assumed to be available to Pressure ratio 18.5
facilitate a 2010 startup date for a newly constructed plant. A Airflow, kg/s (Ib/s) 431 (950)
summary of performance for the advanced F-Class combustion g5 " oc o eec (¢F) >1371 (>2,500)

turbine for the Shell IGCC plant is presented in Table 2.

' At International Standards Organization conditions

. . . firing natural gas. Performance information for syngas
Two gasification trains process a total of 5,431 tons of coal firing is not available.

per day. Dry coal is introduced to the gasifier via lockhoppers.

Oxygen (O,) is produced in a cryogenic air separation unit.

The coal reacts with O, at about 1,427°C (2,600°F) to produce

medium heating value syngas. The syngas is then quenched to around 891°C (1,635°F) by cooled recycled syngas.
The syngas passes through a convective cooler and leaves at a temperature near 316°C (600°F). High-pressure
saturated steam is generated in the syngas cooler and is joined with the main steam supply. The syngas passes
through a cyclone and a raw gas candle filter where a majority of the fine particles are removed. The ash that is
not carried out with the gas forms slag and runs down the interior walls, exiting the gasifier in liquid form.

The raw syngas then enters a scrubber for removal of chlorides and remaining particulate matter (PM).
Following the scrubber, the raw syngas is reheated to 177°C (350°F) and fed to a Carbonyl Sulfide (COS)
hydrolysis reactor where COS is catalytically converted to Hydrogen Sulfide (H,S). The syngas is then cooled to
about 35°C (95°F) before passing through a carbon bed to remove ninety five percent of the Hg. The Sulfinol
process then removes essentially all of the CO, along with the H,S and COS. Elemental sulfur is recovered

in a Claus bypass-type sulfur recovery unit utilizing O, instead of air. The Claus plant produces molten sulfur

by converting about one-third of the H.S in the feed to sulfur dioxide (SO,), then reacting the H,S and SO, to
produce sulfur and water.

A Brayton cycle fueled with syngas is used in conjunction with a conventional subcritical steam Rankine cycle.
Nitrogen dilution (primarily), syngas humidification (secondarily) and steam injection to a lesser extent aid in
minimizing formation of nitrogen oxides (NOx) during combustion in the gas turbine burner section. Two
HRSGs and a steam turbine, operating at 12.4 MPa/566°C/566°C (1,800 psig/1,050°F/1,050°F), form the
combined-cycle generation component of the

plant. The two cycles are integrated by generation Table 3. Plant Electrical Generation

of steam in the HRSG, by feedwater heating in the Electrical Summary
HRSG, and by heat recovery from the IGCC process | Advanced gas turbine x 2, MWe 464.0
(convective syngas cooler). The plant produces a net [ HRSG steam turbine, MWe 284.0
output of 636 MWe. The summary of plant electrical [ power output, MWe 748.0
generation performance is presented in Table 3. e Ty 77 (122)

This configuration results in a net plant efficiency of Net power output, MWVe %359

41.1 percent (HHV basis) or a net plant HHV heat
rate of 8,304 Btu/kWh.

Environmental Performance

The environmental specifications for a greenfield IGCC plant are based on the Electric Power Research Institute
Coalfleet User Design Basis for Coal-Based IGCC Plants specification. Low SO, emissions (less than 4 ppmv in the
flue gas) are achieved by capture of the sulfur in the Sulfinol-M AGR process, which removes over 99 percent

of the sulfur in the fuel gas. The resulting hydrogen sulfide-rich regeneration gas from the AGR system is fed to
a Claus plant, producing elemental sulfur. Nitrogen oxides emissions are limited by syngas humidification and
nitrogen dilution in the gas turbine combustor to |5 ppmvd (as nitrogen oxides at |5 percent O,). Filterable

B_IG_Shell-2



IGCC Plant — Bituminous Coal

PM discharge to the atmosphere is limited by the use of a cyclone
and a barrier filter in addition to the syngas scrubber and the gas
washing effect of the AGR absorber. Ninety-five percent of the Hg
is captured from the syngas by an activated carbon bed.

A summary of the resulting air emissions for the Shell IGCC plant
is presented in Table 4.

Cost Estimation

Plant size, primary/secondary fuel type, construction time, total
plant cost (TPC) basis year, plant CF, plant heat rate, fuel cost, plant
book life, and plant in-service date were used as inputs to develop
capital cost, production cost, and levelized cost-of-electricity
(LCOE) estimates. Costs for the plant were based on adjusted
vendor-furnished and actual cost data from recent design/build
projects. Values for financial assumptions and a cost summary are
shown in Table 5.

Project contingencies were added to each case to cover project
uncertainty and the cost of any additional equipment that could

result from detailed design. The project contingencies represent
costs that are expected to occur. Project contingency was

13.7 percent of the Shell IGCC case TPC.

Shell IGCC

Table 4. Air Emissions Summary
@ 80% Capacity Factor

Pollutant Shell IGCC
Without
CCs

CcoO,

* tons/year 3,693,990

* |lb/MMBtu 200

* cost of CO, avoided ($/ton) N/A

SO,

* tons/year 230

* |lb/MMBtu 0.0124

NOXx

* tons/year 1,082

* |b/MMBtu 0.058

PM (filterable)

* tons/year 131

* |[b/MMBtu 0.0071

Hg

* tons/year 0.011

* |b/TBtu 0.571

Process contingency is intended to compensate for uncertainties arising as a result of the state of technology
development. Process contingencies represent 2.6 percent of the Shell IGCC case TPC and have been applied to

the estimates as follows:

*  Gasifiers and Syngas Coolers — 15 percent on all IGCC cases.

*  Mercury Removal — 5 percent on all IGCC cases.

*  Combustion Turbine Generator — 5 percent on all IGCC cases without CCS.

* Instrumentation and Controls — 5 percent on all IGCC cases.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 80 percent for

IGCC cases.

B_IG_Shell-3



IGCC Plant — Bituminous Coal Shell IGCC

The 636 MWe (net) Shell IGCC plant was projected to have a total capital requirement of $1,977/kWe, resulting
in a 20-year LCOE of 80.5 mills/kWh.

Table 5. Major Financial Assumptions and Resulting Cost'

Major Assumptions
Case: 1x636 MWe net Shell IGCC
Plant Size: 635.9 (MWe, net) | Heat Rate: 8,304 (Btu/kWh)
Primary/Secondary Fuel (type): lllinois #6 Coal Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost* Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 80 (%) Capital Charge Factor: 17.5 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/lkWh
Total Plant Cost 49.4
Resulting Operating Costs (Levelized 2007 dollars)? Mills/kWh
Fixed Operating Cost 58
Variable Operating Cost 73
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/lkWh
18.0
Total Levelized Busbar Cost of Power (2007 dollars) Mills/lkWh
80.5

'Costs shown can vary + 30%.

Total plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engi-
neering and construction management, and contingencies (process and project). Owner’s costs are not included.

3No credit taken for by-product sales.

Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
PO.Box 10940 P. O.Box 880
Pittsburgh, PA 15236 Morgantown, WYV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@pnetl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
B_IG_Shell_051507
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Shell IGCC Plant With Carbon Capture
& Sequestration

Plant OverV|eW Table |I. Plant Performance Summary
Plant Type Shell IGCC
This analysis is based on a 517 MWe (net power output) Carbon capture Yes
Integrated Gasification Combined-Cycle (IGCC) plant using Shell power output (kWe) 517135
(?Iol?al Solutl‘ons ga5|ﬁcat|<?n technology located at.z'i greenfield Net plant HHV efficiency (%) 320
site in the midwestern United States. The plant utilizes carbon ) o
. . Primary fuel (type) lllinois No. 6 coal

capture and sequestration (CCS). Two pressurized, dry-feed, _ o

. . . . Levelized cost-of-electricity 110.4
entrained—flow gasification trains feed two advanced F-Class i o :

; ' ) " - (mills/kWh) @ 80% capacity
combustion turbines. A quench reactor is utilized to provide a factor
portion of the water required for the water gas shift. Two heat Total plant cost (§ x 1,000) $1.379,524
recovery steam generators (HRSGs) and one steam turbine Cost of CO, avoided' ($/ton) 4
2

provide additional power. Carbon dioxide (CO,) is removed The cost of CO, avoided is defined as the difference
with the two-stage Selexol physical solvent process. The in the 20-year levelized cost-of-electricity between
combination process and heat and mass balance diagram for the controlled and uncontrolled like cases, divided by the
Shell IGCC plant with CCS is shown in Figure |. The primary difference in CO, emissions in kg/MWh.

fuel is an lllinois No. 6 bituminous coal with a higher heating

value (HHV) of 11,666 Btu/lb. The capacity factor (CF) for the plant is 80 percent without sparing of major train
components. A summary of plant performance data for the Shell IGCC plant with CCS is presented in Table I.

Figure |. Process Flow Diagram
Shell IGCC with CCS

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



IGCC Plant — Bituminous Coal Shell IGCC With CCS

TeChn |Ca| Descrlptlon Table 2. Advanced Gas Turbine Performance'
) ) Advanced F-Class

The plant uses the Shell gasification t(‘echljology. All Net output, MWe 185
technology selected for the plant design is assumed to -

. . Pressure ratio 18.5
be available to facilitate a 2010 startup date for a newly -

. Airflow, kg/s (Ib/s) 431 (950)

constructed plant. However, because certain processes - o 71 (52.500
. . . . . iri ° ° > >
like the combustion turbine operating on a high-hydrogen iring temperature, "C ('F) 371 (>2.500)

'At International Standards Organization conditions
firing natural gas. Performance information for syngas
firing is not available.

content syngas and the two-stage Selexol process for CO,
capture either have no commercial or limited commercial
operating experience, a process contingency was included in
this case. A summary of performance for the Advanced Gas
Turbine for the Shell IGCC plant with CCS is presented in Table 2.

Two gasification trains process a total of 5,678 tons of coal per day. Dry coal is introduced to the gasifier via
lockhoppers. Oxygen (O,) is produced in a cryogenic air separation unit. Coal, steam, and O, react in the
gasifier at about 4.2 MPa (615 psia) at a temperature of 1,427°C (2,600°F) to produce syngas. The gas from the
gasifier is quenched to 399°C (750°F) with water to provide a portion of the water required for water-gas-shift
(WGS) reactions. The syngas passes through a cyclone and a raw gas candle filter where a majority of the fine
particles are removed. The ash that is not carried out with the gas forms slag and runs down the interior walls,
exiting the gasifier in liquid form.

The raw syngas is cooled to 260°C (500°F) and then enters a scrubber for removal of chlorides and remaining
particulate matter (PM). Following the scrubber, the raw syngas is reheated to 285°C (545°F) and fed through
two sour gas shift reactors for converting carbon monoxide (CO) to CO, and also hydrolyzing Carbonyl Sulfide
(COS), eliminating the need for a separate COS hydrolysis reactor. The syngas is then cooled to about 35°C
(95°F) before passing through a carbon bed to remove ninety-five percent of the Hg.

To capture CO,,a WGS reactor containing a series of two shifts with inter-cooled stages, converts a nominal

96 percent of the CO to CO,. Carbon dioxide is removed from the cool, particulate-free gas stream with
Selexol solvent. The dual-absorber Selexol acid gas removal (AGR) process preferentially removes hydrogen
sulfide (H,S) as a product stream, leaving CO, as a separate product stream. Elemental sulfur is recovered in

a Claus bypass-type sulfur recovery unit utilizing oxygen instead of air. The CO, is dried and compressed to
15.3 MPa (2,215 psia) for subsequent pipeline transport and sequestration. The compressed CO, is transported
via pipeline to a geologic sequestration field for

injection into a saline aquifer, which is located Table 3. Plant Electrical Generation

within 50 miles of the plant. Electrical Summary
Advanced gas turbine x 2, MWe 463.6

A Bra)"ton chle, fueled by the' syngas, is l{s.ed Steam turbine, MWVe 229.9

in con]:\nct?n W|tll1 afconven'lc)lfan:z: sublcrltlcal Gross power output, MWe 6935

steam Rankine cycle for combined cycle power

. Y . ycle p Auxiliary power requirement, MWe (176.4)

generation. The two cycles are integrated by

Net power output, MWe 517.1

generation of steam in the HRSGs, by feedwater
heating in the HRSGs, and by heat recovery from
the IGCC process. The steam turbine operates at 12.4 MPa/538°C/538°C (1,800 psig/1,000 °F/1,000°F). The
plant produces a net output of 517 MWe. The summary of plant electrical generation performance is presented
in Table 3. This plant configuration results in a net plant efficiency of 32.0 percent HHYV, or a net plant HHV heat
rate of 10,674 Btu/kWh.
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IGCC Plant — Bituminous Coal

Environmental Performance

The environmental specifications for a greenfield IGCC plant are
based on the Electric Power Research Institute CoalFleet User
Design Basis for Coal-Based IGCC Plants specification. Low sulfur
dioxide (SO,) emissions (less than 3 ppmv in the flue gas) are
achieved by capture of the sulfur in the two-stage Selexol acid gas
removal (AGR) process, which removes over 99 percent of the
sulfur in the fuel gas. The resulting H,S-rich regeneration gas from
the AGR system is fed to a Claus plant, producing elemental sulfur.
Nitrogen oxides (NOx) emissions are limited by nitrogen dilution
(primarily) and syngas humidification (secondarily) in the gas
turbine combustor to |5 ppmvd (as nitrogen oxide at 15 percent
O,). Filterable PM discharge to the atmosphere is limited to
extremely low values by the use of a cyclone and a barrier filter in
addition to the syngas scrubber and the gas-washing effect of the
AGR absorber. Ninety-five percent of the Hg is captured from
the syngas by an activated carbon bed. Approximately 90 percent
of the CO, from the syngas is captured in the AGR system and
compressed for pipeline transport and sequestration.

A summary of the resulting air emissions for the Shell IGCC plant
with CCS is presented in Table 4.

Cost Estimation

Shell IGCC With CCS

Table 4. Air Emissions Summary
@ 80% Capacity Factor

Pollutant Shell IGCC
with CCS
(90%)
CcoO,
* tons/year 361,056
* |lb/MMBtu 18.7
* cost of CO, avoided ($/ton) 42.0
SO,
* tons/year 204
* |lb/MMBtu 0.0105
NOXx
* tons/year 944
* |lb/MMBtu 0.049
PM (filterable)
* tons/year 137
* |[b/MMBtu 0.0071
Hg
* tons/year 0.011
* |b/TBtu 0.571

Plant size, primary/secondary fuel type, construction time, total plant cost (TPC) basis year, plant CF, plant heat
rate, fuel cost, plant book life, and plant in-service date were used as inputs to develop capital cost, production
cost, and levelized cost-of-electricity (LCOE) estimates. Costs for the plant were based on adjusted vendor-
furnished and actual cost data from recent design/build projects. Values for financial assumptions and a cost

summary are shown in Table 5.

Project contingencies were added to the case to cover project uncertainty and the cost of any additional
equipment that could result from detailed design. The project contingencies represent costs that are expected
to occur. Project contingency was |4 percent of the Shell IGCC with CCS case TPC.

Process contingency is intended to compensate for uncertainties arising as a result of the state of technology
development. Process contingencies represent 3.8 percent of the Shell IGCC with CCS case TPC and have been

applied to the estimates as follows:

*  Gasifiers and Syngas Coolers — 15 percent on all IGCC cases.

*  Two Stage Selexol — 20 percent on all IGCC CCS cases.

*  Mercury Removal — 5 percent on all IGCC cases.

*  Combustion Turbine Generator — |0 percent on all IGCC cases with CCS.

* Instrumentation and Controls — 5 percent on all IGCC cases.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 80 percent for

IGCC cases.

B_IG_Shell_CCS-3




IGCC Plant — Bituminous Coal Shell IGCC With CCS

The calculated cost of transport, storage, and monitoring for CO2 is $4.30/short ton, which adds 4.1 mills/kWh
to the LCOE.

The 517 (net) MWe Shell IGCC plant with CCS was projected to have a TPC of $2,668/kWe, resulting in a
20-year LCOE of 110.4 mills/kWh.

Table 5. Major Financial Assumptions and Resulting Cost Summary'

Major Assumptions
Case: Ix517 MWe net Shell IGCC with CCS
Plant Size: 517.1 (MWe, net) | Heat Rate: 10,674 (Btu/kWh)
Primary/Secondary Fuel (type): lllinois #6 Coal Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost? Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 80 (%) Capital Charge Factor: 17.5 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/kWh
Total Plant Cost 66.6
Resulting Operating Costs (Levelized 2007 dollars)? Mills/kWh
Fixed Operating Cost 7.2
Variable Operating Cost 9.3
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/lkWh
232
Resulting Levelized CO, Cost (2007 dollars) Mills/lkWh
4.1
Total Levelized Busbar Cost of Power (2007 dollars) Mills/lkWh
110.4

'Costs shown can vary + 30%.

Total plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engi-
neering and construction management, and contingencies (process and project). Owner’s costs are not included.
3No credit taken for by-product sales.

Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory =~ National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
PO.Box 10940 P.O.Box 880
Pittsburgh, PA 15236 Morgantown, WYV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@pnetl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
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Pulverized Bituminous Coal Plants With and
Without Carbon Capture & Sequestration

Technology Overview

Four pulverized coal (PC) Rankine cycle power plant configurations fired with bituminous coal were evaluated
and the results are presented in this summary sheet. All cases were analyzed using a consistent set of
assumptions and analytical tools. Each PC type was assessed with and without carbon capture and sequestration
(CCS). The individual configurations are as follows:

*  Subcritical PC plant.

*  Subcritical PC plant with CCS.

*  Supercritical PC plant.

»  Supercritical PC plant with CCS.

Each PC plant design is based on a market-ready technology that is assumed to be commercially available in time
to support a 2010 startup date. The PC plants are built at a greenfield site in the midwestern United States and
are assumed to operate at 85 percent capacity factor (CF) without sparing of major train components. Nominal
plant size (gross rating) is 580 MWe without CCS and 670 MWe with CCS. All designs employ a one-on-one
configuration comprising a state-of-the-art PC steam generator and a steam turbine. The primary fuel is lllinois
No. 6 bituminous coal with a higher heating value (HHV) of 11,666 Btu/lb. The boiler is a dry-bottom, wall-
fired unit that employs low-nitrogen oxides burners (LNBs) with over-fire air (OFA) and selective catalytic
reduction (SCR) for nitrogen oxides (NOXx) control, a wet-limestone forced-oxidation scrubber for sulfur
dioxide (SO,) and mercury (Hg) control, and a fabric filter for particulate matter (PM) control.

The PC cases are evaluated with and without CCS on a common 550 MWVe net basis. The designs that include
CCS are equipped with the Fluor Econamine Flue Gas (FG) Plus™ process. The CCS cases have a larger gross
electrical output to compensate for the higher auxiliary loads. After compression to pipeline specification
pressure, the carbon dioxide (CO,) is assumed to be transported to a nearby underground storage facility for
sequestration. The boiler and steam turbine industry ability to match unit size to a custom specification has been
commercially demonstrated, enabling common net output comparison of the PC cases in this study.

See Figure | for a generic block flow diagram of a PC plant. The orange blocks in the figure represent the unit
operations added to the configuration for CCS cases.

Figure |. Pulverized Coal Power Plant Particulate matter control: Baghouse
achieves 0.013 Ib/MMBtu (99.8% removal).

Sulfur oxides control: FGD to achieve
0.085 Ib/MMBtu (98% removal).

Nitrogen oxides control: LNB + OFA +
SCR to maintain 0.07 Ib/MMBtu emissions
limit.

Carbon dioxide control: Fluor Econ-
amine FG Plus™ (90% removal).

Hg control: Co-benefit capture for ~90%
removal.

Subcritical steam conditions:
2,400 psig/1,050°F/1,050°F.

Supercritical steam conditions:

ig/1100°F/1,100°F.
Orange blocks indicate unit operations added for CCS Case. 3,500 psig/1 100°F/1,100

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



PC Technology — Bituminous Coal

Technical Description

PC With and Without CCS

Steam conditions for the Rankine cycle cases are based on input from the original boiler and steam turbine
equipment manufacturers (OEMs) input on the most advanced steam conditions they would guarantee for a

commercial project in the United States with PC units rated at nominal 550 MWe net capacity firing lllinois No. 6

coal. The input from the OEMs resulted in the following single-reheat steam conditions:

*  For subcritical cases — 16.5 MPa/566°C/566°C (2,400 psig/1,050°F/1,050°F).
*  For supercritical cases — 24.1 MPa/593°C/593°C (3,500 psig/1,100°F/I,100°F).

Recirculating evaporative cooling systems are used for cycle heat rejection. The average efficiency of the cases
without CCS is almost 38 percent (HHV basis) for a plant with a nominal gross rating of 580 MWe.

The CCS cases require a significant amount of auxiliary power and extraction steam for the process, which

reduces the output of the steam turbine. This requires a higher nominal gross plant output for the CCS cases of

about 670 MWe for an average net plant efficiency of 26 percent (HHV basis).

The designs that include CCS are equipped with the
Fluor Econamine FG Plus™ technology, which removes
90 percent of the CO, in the flue gas exiting the flue gas
desulfurization (FGD) unit. Once captured, the CO,

is dried and compressed to 5.3 MPa (2,215 psia). The
compressed CO, is transported via pipeline to a geologic
sequestration field for injection into a saline aquifer,
which is located within 50 miles of the plant. Carbon
dioxide transport, storage, and monitoring costs are
included in the analyses.

Fuel Analysis and Costs

The design coal characteristics are presented in Table |.
All PC cases were modeled with lllinois No. 6 coal.

A cost of $1.80/MMBtu (January 2007 dollars) was
determined from the Energy Information Administration
AEO2007 for an eastern interior high-sulfur bituminous
coal.

Environmental Design Basis

Table 1. Fuel Analysis

Rank Bituminous
Seam Illinois No. 6 (Herrin)
Source Old Ben Mine

Proximate Analysis (weight %)’

As received Dry
Moisture 11.12 0.00
Ash 9.70 1091
Volatile matter 34.99 39.37
Fixed carbon 44.19 49.72
Total 100.00 100.00
Sulfur 2.51 2.82
Higher heating value, Btu/lb 11,666 13,126
Lower heating value, Btu/lb 11,252 12,712

'"The above proximate analysis assumes sulfur as a volatile matter.

Table 2. Environmental Targets

The environmental approach for this study was to evaluate each of Pollutant pPc!
the PC cases on the same regulatory design basis. The environmental SO, 0.085 Ib/MMBtu
specifications for a greenfield PC plant are based on Best Available NOx 0.07 Ib/MMBtu

Control Technology (BACT), which exceed New Source Performance

PM (filterable)

0.013 Ib/MMBtu

Standard (NSPS) requirements. Table 2 provides details of the Hg

environmental design basis for PC plants built at a midwestern U.S.

1.14 1b/TBtu

location. The emissions controls assumed for each of the four PC cases

are as follows:

'Based on BACT and NSPS.

* A wet-limestone FGD system was used for sulfur control and also provided co-benefit Hg removal.

*  Low-NOx burners with OFA in conjunction with an SCR unit were used for NOx control.
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PC Technology — Bituminous Coal PC With and Without CCS

*  Fabric filter was used for PM control. Table 3. Major Economic and Financial Assumptions

¢ Econamine FG Plus™ was used for CO, capture for PC Cases
in the CCS cases. Major Economic Assumptions
Capacity factor 85%
Major Economic and Financial Assumptions Costs per year, constant U.S. dollars 2007 (January)
. . lllinois No. 6 delivered cost $1.80/MMBtu
For the PC cases, capital cost, production cost, and - -
X L. K Construction duration 3 years
levelized cost-of-electricity (LCOE) estimates were
Plant startup date 2010 (January)

developed for each plant based on adjusted vendor-

furnished and actual cost data from recent design/build Major Financial Assumptions

projects and resulted in determination of a revenue- Depreciation 20 years
requirement 20-year LCOE based on the power plant Federal income tax 34%
costs and assumed financing structure. Listed in Table 3 State income tax 6%

are the major economic and financial assumptions for the [ Low risk cases

four PC cases. After-tax weighted cost of capital | 8.79%

Capital structure:

Project ccfntlngenues were added to each of the cases to Common equity 50% (Cost = 12%)
cover proltetc};c uncerltdalnty Ttn:I the;:otst.lo:‘ja;y .addl'_cll_ﬁnal Debr 50% (Cost = 9%)
equipment that could result from detailed design. The

quip g Capital charge factor 16.4%

project contingencies represent costs that are expected to

. . High risk
occur. Project contingency was about | | percent for the garErcase

PC cases without CCS and roughly 12.5 percent for the After-tax weighted cost of capital | 9.67%
PC cases with CCS. Capital structure:

Common equity 55% (Cost = 12%)
Process contingency is intended to compensate for Debt 45% (Cost = 11%)
uncertainties arising as a result of the state of technology Capital charge factor 17.5%

development. Process contingencies have been applied to
the estimates as follows:

¢ CO, Removal System — 20 percent on all PC CCS cases.

* Instrumentation and Controls — 5 percent on the PC CCS cases.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 85 percent for
PC cases.

For the PC cases that feature CCS, capital and operating costs were estimated for transporting CO, to an
underground storage field, associated storage in a saline aquifer; and for monitoring beyond the expected life of
the plant. These costs were then levelized over a 20-year period.

Results
An analysis of the four PC cases is presented in the following sections.
Capital Cost

The total plant cost (TPC) for each of the four PC cases is compared in Figure 2. The TPC includes all
equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engineering
and construction management, and contingencies (process and project). Owner’s costs are not included.
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Figure 2. Comparison of TPC for the Four PC Cases

The results of the analysis indicate that the supercritical PC cases and the subcritical PC cases are nearly the
same capital cost. With CCS, the TPC increases by roughly 85 percent for both subcritical and supercritical
cases, resulting in very similar capital costs of almost $2,900/kVVe.

Efficiency

The net plant HHYV efficiencies for the four PC cases are compared in Figure 3. This analysis indicates that

the supercritical plant efficiency of 39.1 percent (HHYV basis) is 2 percentage points higher than the subcritical
case. With CCS, the efficiency penalty is a 12 percentage point drop in both subcritical and supercritical plants,
resulting in an efficiency of about 25 percent (HHV basis) for the subcritical case, with the supercritical case
being about 2 percentage points higher.

Figure 3. Comparison of Net Plant Efficiency for the Four PC Cases

Levelized Cost-of-Electricity

The LCOE is a measurement of the coal-to-busbar cost of power, and includes the TPC, fixed and variable
operating costs, and fuel costs levelized over a 20-year period. The calculated cost of transport, storage, and
monitoring for CO, is about $3.40/short ton, which adds roughly 4 mills to the LCOE.
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Figure 4. Comparison of Levelized Cost-of-Electricity for the Four PC Cases

The PC plants generate power at an LCOE of about 64 mills/kWh at a CF of 85 percent. When CCS is included,
the increased TPC and reduced efficiency result in a higher LCOE of roughly |17 mills/kWh.

Environmental Impacts

Table 4 provides a comparative
summary of emissions from the four
PC cases. Mass emission rates and
cumulative annual totals are given
for SOz, NOx, PM, Hg, and COZ.
Additionally, plant water usage is
shown.

The emissions from all four PC cases
evaluated meet or exceed BACT

and NSPS requirements. The CO, is
reduced by 90 percent in the capture
cases, resulting in emissions of less
than 570,000 tons/year. The cost of
CO2 avoided is about $68/ton. The
cost of CO, avoided is defined as
the difference in the 20-year LCOE
between controlled and uncontrolled
like cases, divided by the difference

in CO, emissions in kg/MWh. Raw
water usage in the CCS cases is
more than twice that of the cases
without CCS primarily because of
the large cooling water demand of
the Econamine FG Plus™ process.

Table 4. Air Emissions Summary @ 85% Capacity Factor

Pollutant

co,
* tons/year
* |b/MMBtu

* cost of avoided CO, ($/ton)
SO

2
* tons/year
* Ib/MMBtu
NOx
* tons/year
* Ib/MMBtu
PM (filterable)
* tons/year
* Ib/MMBtu
Hg
* tons/year

* |b/TBtu

Raw water usage, gpm

B_PC-5

Pulverized Coal Boiler

PC Subcritical PC Supercritical

Without With CCS Without With CCS
CCs (90%) CCs (90%)
3,864,884 569,524 3,631,301 516,310
203 20.3 203 20.3
— 68 — 68
1,613 Negligible 1,514 Negligible
0.0848 Negligible 0.0847 Negligible
1,331 1,966 1,250 1,784
0.070 0.070 0.070 0.070
247 365 232 331
0.0130 0.0130 0.0130 0.0130
0.022 0.032 0.020 0.029
.14 I.14 .14 .14
6,212 14,098 5,441 12,159



PC Technology — Bituminous Coal PC With and Without CCS
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Subcritical Pulverized Bituminous Coal Plant

Plant OverV|eW Table |I. Plant Performance Summary
. o Plant Type PC Subcritical
This analysis is based on a 550 MWe (net power output)
.. . . . Carbon capture No
subcritical bituminous pulverized coal (PC) plant located
L . . Net power output (kVVe) 550,445
at a greenfield site in the midwestern United States. ' . i
This plant is designed to meet Best Available Control Net plant HHV efficiency (%) 36.8%
Technology (BACT) emission limits. The plant is a single- Primary fuel (type) lllinois No. & coal
train design. The combination process, heat, and mass Levelized cost-of-electricity 64.0

(mills/lkWh) @ 85% capacity factor
Total plant cost ($ x 1,000) $852,612

balance diagram for the subcritical PC plant is shown in
Figure |. The primary fuel is an Illinois No. 6 bituminous
coal with a higher heating value (HHV) of 11,666 Btu/Ib.
The capacity factor (CF) for the plant is 85 percent without sparing of major train components. A summary of
plant performance data for the subcritical PC plant is presented in Table I.

Figure |. Process Flow Diagram
Subcritical Pulverized Coal Unit

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



PC Plant — Bituminous Coal Subcritical PC

Technical Description

The analysis for the subcritical PC plant is based on a commercially available dry-bottom, wall-fired boiler
equipped with low-nitrogen oxides burners (LNBs) and over-fire air (OFA). The unit is a balanced-draft, natural-
circulation design equipped with a superheater, reheater, economizer, and air preheater. Hot flue gas exiting the
boiler is treated by a selective catalytic reduction (SCR) unit for nitrogen oxides (NOx) removal, a baghouse for
particulate matter (PM) removal, and a limestone-based scrubber for sulfur dioxide (SO,) control and co-removal
of mercury (Hg). This plant utilizes a conventional steam turbine for power generation. The Rankine cycle is
based on a single reheat system with steam conditions of 16.5 MPa/566°C/566°C (2,400 psig/1,050°F/1,050°F).

Achieving a nominal 550 MWe net output with this plant configuration results in a HHV thermal input
requirement of 1,496,479 kWt (5,106 MMBtu/hr basis). This thermal input is achieved by burning coal at a
rate of 437,699 Ib/hr, which yields an HHV net plant heat rate of 9,276 Btu/kWh (a net plant efficiency of
36.8 percent). The gross power output of 583 MWe is produced from the steam turbine generator. With an
auxiliary power requirement of 33 MWe, the net plant output is 550 MWe.

EnVi ron mental Pe rformance Table 2. Air Emissions Summary
@ 85% Capacity Factor
This study assumes the use of BACT to meet the emission AR S ST
requirements of the 2006 New Source Performance Standards. pre Without €CS
2

The subcritical PC plant emission control strategy consists *_tons/year 3,864,884
of a wet-limestone, forced-oxidation scrubber that achieves a * |b/MMBtu 203
98 percent removal of SO,. The byproduct, calcium sulfate, is + cost of CO, avoided ($/ton) N/A
dewatered and stored onsite. The wallboard-grade material so,
potentially can be marketed and sold, but since it is highly + tonslyear 1613
dependent on local market conditions, no byproduct credit is ~ Ib/MMBtu 0.085
taken. The combination of SCR, a fabric filter and wet scrubber NEY
also provides co-benefit. Hg capture at an assumed 90 percent
of the inlet value. The saturated flue gas exiting the scrubber is " tonslyear 1331
vented through the plant stack. NOx emissions are controlled - [b/MMBey 0.070
through the use of LNBs and OFA. An SCR unit then further L
reduces the NOx concentration by 86 percent. Particulate *_tons/year 247
emissions are controlled using a pulse jet fabric filter, which * Ib/MMBtu 0.013
operates at an efficiency of 99.8 percent. Hg

* tons/year 0.022
A summary of the resulting air emissions is presented in Table 2. T—— 14

Cost Estimation

Plant size, primary/secondary fuel type, construction time, total plant cost (TPC) basis year, plant CF, plant heat
rate, fuel cost, plant book life, and plant in-service date are used to develop capital cost, production cost, and
levelized cost-of-electricity (LCOE) estimates. Costs for the plant are based on adjusted vendor-furnished and
actual cost data from recent design/build projects. Values for financial assumptions and a cost summary are
shown in Table 3.

Project contingencies were added to each case to cover project uncertainty and the cost of any additional
equipment that could result from detailed design. The project contingencies represent costs that are expected
to occur. Project contingency was | 1.2 percent of the subcritical PC case without CCS TPC.
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PC Plant — Bituminous Coal Subcritical PC

No process contingency is included in this case because all elements of the technology are commercially proven.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 85 percent for
PC cases.

The 550 MWe (net) subcritical PC plant is projected to have a TPC of $1,549/kWe, resulting in a 20-year LCOE
of 64.0 mills/kWh.

Table 3. Major Financial Assumptions and Resulting Cost Summary'

Major Assumptions
Case: 1x550 MWe net Subcritical PC
Plant Size: 550.4 (MWe, net) | Heat Rate: 9,276 (Btu/kWh)
Primary/Secondary Fuel (type): lllinois #6 Coal Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost* Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 85 (%) Capital Charge Factor: 16.4 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/kWh
Total Plant Cost 34.1
Resulting Operating Costs (Levelized 2007 dollars)? Mills/lkWh
Fixed Operating Cost 38
Variable Operating Cost 5.8
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/kWh
20.2
Total Levelized Busbar Cost of Power (2007 dollars) Mills/kWh
64.0

'Costs shown can vary + 30%.

MTotal plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engi-
neering and construction management, and contingencies (process and project). Owner’s costs are not included.

3No credit taken for by-product sales.
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Subcritical Pulverized Bituminous Coal Plant
With Carbon Capture & Sequestration

Plant Overview

This analysis is based on a 550 MWe (net power output)
subcritical bituminous pulverized coal (PC) plant
located at a greenfield site in the midwestern United
States. This plant captures carbon dioxide (CO,) to

be sequestered and is designed to meet Best Available
Control Technology (BACT) emission limits. The plant
is a single-train design. The combination process, heat,
and mass balance diagram for the subcritical PC plant
with carbon capture and sequestration (CCS) case is
shown in Figure |. The primary fuel is an lllinois No. 6
bituminous coal with a higher heating value (HHV) of
11,666 Btu/lb. The capacity factor (CF) for the plant is
85 percent without sparing of major train components.

Table |I. Plant Performance Summary

Plant Type PC Subcritical
Carbon capture Yes
Net power output (kVVe) 549,613
Net plant HHV efficiency (%) 24.9
Primary fuel (type) lllinois No. 6 coal
Levelized cost-of-electricity 118.8
(mills’/lkWh) @ 85% capacity factor
Total plant cost ($ x 1,000) $1,591,277
Cost of CO, avoided' ($/ton) 68

'"The cost of CO, avoided is defined as the difference in the
20-year levelized-cost-of electricity between controlled and
uncontrolled like cases, divided by the difference in CO2 emis-
sions in kg/MWh.

A summary of plant performance data for the subcritical PC plant with CCS is presented in Table I.

Figure I. Process Flow Diagram
Subcritical Pulverized Coal Unit With CCS

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



PC Plant — Bituminous Coal Subcritical PC With CCS

Technical Description

The analysis for the subcritical PC plant with CCS is based on a commercially available dry-bottom, wall-

fired boiler equipped with low-nitrogen oxides (NOx) burners (LNBs) and over-fire air (OFA). The unitis a
balanced-draft, natural-circulation design equipped with a superheater, reheater, economizer, and air preheater.
Hot flue gas (FG) exiting the boiler is treated by a selective catalytic reduction (SCR) unit for NOx removal, a
baghouse for particulate matter (PM) removal, and a limestone-based scrubber for sulfur dioxide (SO,) control
and co-removal of mercury (Hg). This plant utilizes a conventional steam turbine for power generation. The
Rankine cycle is based on a single reheat system with steam conditions of 16.5 MPa/566°C/566°C (2,400 psig/
1,050°F/1,050°F).

This subcritical PC plant with CCS is equipped with the Fluor Econamine FG Plus™ technology for carbon
capture. Flue gas exiting the scrubber system is directed to the Econamine FG Plus™ process, where CO, is
absorbed in a monethanolamine-based solvent. A booster blower is required to overcome the process pressure
drop. Carbon dioxide recovered in the Econamine FG Plus™ process is dried, compressed, and delivered to the
plant fence line at 15.3 MPa (2,215 psia) for subsequent pipeline transport. The compressed CO, is transported
via pipeline to a geologic sequestration field for injection into a saline aquifer; which is located within 50 miles of
the plant.

Achieving a nominal 550 MWe net output with this plant configuration results in an HHV thermal input
requirement of 2,210,668 kWt (7,543 MMBtu/hr basis). This thermal input is achieved by burning coal at

a rate of 646,589 Ib/hr, which yields an HHV net plant heat rate of 13,724 Btu/kWh (net plant efficiency of

24.9 percent). The gross power output of 680 MWe is produced from the steam turbine generator. With an
auxiliary power requirement of 130 MWe, the net plant output is 550 MWe. The Econamine FG Plus™ process
imposes a significant auxiliary power load on the system, which requires this case to have a higher gross output,
as compared with the subcritical without CCS case, to maintain the same 550 MWe net output.

Environmental Performance Table 2. Air Emissions Summary
@ 85% Capacity Factor

This study assumes the use of BACT to meet the emission Pollutant PC Subcritical
requirements of the 2006 New Source Performance Standard With CCS (90%)
for criteria pollutants. co,

* tons/year 569,524
The subcritical PC plant with CCS has an emission control BT~ 03
strategy consisting of LNBs with OFA and SCR for NOx . .
control, a pulse jet fabric filter for PM control, and a wet- » cost of CO, avoided ($/ton) 68
limestone, forced-oxidation scrubber for SO, control. After SO,
NOx emissions are initially controlled through the use of *_tons/year Negligible
LNBs and OFA, an SCR unit is used to further reduce the *_Ib/MMBtu Negligible
NOx concentration by 86 percent. Particulate emissions are NOx
controlled using a pulse jet fabric filter; which operates at an * tons/year 1,966
efficiency of 99.8 percent. The wet-limestone, forced-oxidation . Ib/MMBtu 0.070
scrubber achieves a 98 percent removal of SO,. A polishing PM
scrubber included as part of the Econamine FG Plus™ process e - 365
further reduces the SO, concentration to less than 10 ppmv. - Ib/MMB 0013
The balance of the SO, is removed in the Econamine absorber He
resulting in negligible SO, emissions. The byproduct from
the wet-limestone scrubber calcium sulfate, is dewatered and " tonslyear 0032
stored onsite. The wallboard-grade material potentially can alliec 14

be marketed and sold, but since it is highly dependent on local
market conditions, no byproduct credit is taken. The combination of SCR, a fabric filter and wet scrubber also
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provides co-benefit Hg capture at an assumed 90 percent of the inlet value. After leaving the Econamine FG
Plus™ process, the flue gas is vented through the plant stack.

A summary of the resulting air emissions is presented in Table 2.

Cost Estimation

Plant size, primary/secondary fuel type, construction time, total plant cost (TPC) basis year, plant CF, plant heat
rate, fuel cost, plant book life, and plant in-service date were used as inputs to develop capital cost, production
cost, and levelized cost-of-electricity (LCOE) estimates. Costs for the plant were based on adjusted vendor-
furnished and actual cost data from recent design/build projects. Values for financial assumptions and a cost
summary are shown in Table 3.

Project contingencies were added to each case to cover project uncertainty and the cost of any additional
equipment that could result from detailed design. The project contingencies represent costs that are expected
to occur. Project contingency was [2.5 percent of the subcritical PC CCS case TPC.

Process contingency is intended to compensate for uncertainties arising as a result of the state of technology
development. Process contingencies represent 3.6 percent of the subcritical PC CCS case TPC and have been
applied to the estimates as follows:

¢ CO, Removal System — 20 percent on all PC CCS cases.

* Instrumentation and Controls — 5 percent on the PC CCS cases.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 85 percent for
PC cases.

For the PC cases that feature CCS, capital and operating costs were estimated for transporting CO, to an
underground storage area, associated storage maintenance, and for monitoring beyond the expected life of the
plant. These costs were then levelized over a 20-year period.

The calculated cost of transport, storage, and monitoring for CO, is $3.40/short ton, which adds 4.3 mills/kWh
to the LCOE.

The 550 (net) MWe subcritical PC plant with CCS was projected to have a TPC of $2,888/kWe, resulting in a
20-year levelized COE of |18.8 mills/kWh.
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Table 3. Major Financial Assumptions and Resulting Cost Summary'

Major Assumptions
Case: I1x550 MWe net Subcritical PC with CCS
Plant Size: 549.6 (MWe, net) | Heat Rate: 13,724 (Btu/kWh)
Primary/Secondary Fuel (type): lllinois #6 Coal Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost? Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 85 (%) Capital Charge Factor: 17.5 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/kWh
Total Plant Cost 68.0
Resulting Operating Costs (Levelized 2007 dollars)? Mills/kWh
Fixed Operating Cost 5.8
Variable Operating Cost 10.8
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/kWh
29.8
Resulting Levelized CO, Cost (2007 dollars) Mills/kWh
43
Total Levelized Busbar Cost of Power (2007 dollars) Mills/kWh
118.8

'Costs shown can vary + 30%.

Total plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engi-
neering and construction management, and contingencies (process and project). Owner’s costs are not included.

3No credit taken for by-product sales.

Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
PO. Box 10940 P.O. Box 880
Pittsburgh, PA 15236 Morgantown, WYV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@pnetl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
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Supercritical Pulverized Bituminous Coal Plant

Plant Overview

This analysis is based on a 550 MWe (net power output)
supercritical bituminous pulverized coal (PC) plant located

at a greenfield site in the midwestern United States. This
plant is designed to meet Best Available Control Technology
(BACT) emission limits. The plant is a single-train design. The
combination process, heat and mass balance diagram for the
supercritical PC plant case is shown in Figure |. The primary
fuel is an lllinois No. 6 bituminous coal with a higher heating
value (HHV) of 11,666 Btu/lb. The capacity factor (CF) for the

plant is 85 percent without sparing of major train components.

A summary of plant performance data for the supercritical PC
plant is presented in Table I.

Table |I. Plant Performance Summary

Plant Type PC Supercritical
Carbon capture No
Net power output (kVWVe) 550,150
Net plant HHV efficiency (%) 39.1
Primary fuel (type) lllinois No. 6 coal
Levelized cost-of-electricity 63.3
(mills/kWh) @ 85% capacity
factor

Total plant cost ($ x 1,000) $866,391

Figure |. Process Flow Diagram
Supercritical Pulverized Coal Unit

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



PC Plant — Bituminous Coal Supercritical PC

Technical Description

The analysis for the supercritical PC plant is based on a commercially available supercritical dry-bottom,
wall-fired boiler equipped with low-nitrogen oxides burners (LNBs) with over-fire air (OFA) and selective
catalytic reduction (SCR). The unit is a balanced-draft, natural-circulation design equipped with a superheater,
reheater, economizer, and air preheater. Hot flue gas exiting the boiler is treated by an SCR unit for nitrogen
oxides (NOx) removal, a baghouse for particulate matter (PM) removal, and a wet limestone forced oxidation
scrubber for sulfur dioxide (SO,) control and co-removal of mercury (Hg). This plant utilizes a conventional
steam turbine for power generation. The Rankine cycle is based on a single reheat system with steam conditions
of 24.1 MPa/ 593°C/593°C (3,500 psig/I,100°F/1,100°F).

Achieving 2 nominal 550 MWe net output with this plant configuration results in a HHV thermal input
requirement of 1,406,161 KWt (4,799 MMBtu/hr basis). This thermal input is achieved by burning coal at a
rate of 411,282 Ib/hr, which yields an HHV net plant heat rate of 8,721 Btu/kWh (net plant HHV efficiency of
39.1 percent). The gross power output of 580 MWe is produced from the steam turbine generator. With an
auxiliary power requirement of 30 MWe, the net plant output is 550 MWe.

Environmental Performance Table 2. Air Emissions Summary
@ 85% Capacity Factor
This study assumes the use of BACT to meet the emission Pollutant PC
requirements of the 2006 New Source Performance Standards. Supercritical
Without
. - CCS
The supercritical PC plant has an emission control strategy
consisting of LNBs with OFA and SCR for NOx control, a pulse co,
jet fabric filter for PM control, and a wet-limestone, forced-  tons/year 3,632,123
oxidation scrubber for SO, control. After NOx emissions are * Ib/MMBtu 203
initially controlled through the use of LNBs and OFA, an SCR unit * cost of CO, avoided ($/ton) N/A
is used to further reduce the NOx concentration by 86 percent. SO,
Particulate emissions are controlled using a pulse jet fabric * tons/year 1,514
filter; which operates at an efficiency of 99.8 percent. The wet- * Ib/MMBtu 0.085
limestone, forced-oxidation scrubber for SO, control achieves NOXx
98 percent removal efficiency. The byproduct, calcium sulfate, is * tonslyear 1,250
dewatejred and stored onsite. The waIIPoarfj-graqe material can - Ib/MMBtu 0,070
potentially be marketfafj and sold but, since it is hlghly dependent PM (filterable)
on local market conditions, no byproduct credit is taken. The e - ™
combination of SCR, a fabric filter and wet scrubber also provides i
. * |lb/MMBtu 0.013
co-benefit Hg capture at an assumed 90 percent of the inlet value. 5
g
A summary of the resulting air emissions is presented in Table 2. * tons/year 0.020
* |b/TBtu I.14

Cost Estimation

Plant size, primary/secondary fuel type, construction time, total plant cost (TPC) basis year, plant CF, plant heat
rate, fuel cost, plant book life, and plant in-service date are used to develop capital cost, production cost, and
levelized cost-of-electricity (LCOE) estimates. Costs for the plant are based on adjusted vendor-furnished and
actual cost data from recent design/build projects. Values for financial assumptions and a cost summary are
shown in Table 3.
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PC Plant — Bituminous Coal Supercritical PC

Project contingencies were added to each case to cover project uncertainty and the cost of any additional
equipment that could result from detailed design. The project contingencies represent costs that are expected
to occur. Project contingency was 10.7 percent for the supercritical PC case TPC. No process contingency is
included in this case because all elements of the technology are commercially proven.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 85 percent for
PC cases.

The 550 MWe supercritical PC plant is projected to have a TPC of $1,574/kWe, resulting in a 20-year LCOE of

63.3 mills/kVWVh.
Table 3. Major Financial Assumptions and Resulting Cost Summary!'
Major Assumptions
Case: Ix550 MWe net Supercritical PC
Plant Size: 550.2 (MWe, net) | Heat Rate: 8,721 (Btu/kWh)
Primary/Secondary Fuel (type): lllinois #6 Coal Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost? Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 85 (%) Capital Charge Factor: 164 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/kWh
Total Plant Cost 347
Resulting Operating Costs (Levelized 2007 dollars)? Mills/kWh
Fixed Operating Cost 39
Variable Operating Cost 57
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/lkWh
19.0
Total Levelized Busbar Cost of Power (2007 dollars) Mills/kWh
63.3

'Costs shown can vary + 30%.

Total plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engi-
neering and construction management, and contingencies (process and project). Owner’s costs are not included.
3No credit taken for by-product sales.
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Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
PO. Box 10940 P.O. Box 880
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julianne.klara@netl.doe.gov john.wimer@pnetl.doe.gov
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Supercritical Pulverized Bituminous Coal Plant
With Carbon Capture & Sequestration

Plant Overview

This analysis is based on a 550 MWe (net power output)
supercritical bituminous pulverized coal (PC) plant located
at a greenfield site in the midwestern United States. This
plant captures carbon dioxide (CO,) to be sequestered

and is designed to meet Best Available Control Technology
(BACT) emission limits. The plant is a single-train design. The
combination process, heat, and mass balance diagram for the
supercritical PC plant with carbon capture and sequestration
(CCS) is shown in Figure |. The primary fuel is an lllinois
No. 6 bituminous coal with a higher heating value (HHV)

of 11,666 Btu/lb. The capacity factor (CF) for the plant is

85 percent without sparing of major train components. A
summary of plant performance data for the supercritical PC
plant with CCS is presented in Table |.

Table I. Plant Performance Summary

Plant Type PC Supercritical
Carbon capture Yes
Net power output (kVWe) 545,995
Net plant HHYV efficiency (%) 27.2
Primary fuel (type) lllinois No. 6 coal
Levelized cost-of-electricity 114.8
(mills/lkWh) @ 85% capacity
factor

Total plant cost ($ x 1,000) $1,567,073
Cost of CO, avoided' ($/ton) 68

'"The cost of CO, avoided is defined as the difference
in the 20-year levelized cost-of-electricity between
controlled and uncontrolled like cases, divided by the
difference in CO, emissions in kg/MWh.

Figure |I. Process Flow Diagram
Supercritical Pulverized Coal Unit With CCS

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



PC Plant — Bituminous Coal Supercritical PC With CCS

Technical Description

The analysis for the supercritical PC plant with CCS is based on a commercially available supercritical
dry-bottom, wall-fired boiler equipped with low-nitrogen oxides (NOx) burners (LNBs), over-fire air (OFA),
and selective catalytic reduction (SCR). The unit is a balanced-draft, natural-circulation design equipped with a
superheater, reheater, economizer, and air preheater. Hot flue gas (FG) exiting the boiler is treated by an SCR
unit for NOx removal, a baghouse for particulate matter (PM) removal, and a wet-limestone, forced-oxidation
scrubber for sulfur dioxide (SO,) control and co-removal of mercury (Hg). This plant utilizes a conventional
steam turbine for power generation. The single reheat system uses a Rankine cycle with steam conditions of
24.1 MPa/593°C/593°C (3,500 psig/I,100°F/1,100°F).

This supercritical PC plant with CCS is equipped with the Fluor Econamine FG Plus™ technology for carbon
capture. Flue gas exiting the scrubber system is directed to the Econamine FG Plus™ process, where CO, is
absorbed in a monethanolamine-based solvent. A booster blower is required to overcome the process pressure
drop. Carbon dioxide recovered in the Econamine FG Plus™ process is dried, compressed, and delivered to the
plant fence line at 15.3 MPa (2,215 psia) for subsequent pipeline transport and sequestration. The compressed
CO, is transported via pipeline to a geologic sequestration field for injection into a saline aquifer; which is
located within 50 miles of the plant.

Achieving a nominal 550 MWe net output with this plant configuration, results in an HHV thermal input
requirement of 2,005,660 kWt (6,845 MMBtu/hr). This thermal input is achieved by burning coal at a rate

of 586,627 Ib/hr, which yields an HHV net plant heat rate of 12,534 Btu/kWh (net plant HHYV efficiency of

27.2 percent). The gross power output produced from the steam turbine generator is 663 MWe. With an
auxiliary power requirement of |17 MWe, the net plant output is 546 MWe. The Econamine FG Plus™ process
imposes a significant auxiliary power load on the system, which requires this case to have a higher gross output,
as compared to the supercritical case without CCS, to maintain approximately the same net output.

Envi ron mental Pe I’fOrmance Table 2. Air Emissions Summary
@ 85% Capacity Factor

This study assumes the use of BACT to meet the emission Pollutant PC
requirements of the 2006 New Source Performance Standard for Supercritical
criteria pollutants. R

(90%)
The supercritical PC plant with CCS has an emission control co,
strategy consisting of LNBs with OFA and SCR for NOx control, a * tons/year 516310
pulse jet fabric filter for PM control, and a wet-limestone, forced- * Ib/MMBtu 203
oxidation scrubber for SO, control. After NOx emissions are * cost of CO, avoided ($/ton) 68
initially controlled through the use of LNBs and OFA, an SCR unit SO,
is used to further reduce the NOx concentration by 86 percent.  tons/year Negligible
Particulate emissions are controlled using a pulse jet fabric filter, « Ib/MMBtu Negligible
which operates at an efficiency of 99.8 percent. The wet-limestone, [ ox
forced-oxidation scrubber achieves a 98 percent removal of - tonslyear | 784
SO,. A polishing scrubber included as part of the Econamine FG T B 0,070
Plus™ process further reduces the SO, concentration to less than -
10 ppmv. The balance of the SO, is removed in the Econamine
absorber resulting in negligible SO, emissions. The byproduct - tonslyear 33
from the wet-limestone scrubber calcium sulfate, is dewatered and * Ib/MMBtu 0013
stored onsite. The wallboard-grade material potentially can be Hg
marketed and sold, but since it is highly dependent on local market | ° tons/year 0.029
conditions, no byproduct credit is taken. The combination of SCR, * Ib/TBtu .14
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PC Plant — Bituminous Coal Supercritical PC With CCS

a fabric filter and wet scrubber also provides co-benefit Hg capture at an assumed 90 percent of the inlet value.
The saturated FG exiting the scrubber is directed to the Econamine FG Plus™ process for CO, recovery. A
booster blower is required to overcome the process pressure drop. After leaving the Econamine FG Plus™
process, the flue gas is vented through the plant stack.

A summary of the resulting air emissions is presented in Table 2.

Cost Estimation

Plant size, primary/secondary fuel type, construction time, total plant cost (TPC) basis year, plant CF, plant heat
rate, fuel cost, plant book life, and plant in-service date were used as inputs to develop capital cost, production
cost, and levelized cost-of-electricity (LCOE) estimates. Costs for the plant were based on adjusted vendor-
furnished and actual cost data from recent design/build projects. Values for financial assumptions and a cost
summary are shown in Table 3.

Project contingencies were added to each case to cover project uncertainty and the cost of any additional
equipment that could result from detailed design. The project contingencies represent costs that are expected
to occur. Project contingency was 12.4 percent for the supercritical PC CCS case TPC.

Process contingency is intended to compensate for uncertainties arising as a result of the state of technology
development. Process contingencies represent 3.5 percent of the supercritical PC CCS case TPC and have been
applied to the estimates as follows:

¢ CO, Removal System — 20 percent on all PC CCS cases.

* Instrumentation and Controls — 5 percent on the PC CCS cases.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 85 percent for
PC cases.

For the PC cases that feature CCS, capital and operating costs were estimated for transporting CO, to an
underground storage area, associated storage maintenance, and for monitoring beyond the expected life of the
plant. These costs were then levelized over a 20-year period.

The calculated cost of transport, storage, and monitoring for CO, is $3.40/short ton, which adds 3.9 mills/kWh
to the LCOE.

The 550 (net) MWe supercritical PC plant with CCS was projected to have TPC of $2,868/kVVe, resulting in a
20-year LCOE of |14.8 mills/kVVh.

B_PC_SUP_CCSs-3



PC Plant — Bituminous Coal Supercritical PC With CCS

Table 3. Major Financial Assumptions and Resulting Cost Summary'

Major Assumptions
Case: Ix550 MWe net Supercritical PC with CCS
Plant Size: 545.9 (MWe, net) | Heat Rate: 12,534 (Btu/kWh)
Primary/Secondary Fuel (type): lllinois #6 Coal Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost? Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 85 (%) Capital Charge Factor: 17.5 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/kWh
Total Plant Cost 67.5
Resulting Operating Costs (Levelized 2007 dollars)? Mills/kWh
Fixed Operating Cost 5.8
Variable Operating Cost 10.4
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/lkWh
27.2
Resulting Levelized CO, Cost (2007 dollars) Mills/kWh
3.9
Total Levelized Busbar Cost of Power (2007 dollars) Mills/lkWh
114.8

'Costs shown can vary + 30%.

MTotal plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engi-
neering and construction management, and contingencies (process and project). Owner’s costs are not included.

3No credit taken for by-product sales.

Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
PO. Box 10940 P.O. Box 880
Pittsburgh, PA 15236 Morgantown, WYV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@pnetl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
B_PC_SUP_CCS_051507

B_PC_SUP_CCSs-4



Natural Gas Combined-Cycle Plants With
and Without Carbon Capture & Sequestration

Technology Overview

Two Natural Gas Combined-Cycle (NGCC) power plant configurations were evaluated, and the results are
presented in this summary sheet. Both cases were analyzed using a consistent set of assumptions and analytical
tools. The two configurations evaluated are based on an NGCC plant with and without carbon capture and
sequestration (CCS).

*  NGCC plant utilizing Advanced F-Class combustion turbine generators (CTGs).
*  NGCC plant utilizing Advanced F-Class CTGs with CCS.

Each NGCC plant design is based on a market-ready technology that is assumed to be commercially available in
time to support a 2010 startup date. The NGCC plants are built at a greenfield site in the midwestern United
States and are assumed to operate in baseload mode at 85 percent capacity factor (CF) without sparing of major
train components. Nominal plant size (gross rating) is 570 MWe without CCS and 520 MWe with CCS. All
designs consist of two advanced F-Class CTGs, two heat recovery steam generators (HRSGs), and one steam
turbine generator in a multi-shaft 2x2x| configuration.

The NGCC cases were evaluated with and without CCS on a common thermal input basis. The case that
includes CCS is equipped with the Fluor Econamine (FG) Plus™ process. The NGCC with CCS case also has a
smaller plant net output resulting from the additional CCS facility auxiliary loads and steam consumption. After
compression to pipeline specification pressure, the carbon dioxide (CO,) is assumed is to be transported to a
nearby underground storage facility for sequestration.

The size of the NGCC designs was determined by the output of the commercially available combustion turbine.
Therefore, evaluation of the NGCC designs on a common net output basis was not possible. For the cases
with and without CCS, respective gross output was 520 and 570 MWe, and respective net output was 482 and
560 MWe. The natural gas (NG) flowrate was 165,182 Ib/hr in both cases. See Figure | for a generic block
flow diagram of an NGCC plant. The orange blocks in the figure represent the unit operations added to the
configuration for CCS cases.

Figure I. NGCC Plant

Nitrogen oxides control:
dry low-NOx burner + selec-
tive catalytic reduction to
maintain 2.5 ppmvd @ 15%
oxygen

Carbon dioxide control:
Monoethanolamine system for
90% removal

Steam conditions:
2,400 psig/1,050°F/950°F

Orange blocks indicate unit operations added for CCS case.

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



NGCC With and Without CCS

NGCC Technology — Natural Gas

Technical Description

The combined-cycle plant was based on two CTGs. The CTG is representative of the advanced F-Class CTGs
with an International Standards Organization base rating of 184,400 kWe (when firing NG). This machine is an
axial flow, single-shaft, constant-speed unit, with variable inlet guide vanes and Multi-Nozzle Quiet Combustor
dry low-NOx (DLN) burner combustion system. Additionally, a selective catalytic reduction (SCR) system
further reduces the nitrogen oxides (NOx) emissions. The Rankine cycle portion of both designs uses a single-
reheat 16.5 MPa/566°C/510°C (2,400 psig/1,050°F/950°F) cycle. Recirculating evaporative cooling systems are
used for cycle heat rejection. The efficiency of the case without CCS is almost 5| percent, with a gross rating of

570 MWe.

The CCS case requires a significant amount of auxiliary power and extraction steam for the process, which
reduces the output of the steam turbine. This results in a lower net plant output for the CCS cases of about
482 MWe for an average net plant efficiency of almost 44 percent higher heating value (HHV).

The CCS case is equipped with the Fluor Econamine Flue

Table I. Fuel Analysis

Gas (FG) Plus™ technology, which removes 90 percent of the Natural Gas
CO, in the FG exiting the HRSG unit. Once captured, the CO, is Component Volume
dried and compressed to 15.3 MPa (2,215 psia). The compressed Percentage
CO, is transported via pipeline to a geologic sequestration field Methane CH, 93.9
for injection into a saline formation, which is located within Ethane CH, 3.2
50 miles of the plant. Therefore, CO, transport, storage, and Propane C,H, 0.7
monitoring costs are included in the analyses. n-Butane CH, 0.4

. Carbon dioxide CO, 1.0
Fuel Analysis and Costs Nitrogen N, 08
The design NG characteristics are presented in Table |. Both Total 100.0
NGCC cases were modeled with the design NG. o/ i/

k)/kg 47,764 52,970

A NG cost of $6.40/MMkJ ($6.75/MMBtu) (January 2007 dollars) k)/scm 35 39
was determined from the Energy Information Administration Beu/lb 20,552 22,792
AEO2007 for an eastern interior high-sulfur bituminous coal. Btu/scf 939 1,040

Environmental Design Basis

The environmental design for this study was based on evaluating both of the NGCC cases using the same

regulatory design basis. The environmental specifications for a

Table 2. Environmental Targets

greenfield NGCC plant are based on the pipeline-quality NG Pollutant NGCC
specification in Table | and EPA 40 CFR Part 60, Subpart KKKK. S0, Negligible

Table 2 provides details of the environmental design basis for NOx 2.5 ppmvd @ 15% Oxygen
NGCC plants built at a midwestern U.S. location. The emissions 55 (filcerable) Negligible
controls assumed for each of the two NGCC cases are as He NA

follows:

*  Dry low-NOx burners in conjunction with SCR for
NOx control in both cases.

¢ Econamine process for CO, capture in the CCS case.

NGCC plants produce negligible amounts of SO,, particulate matter (PM), and mercury (Hg); therefore, no
emissions controls equipment or features are required for these pollutants.

B_NG-2




NGCC Technology — Natural Gas

Major Economic and Financial Assumptions

For the NGCC cases, capital cost, production cost, and levelized
cost-of-electricity (LCOE) estimates were developed for each
plant based on adjusted vendor-furnished and actual cost data
from recent design/build projects and resulted in determination
of a revenue-requirement 20-year LCOE based on the power
plant costs and assumed financing structure. Listed in Table 3
are the major economic and financial assumptions for the two
NGCC cases.

Project contingencies were added to each of the cases to
cover project uncertainty and the cost of any additional
equipment that could result from detailed design. The project

NGCC With and Without CCS

Table 3. Major Economic and Financial
Assumptions for NGCC Cases

Major Economic Assumptions

Capacity factor 85%

Costs year in constant U.S. dollars | 2007 (January)
Natural gas delivered cost $6.75/MMBtu
Construction duration 3 Years

Plant startup date

2010 (January)

Major Financial Assumptions

Depreciation

20 years

Federal income tax

34%

State income tax

6%

Low risk cases

contingencies represent costs that are expected to occur.
Project contingency was 10.6 percent for the NGCC case
without CCS TPC and roughly 13.3 percent for the NGCC case
with CCS.

After-tax weighted cost of capital | 8.79%

Capital structure:

Common equity
Debt

Capital charge factor

50% (Cost = 12%)
50% (Cost = 9%)
16.4%

Process contingency is intended to compensate for
uncertainties arising as a result of the state of technology
development. Process contingencies have been applied to the
estimates as follows:

* CO, Removal System — 20 percent on all NGCC CCS

cases.

High risk cases

After-tax weighted cost of capital | 9.67%

Capital structure:

Common equity
Debt

Capital charge factor

55% (Cost = 12%)
45% (Cost = | 1%)
17.5%

* Instrumentation and Controls — 5 percent on the
NGCC CCS cases.

This study assumes that each new plant would be dispatched any time it is available and would be capable of

generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 85 percent for
NGCC cases.

For the NGCC case that features CCS, capital and operating costs were estimated for transporting CO, to an
underground storage field, associated storage in a saline aquifer; and for monitoring beyond the expected life of
the plant. These costs were then levelized over a 20-year period.

Results
The results of the analysis of the two NGCC cases are presented in the following subsections.
Capital Cost

The total plant cost (TPC) for each of the two NGCC cases is compared in Figure 2. The TPC includes all
equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect), engineering
and construction management, and contingencies (process and project). Owner’s costs are not included.

The results of the analysis indicate that an NGCC costs $554/kWe, and that an additional $618/kWe is needed
for the NGCC plant with CCS.

B_NG-3



Figure 2. Comparison of TPC for the Two NGCC Cases

Efficiency

The net plant HHYV efficiencies for the two NGCC cases are compared in Figure 3. This analysis indicates that
adding CCS to the NGCC reduces plant HHV efficiency by more than 7 percentage points, from 50.8 percent to
43.7 percent.

Figure 3. Comparison of Net Plant Efficiency for the Two NGCC Cases

Levelized Cost-of-Electricity

The LCOE is a measurement of the coal-to-busbar cost of power, and includes the TPC, fixed and variable
operating costs, and fuel costs levelized over a 20-year period. The calculated cost of transport, storage, and
monitoring for CO, is about $7.00/short ton, which adds roughly 3 mills to the LCOE.

The NGCC without CCS plant generates power at an LCOE of 68.4 mills/kWh at a CF of 85 percent. When
CCS is included, the increased TPC and reduced efficiency result in a higher LCOE of 97.4 mills/kWh.

Environmental Impacts

Listed in Table 4 is a comparative summary of emissions from the two NGCC cases. Mass emission rates and
cumulative annual totals are given for sulfur dioxide (SO,), NOx, PM, Hg, and CO,,.

B_NG-4



Figure 4. Comparison of Levelized Cost-of-Electricity for the Two NGCC Cases

The emissions from both NGCC plants evaluated
meet or exceed Best Available Control Technologies
requirements for the design NG specification and
EPA 40 CFR Part 60, Subpart KKKK. The CO2 is
reduced by 90 percent in the capture case, resulting
in less than 167,000 tons/year of CO2 emissions.
The cost of CO, avoided is defined as the difference
in the 20-year LCOE between controlled and
uncontrolled like cases, divided by the difference in
CO, emissions in kg/MWh. In this analysis, the cost
of CO2 avoided is about $83/ton. Sulfur dioxide, Hg,
and PM emissions are negligible. Raw water usage

in the CCS case is over 85 percent greater than for
the case without CCS primarily because of the large
Econamine process cooling water demand.

Table 4. Comparative Emissions for the Two NGCC Cases
@ 85% Capacity Factor

NGCC
PlantType Without With CCS
CCs (90%)
co,
* tons/year 1,661,720 166,172
* |[b/MMBtu 119 1.9
* cost of avoided CO, ($/ton) N/A 83
SO,
* tons/year N/A N/A
* |b/10¢ Btu N/A N/A
NOx
* tons/year 127 127
* |lb/MMBtu 0.009 0.009
PM (filterable)
* tons/year N/A N/A
* |lb/MMBtu N/A N/A
Hg
* tons/year N/A N/A
* |b/TBtu N/A N/A
Raw water usage, gpm 2,511 4,681

B_NG-5



NGCC Technology — Natural Gas NGCC With and Without CCS
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Pittsburgh, PA 15236 Morgantown, WYV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@netl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
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Natural Gas Combined-Cycle Plant

Plant OverVieW Table I. Plant Performance Summary
Plant Type NGCC

This analysis is based on a 560 MWe (net power output) Carbon capture No
natural gas combined-cycle (NGCC) plant located at a greenfield Net power output (kWe) 560,360
site in the midwestern United States. This plant is designed to Net plant HHV efficiency (%) 50.8
meet Best Available Control Technology (BACT) emission Primary fuel (type) Natural Gas
limits. The combination process, heat, and mass balance diagram . -

) R ) Levelized cost-of-electricity 68.4
for the NGCC plant is shown in Figure |. The primary fuel (mills/kWh) @ 85% capacity
is natural gas (NG) with a higher heating value (HHV) of factor
22,792 Btu/lb. The plant is assumed to operate in baseload mode  Total plant cost ($ x 1,000) $310,710

at a capacity factor (CF) of 85 percent without sparing of major
train components. A summary of plant performance data for the
NGCC plant is presented in Table .

Figure I. Process Flow Diagram
NGCC

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



NGCC Plant — Natural Gas NGCC F-Class

Technical Description Table 2. Advanced Gas Turbine Performance'
Advanced F-Class
The analysis for the NGCC plant is based on two advanced Net output, MWe 185
F-Class combustion turbine generators (CTGs), which are Pressure ratio 185
assumed to be commercially available to support startup in Airflow, kg/s (Ib/s) 231 (950)
2010; two heat recovery steam generators (HRSGs); and Firing temperatare.’C () S1371 (>2.500)

one steam turbine generator (STG) in a multi-shaft 2x2x|
configuration with a recirculating wet cooling tower for cycle
heat rejection. A performance summary for the advanced
F-Class CTGs is presented in Table 2. The unit consists of an
NG system that feeds NG at the required pressure and temperature to the two axial flow, constant-speed CTGs
with variable inlet guide vanes, and a dry low-NOx (DLN) burner combustion system. Each CTG exhausts to

an HRSG configured with high-, intermediate-, and low-pressure steam systems, including drum, superheater,
reheater, and economizer sections. Steam from both HRSGs flows to a conventional steam turbine for power
generation. The Rankine cycle consists of a single reheat system with steam conditions of 16.5 MPa/566°C/
510°C (2,400 psig/1,050°F/950°F). Nitrogen oxides (NOx) emissions are controlled to 25 ppmvd (referenced

to 15 percent oxygen (O,)) by the DLN combustion system and then further reduced by a selective catalytic
reduction (SCR) system. The SCR system was designed for 90 percent reduction of NOx. These together
achieve the emission limit of 2.5 ppmvd NOx (referenced to |5 percent O,). All other support systems and
equipment are typical for a conventional NGCC plant. Plant performance is based on the properties of pipeline-

'At International Standards Organization conditions fir-
ing natural gas.

quality NG.

Achieving a nominal 560 MWe net output with such a plant Table 3. Plant Electrical Generation
configuration results in an HHV thermal input requirement Electrical
of 1,103,362 kWt (3,765 MMBtu/hr basis). This thermal Summary
input is achieved by burning NG at a rate of 165,182 Ib/hr, Advanced gas turbine x 2, MWVe 370.2
which yields an HHV net plant heat rate of 6,719 Btu/kWh Steam turbine, MWe 200.0
(HHV efficiency of 50.8 percent). The gross power output Gross power output, MWe 570.2
of 570 MWe is produced from the advanced CTGs and the Auxiliary power requirement, MWe (9.8)
STG. With an auxiliary power requirement of |0 MWe, the Net power output, MWe 560.4

net plant output is 560 MWe. The summary of plant electrical
generation performance is presented in Table 3.

Environmental Performance

This study assumes the use of BACT to meet the emission requirements of the 2006 New Source Performance
Standards.

NGCC plants use NG as their fuel, which creates negligible emissions of sulfur dioxide (SO,), particulate

matter (PM), and mercury (Hg); therefore, NGCC plants require no emissions controls equipment or features to
reduce these emissions. NOx emissions are controlled to 25 ppmvd (referenced to 15 percent O,) by the DLN
combustion system and then further reduced by an SCR system. The SCR system was designed for 90 percent
reduction while firing NG. The DLN burner, together with the SCR, achieves the emission limit of 2.5 ppmvd
(referenced to 15 percent O,).

A summary of the resulting air emissions is presented in Table 4.

B_NGCC_FClass-2



NGCC Plant — Natural Gas

Cost Estimation

Plant size, primary/secondary fuel type, construction time, total

plant cost (TPC) basis year, plant CF, plant heat rate, fuel cost, plant
book life, and plant in-service date were used as inputs to develop
capital cost, production cost, and levelized cost-of-electricity (LCOE)
estimates. Costs for the plant were based on adjusted vendor-
furnished and actual cost data from recent design/build projects.
Values for financial assumptions and a cost summary are shown in
Table 5.

Project contingencies were added to each case to cover project
uncertainty and the cost of any additional equipment that could

result from detailed design. The project contingencies represent
costs that are expected to occur. Project contingency was

10.6 percent of the TPC.

No process contingency is included in this case because all elements
of the technology are commercially proven.

This study assumes that each new plant would be dispatched any
time it is available and would be capable of generating maximum
capacity when online. Therefore, CF is assumed to equal availability
and is 85 percent for NGCC cases.

NGCC F-Class

Table 4. Air Emissions Summary
@ 85% Capacity Factor

Pollutant NGCC
Without CCS

CcoO,
* tons/year 1,661,720
* Ib/MMBtu 119
* cost of CO, avoided ($/ton) N/A
SO,
* tons/year Negligible
* [b/MMBtu Negligible
NOXx
* tons/year 127
* |lb/MMBtu 0.009
PM (filterable)
* tons/year Negligible
* |lb/MMBtu Negligible
Hg
* tons/year Negligible
* |b/TBtu Negligible

The 560 (net) MWe NGCC plant was projected to have a TPC of $554/kWe, resulting in a 20-year LCOE of

68.4 mills/kVWVh.
Table 5. Major Financial Assumptions and Resulting Cost Summary'
Major Assumptions
Case: 1x560 MWe net NGCC
Plant Size: 560.4 (MWe, net) | Heat Rate: 6,719 (Btu/kWh)
Primary/Secondary Fuel (type): Natural Gas Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost? Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 85 (%) Capital Charge Factor: 16.4 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/kWh
Total Plant Cost 12.2
Resulting Operating Costs (Levelized 2007 dollars) Mills/kWh
Fixed Operating Cost 1.5
Variable Operating Cost 1.5
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/kWh
53.1
Total Levelized Busbar Cost of Power (2007 dollars) Mills/kWh
68.4

'Costs shown can vary + 30%.

MTotal plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect),
engineering and construction management, and contingencies (process and project). Owner’s costs are not included.

B_NGCC_FClass-3




NGCC Plant — Natural Gas NGCC F-Class

Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory = National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
P.O.Box 10940 P.O.Box 880
Pittsburgh, PA 15236 Morgantown, WV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@netl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
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Natural Gas Combined-Cycle Plant
With Carbon Capture & Sequestration

Plant OverVieW Table |I. Plant Performance Summary
Plant Type NGCC
This analysis is based on a 482 MWe (net power output) natural Carbon capture Yes
gas combined-cycle (NGCQC) plant located at a greenfield site Net power output (KWe) 481890
in th.e midwestern United States. Thls.plant. captures carbon Net plant HHV efficiency (%) 437
dioxide (CO,) to be sequestered and is designed to meet Best bri el (¢ Natural
Available Control Technology (BACT) emission limits. The rimary fuel (type) arural gas
N . Levelized cost-of-electricity 97.4
combination process, heat, and mass balance diagram for the (mills/kWh) @ 85% capacity
NGCC plant with carbon capture and sequestration (CCS) is factor
shown in Figure |. The primary fuel is natural gas (NG) with Total plant cost ($ x 1,000) $564.628
a higher heating value (HHV) of 22,792 Btu/lb. The plant is Cost of CO, avoided! (§/ton) 83

assumed to operate in baseload mode at a capacity factor (CF)
of 85 percent without sparing for major train components. .A in the 20-year levelized cost-of-electricity between
summary of plant performance data for the NGCC plant with controlled and uncontrolled like cases, divided by the
CCS case is presented in Table . difference in CO, emissions in kg/MWh.

'The cost of CO, avoided is defined as the difference

Figure 1. Process Flow Diagram
NGCC With CCS

Note: Diagram is provided for general reference of major flows only. For complete flow information, please refer to the final report.



NGCC Plant — Natural Gas NGCC F-Class With CCS

Technical Description

The analysis for the NGCC plant with CCS is based on two Table 2. Advanced Gas Turbine Performance'
advanced F-Class combustion turbine generators (CTGs) that Advanced
are assumed to be commercially available to support startup F-Class

in 2010, two heat recovery steam generators (HRSGs), and Net output, MWe 185

one steam turbine generator (STG) in a multi-shaft 2x2x| Pressure ratio 18.5
configuration with a recirculating wet cooling tower for cycle Airflow, kgls (Ib/s) 431 (950)
heat rejection. A performance summary for the advanced CTG | Firing temperature,°C (°F) | >1,371 (>2,500)
for the NGCC plant with CCS is presented in Table 2. The 'At International Standards Organization conditions
unit consists of an NG system that feeds NG at the required firing natural gas.

pressure and temperature to the two axial-flow, constant-

speed CTGs with variable inlet guide vanes and a dry low-NOx (DLN) burner combustion system. Each CTG
exhausts to an HRSG configured with high-, intermediate-, and low-pressure steam systems, including drum,
superheater, reheater, and economizer sections. Steam flows from both HRSGs to a conventional STG for
power generation. The Rankine cycle consists of a single reheat system with steam conditions of 16.5 MPa/
566°C/510°C (2,400 psig/1,050°F/950°F). Nitrogen oxides emissions are controlled to 25 ppmvd (referenced
to 15 percent oxygen (O,) by the DLN combustion system and then further reduced by a selective catalytic
reduction (SCR) system. The SCR system was designed for 90 percent nitrogen oxides (NOx) reduction. The
DLN burner, together with the SCR system, achieves the emission limit of 2.5 ppmvd (referenced to |5 percent
O,). All other support systems and equipment are typical for a conventional NGCC plant. Plant performance is
based on the properties of pipeline-quality NG.

Flue gas (FG) exiting the HRSGs is directed to the Fluor Econamine FG Plus™ process, where CO, is absorbed
in a monoethanolamine-based solvent. A booster blower is required to overcome the process pressure

drop. Carbon dioxide removed in the Econamine FG Plus™ process is dried and compressed for subsequent
pipeline transport and sequestration. The CO, is delivered to the plant fence line at 15.3 MPa (2,215 psia). The
compressed CO, is transported via pipeline to a geologic sequestration field for injection into a saline aquifer,
which is located within 50 miles of the plant.

L . . Table 3. Plant Electrical Generation
Achieving a nominal 482 MWe net output with the above

plant configuration results in an HHV thermal input :llﬁrc‘tr:::;
reqmrement 9f I,I(?3,36§ kWt (3,766 ‘MMBtu/hr basis). Advanced gas turbine x 2, MWe 3702
This thermal input is achieved by burning NG at a rate of -

165,182 Ib/hr, which yields an HHV net plant heat rate of Steam turbine, MWe 1499
7,813 Btu/kWh (HHYV efficiency of 43.7 percent). The gross | SFoss power output, MWe >20.1
power output of 520 MWe is produced from the advanced AT Dt e G2 IEEE bl (38.2)
CTGs and the STG. With an auxiliary power requirement of [ Net power output, MWe 481.9

38 MWe, the net plant output is 482 MWe. The summary of
plant electrical generation performance is presented in Table 3.

Environmental Performance

This study assumes the use of BACT to meet the emission requirements of the 2006 New Source Performance
Standards.

NGCC plants use NG as their fuel, which creates negligible emissions of sulfur dioxide (SO,), particulate

matter (PM), and mercury (Hg); therefore, NGCC plants require no emissions control equipment or features to
reduce these emissions. Nitrogen oxides emissions are controlled to 25 ppmvd (referenced to |5 percent O,)
by the DLN combustion system and then further reduced by an SCR system. The SCR system was designed for

B_NGCC_FClass_CCS-2



NGCC Plant — Natural Gas NGCC F-Class With CCS

90 percent NOx reduction while firing NG. The low NOx burner, Table 4. Air Emissions Summary

together with the SCR, achieves the emission limit of 2.5 ppmvd @ 85% Capacity Factor

(referenced to 15 percent O,). Pollutant NGCC

With CCS

CO, capture is designed to recover 90 percent of the CO, in the CoO,

FG stream by the Econamine FG Plus™ process. * tons/year 166,172
* [b/MMBtu 1.9

A summary of the resulting air emissions is presented in Table 4. + cost of CO, avoided (§/ton) 83

. . SO

COSt EStImatlon o to;s/year Negligible

* Ib/MMBtu Negligible

Plant size, primary/secondary fuel type, construction time total
plant cost (TPC) basis year, plant CF, plant heat rate, fuel cost, plant | NOx

book life, and plant in-service date were used as inputs to develop * tons/year 127
capital cost, production cost, and levelized cost-of-electricity * |b/MMBtu 0.009
(LCOE) estimates. Costs for the plant were based on adjusted PM (filterable)
vendor-furnished and actual cost data from recent design/build * tons/year Negligible
projects. Values for financial assumptions and a cost summary are « Ib/MMBtu Negligible
shown in Table 5. Hg

* tons/year Negligible

Project contingencies were added to each case to cover project
uncertainty and the cost of any additional equipment that could

result from detailed design. The project contingencies represent
costs that are expected to occur. Project contingency was |3.3 percent of the TPC.

* |b/TBtu Negligible

Process contingency is intended to compensate for uncertainties arising as a result of the state of technology
development. Process contingencies represent 5 percent of the NGCC CCS case TPC and have been applied to
the estimates as follows:

* CO, Removal System — 20 percent on all NGCC CCS cases.

* Instrumentation and Controls — 5 percent on the NGCC CCS cases.

This study assumes that each new plant would be dispatched any time it is available and would be capable of
generating maximum capacity when online. Therefore, CF is assumed to equal availability and is 85 percent for
NGCC cases. The assumed CF for NGCC cases is 85 percent.

For the NGCC cases that feature CCS, capital and operating costs were estimated for transporting CO, to an
underground storage area, associated storage maintenance, and for monitoring beyond the expected life of the
plant. These costs were then levelized over a 20-year period.

The calculated cost of transport, storage, and monitoring for CO, is $7.00/short ton, which adds 2.9 mills/kWh
to the LCOE.

The 482 (net) MWe NGCC plant with CCS was projected to have a TPC of $1,172/kWe, resulting in a 20-year
LCOE of 97.4 mills/kWh.

B_NGCC_FClass_CCS-3



NGCC Plant — Natural Gas NGCC F-Class With CCS

Table 5. Major Financial Assumptions and Resulting Cost Summary'

Major Assumptions
Case: 1x482 MWe net NGCC with CCS
Plant Size: 481.9 (MWe, net) | Heat Rate: 7,813 (Btu/kWh)
Primary/Secondary Fuel (type): Natural Gas Fuel Cost: 1.80 ($/MMBtu)
Construction Duration: 3 (years) Plant Life: 30 (years)
Total Plant Cost? Year: 2007 (January) Plant in Service: 2010 (January)
Capacity Factor: 85 (%) Capital Charge Factor: 17.5 (%)
Resulting Capital Investment (Levelized 2007 dollars) Mills/kWh
Total Plant Cost 27.5
Resulting Operating Costs (Levelized 2007 dollars) Mills/kWh
Fixed Operating Cost 2.6
Variable Operating Cost 3.0
Resulting Fuel Cost (Levelized 2007 dollars) @ $1.80 / MMBtu Mills/kWh
61.4
Resulting Levelized CO, Cost (2007 dollars) Mills/kWh
2.9
Total Levelized Busbar Cost of Power (2007 dollars) Mills/lkWh
974

'Costs shown can vary + 30%.

Total plant cost includes all equipment (complete with initial chemical and catalyst loadings), materials, labor (direct and indirect),
engineering and construction management, and contingencies (process and project). Owner’s costs are not included.

Contacts
Julianne M. Klara John G.Wimer
Senior Analyst Systems Analysis Team Lead
National Energy Technology Laboratory =~ National Energy Technology Laboratory
626 Cochrans Mill Road 3610 Collins Ferry Road
PO.Box 10940 P.O.Box 880
Pittsburgh, PA 15236 Morgantown, WYV 26507
412-386-6089 304-285-4124
julianne.klara@netl.doe.gov john.wimer@pnetl.doe.gov

Reference: Cost and Performance Baseline for Fossil Energy Plants,Vol. |, DOE/NETL-2007/1281, May 2007.
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Good Capital Cost Information Is
Difficult to Obtain!!

* The range of estimates (for a given technology, plant size, coal,
and location) available from the listed sources is quite wide

 All EPC firms are very busy and it has proven difficult to
contract with them for study work when they have many specific
client projects

e All costs are continuing to increase (e.g., structural steel up
15% from 2Q ‘05 to 2Q ‘06). Shortages of key materials and job
skills (e.g., engineers, welders) lead to extended project design
and construction periods with attendant cost increases.

e Uncertainties regarding 7 FB and 5000 F gas turbine
performance, particularly for hydrogen firing on IGCC plants
with CO, capture. The BP/GE cooperative announcement
should help to resolve this.

© 2006 Electric Power Researc h Institute, Inc. All rights reserve d.



Construction Cost Indices

Source: Chemical Engineering Magazine, August 2006
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Sources of Clean Coal Technology
Cost and Performance Information

* Previous EPRI Studies 2001-03 (NYPA, WePower,
Canadian CPC, WG, etc.)

* [IEA GHG Reports

. (Review of May 2006 Draft)

. |GCC Draft
Report

. (July 2006)

« Confidential ongoing studies with several companies

* Recent work by EPRI for FutureGen Industrial Alliance
evaluating multiple possible plant configurations

© 2006 Electric Power Research Institute, Inc. All rights reserved.



Notes on SCPC Cost...

» TXU project notice indicates $1,100/kW Total Plant Cost for PRB-fired
SCPC plants (buying in bulk may reduce cost per unit)

 Big Stone PC plant (600 MWe) in South Dakota listed at $1.5B
($2,500/kW). Assuming this is TCR and adjusting with the EPRI 1.19
factor, this results in a TPC of $2,100/kW.

. at 2005 GTC indicated $1,460/kW cost assumption
for SCPC. Escalated to Jan. 20069, this is $1,493/kW.

» Other studies are indicating TPCs over $1,500/kW, though few
studies have been done recently enough on bituminous coals from a
cost perspective to provide clear direction of the numbers.

 EPRI engaging in cost and performance study for SCPC with and
without CO, capture for various fuel types — Q4 2006 start.

© 2006 Electric Power Research Institute, Inc. All rights reserved.



NETL 2006 Cost and Performance of Fossil
Energy Power Plants Draft Report

* 600 MW plant COE cost comparison shows ~0-10% higher COE for
IGCC vs. SCPC (=$52-57/MWh vs. $52/MWh for eastern bituminous

coal).

 Showed Total Plant Cost with eastern coal as $1,355/kW for SCPC
and $1,420-1,595/kW for IGCC.

* IGCC analysis included GE, E-Gas and Shell-based performance

« For CO, capture, the comparison showed IGCC +25-40% capital
and +18-32% HR, and SCPC +75% capital and +43% HR. This
COE comparison showed IGCC ~$15/MWh less than SCPC on
average.

» Some revised cost estimation is anticipated, which should result in
an escalation of the overall cost numbers, but not necessarily the
differences between technologies.

© 2006 Electric Power Research Institute, Inc. All rights reserved.



Wisconsin PSC IGCC Draft Report

* 600 MW plant COE cost comparison shows ~15% higher COE for
IGCC vs. SCPC (~$5/MWh higher with eastern bituminous coal and
~$7/MWh higher with western coal). This differential is similar to
several other studies.

« Showed “Capital Cost” with eastern coal as $1628/kw for SCPC and
$1872/kW for IGCC. It's not clear whether this is meant to be TPC or
TCR.

» IGCC is treated generically, not as a specifically identified
technology

o Effects of IGCC reduced capital and higher availability were
estimated

» For CO, capture, the comparison was based on IGCC +35% capital
and +20% HR, and SCPC +60% capital and +30% HR. This COE
comparison showed IGCC ~$10/MWh less than SCPC.

© 2006 Electric Power Research Institute, Inc. All rights reserved.



EPA IGCC and PC (July 2006)

» Three coals similar to lll. #6, PRB, and lignite. Slurry-fed IGCC for lII.

#6 and PRB; dry coal fed for lignite.
 Plant size set arbitrarily at 500 MW
» Heat rates for IGCC and USC look ambitiously low

« On a percentage basis, the differential for IGCC/SCPC TPC and
TCR costs are not markedly dissimilar to other studies

« The TPC and TCR estimates are stated in 4Q 2004 dollars. When
adjusted to January 2006 (CEPCI factor ~3%), they appear lower
than most current estimates (particularly for the lignite PC).

« Executive Summary states IGCC is more effective for CCS than PC
with post-combustion capture. Sect. 5 on CCS cites DOE, EPRI,
IEA, and CCPC reports from 2000-03 period. (Note: 2003 CCPC
reported that for lignite, CCS is better with PC than IGCC.)

© 2006 Electric Power Research Institute, Inc. All rights reserved.
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EPA IGCC and PC Report July 2006—

Summary Tables

Coal 116 1116

Technology IGCC USC
slurry PC

Heat rate 8,167 8,000

Btu/kWh HHV

Efficiency 41.8% 42.7%

TPC $/kW net

4Q 2004% 1,430 1,355

Jan. 2006$ 1,470 1,395

TCR $/kW net

4Q 2004% 1,670 1,529

Jan. 2006$ 1,720 1,574

© 2006 Electric Power Research Institute, Inc. All rights reserved.

PRB

IGCC
slurry

8,520

40.1%

1,630
1,678

1,910
1,966

PRB

USC
PC

8,146

41.9%

1,395
1,436

1,575
1,621

Lignite Lignite

IGCC
dry feed

8,707

39.2%

2,000
2,060

2,350
2,420

USC
PC

9,065

37.6

1,432
1,474

1,617
1,665
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GE IGCC Estimates

» GE at October 2005 Conference states a target $/kW no greater than
10% more than an SCPC (which it quoted as $1460/kW), or $1606/kW
for 630 MW Radiant Quench design (without spare gasifier). The
standard IGCC plant offering is designed to handle a range of
bituminous coals from Northern Appalachia and the lllinois Basin.

» Gasifier pressure and cost of Radiant SGC uncertain, particularly for
CO, capture. As outcome of EPRI FutureGen work estimate, $1850/kW
TPC for above range of coals without capture at Midwest location and
~$2300/kW with capture. All in January 2006 dollars. (Assumes single
gasifier at 800 psig can fully supply a 7FB gas turbine.)

* EPRI estimate for GE Total Quench for same coals ~$1600/kW TPC
without capture and ~$2020/kW with capture in Jan. 2006$. (Assumes
single gasifier at 1000 psig can fully supply a 7 FB gas turbine.)

» GE design for PRB or Lignite?

© 2006 Electric Power Research Institute, Inc. All rights reserved.
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Shell IGCC Estimates—Various Sources

» Shell presentation at CoalFleet meeting in Birmingham, AL, Nov. 2005. At
600 MW net, no CO, capture, ~$1600/kW TPC for US Gulf Coast location
(coal not specified), and at 500 MW net, with CO,, capture, ~$2200/kW.

* Translating to standard Midwest location (Factor ~1.12 ) gives ~$1790/kW
and $2460/kW TPC for without and with capture, respectively. Using EPRI
factor of 1.19 to translate TPC to TCR yields ~$2130/kW and ~$2930/kW
TCR for capture without and with, respectively.

* From EPRI work for FutureGen, Shell with bituminous coal (lllinois #6) at
~600 MW Midwest location estimated TPC ~$1840/kW net and ~$2600/kW
TPC net with capture in January 2006 dollars.

 NRG announcement quoted $1955/kW for 750 MW gross Shell IGCC
without capture in the Northeast for a “range of coals” (bituminous and
subbituminous?). We believe this is TCR and would be $2365/kW on a net
basis; using the 1.19 factor, the TPC would be $1987/kW net basis. (EPRI
est. for Bit + Subbit is $1940/kW TPC).

 Significant cost reductions (particularly with capture) possible with partial
water quench and design for PRB coal only (see Shell paper at Sept. 2005
Pittsburgh conference).

© 2006 Electric Power Research Institute, Inc. All rights reserved.
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CoP E-Gas IGCC Estimates

» CoP E-Gas reported ranges of nominal 620 MW IGCC costs at October
2005 Conference. For lllinois #6, estimated TCP cost range was $1330-
1620/kW, and for PRB $1380-1680/kW for a Midwest location 2005%$. Using
CEPCI, the estimates become TPC $1365-1660/kW for Ill #6 and $1415-
1725/kW for PRB in January 2006$.

» CoP also presented an estimate for PRB at 5000 ft. elevation with a TPC
range of $1560-1890/kW in 2005$ or $1620-1940/kW in January 2006$
(without capture). Recent confidential studies have produced estimates at
the high end of this range.

» As outcome of EPRI FutureGen work, estimate $1650/kW TPC for lllinois #6
and $1750/kW, if designed for both lli#6 and PRB (without capture Midwest
location in January 2006$). With capture, the estimated TPC costs become
~$2300/kW for Ill #6 and $2425/kW for both lll#6 and PRB.

* Proposed E-STR tall cylinder design should be capable of higher pressure
operation and reduction in capture costs if operated in “Wabash” mode. It
should also be better with low-rank coals.

© 2006 Electric Power Research Institute, Inc. All rights reserved.
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Recent Air Permit Applications and
Project Information—Units w/o SCR

Typical IGCC Plant Steelhead Energy Excelsior Energy
Environmental Southern Illinois Mesaba Energy
Performance Clean Energy Center Project (MN)
(IL)
Data EPRI UDBS Permit Application Public Information
Source
NOX 0.064 Ib/MMBtu 0.059 Ib/MMBtu 0.059 Ib/MMBtu
(15 ppmvd) and 15 ppmvd
SO, 0.0128 Ib/MMBtu 0.033 Ib/MMBtu 0.022 Ib/MMBtu
(4 ppmv)
PM 0.0145 Ib/MMBtu 0.00924 |Ib/MMBtu 0.01 Ib/MMBtu
(25 ppmvd)
CcO 0.039 Ib/MMBtu 0.04 Ib/MMBtu 0.03 Ib/MMBtu
(25 ppmvd) (25 ppmvd)
VOC 0.0013 Ib/MMBtu 0.0031 Ib/MMBtu 0.002 Ib/MMBtu

(1.4 ppmv) (3.3 ppmvw)

© 2006 Electric Power Research Institute, Inc. All rights reserved.



Recent Air Permit Applications and
Project Information—Units w/ SCR

Data
Source

NO,

so,

PM

CO

VOC

Typical IGCC
Plant
Environmental
Performance

EPRI UDBS

0.064 Ib/MMBtu
(15 ppmvd)

0.0128 Ib/MMBtu
(4 ppmv)
0.0145 Ib/MMBtu
(25 ppmvd)

0.039 Ib/MMBtu
(25 ppmvd)
0.0013 Ib/MMBtu
(1.4 ppmv)

OUC/Southern
Orlando

Gasification (FL)

Permit Application

0.08 Ib/MMBtu
(demo w/ SCR)

0.048 Ib/MMBtu

(post-demo w/ SCR)

0.015 Ib/MMBtu

0.013 Ib/MMBtu

0.04 Ib/MMBtu

0.007 Ib/MMBtu

© 2006 Electric Power Research Institute, Inc. All rights reserved.

ERORA Cash
Creek
Generation
(KY)

Permit
Application &
communication
with ERORA

0.0246 Ib/MMBtu
(w/ SCR)

0.0117 Ib/MMBtu

0.0063 Ib/MMBtu
(filterable only)

0.036 Ib/MMBtu

0.0011 Ib/MMBtu

ERORA
Taylorville
Energy Center

(IL)

Permit
Application &
communication
with ERORA

0.0246 Ib/MMBtu
(w/ SCR)

0.0117 Ib/MMBtu

0.0063 Ib/MMBtu
(filterable only)

0.036 Ib/MMBtu

0.0011 Ib/MMBtu

Energy Northwest

Pacific Mountain
Energy Center
(WA)

Public Information

0.012 Ib/MMBtu
(w/ SCR)

0.006 Ib/MMBtu

0.01 Ib/MMBtu

0.05 Ib/MMBtu

0.003 Ib/MMBtu
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The Future According to DOE R&D Goals,
Canadian Clean Power Coalition, & CURC

Lowest
permit level DOE
(Ib/MMBtu)
SO, 0.08 >990p*
(0.022 CFB)
NOXx 0.07 <0.01
Hg 80-90% 95%

CURC Roadmap

Canada (2020)
~ 0.01** 0.04 (Bit)
SO; <2 ppm
~ 0.01** 0.01
~0.005 <0.01
0.7 Ib/TBtu 80-95%

*99% @ 3% S coal ~ 25 ppm or ~ 0.05 Ib/MMBtu * ~5ppm @ 3% O,

© 2006 Electric Power Research Institute, Inc. All rights reserved.
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Emissions Comparison — State-of-the-
Art Coal Combustion, IGCC, and NGCC

08 Bituminous

0.7
0.6
0.5
PRB NOX

0.4 S0O2
PM

Ib/MW-hr

0.3

0.2

0.1

0.0
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Emissions Comparison with Older Coal
Plants and Federal Standards
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Final Thoughts

 Plant costs are only increasing at this point.

« Advanced PC and IGCC plants both show promise. It
will be a “horse race” for market share, and both will
provide environmental benefits.

* The “horse race” will extend to fuel selection. Overall
cost/benefit analyses will be necessary for each
technology

« Cost studies are ongoing and/or planned

— NETL 2006 Cost and Performance report expected to be
published by the end of the year

— EPRI CoalFleet studies based on Bituminous and Western
coals are expected to start in 4Q 2006.

© 2006 Electric Power Researc h Institute, Inc. All rights reserve d.
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Questions and Discussion
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STATEMENT OF THE ISSUES

1. Whether Excelsior Energy’s Mesaba Unit | (the Project) is an “Innovative
Energy Project” within the meaning of Minn. Stat. § 216B.1694, subd. 1.

The Administrative Law Judges conclude that it is not an “Innovative
Energy Project” within the meaning of Minn. Stat. § 216B.1694, subd. 1.
Therefore, we also conclude that Excelsior Energy is not entitled to enter
into a Power Purchase Agreement (PPA) to provide baseload capacity
and energy to Xcel.

2. Whether the Commission should approve, disapprove, amend, or modify
Excelsior Energy’s proposed PPA.

Even if the Project were an “Innovative Energy Project,” the Administrative
Law Judges conclude that the PPA should be disapproved because of the
shortcomings discussed in this report. If the PPA is approved by the
Commission, it should returned to Excelsior Energy, Xcel Energy, and the
Department to negotiate a modified PPA that addresses the shortfalls that
have been identified and then be returned to the Commission for final
approval.

3. Whether the Project incorporates a “Clean Energy Technology” that “is or
is likely to be a least-cost resource, including the costs of ancillary services and other
generation and transmission upgrades necessary” and is therefore entitled to supply
Xcel with at least two percent of the electric energy that Xcel Energy provides to its
retail customers.

The Administrative Law Judges conclude that neither the technology nor
the Project is or is likely to be a least-cost resource. Therefore, we also
conclude that the Project is not entitled to supply Xcel with at least two
percent of the electric energy Xcel Energy provides to its retail customers.

Based upon the record created in this proceeding, the Administrative Law Judges
make the following:

FINDINGS OF FACT
Coal-Burning Power Plants; the Project

1. Pulverized coal (PC) combustion is the most commonly used technology
in coal-fired power plants. In PC plants, the coal is ground to a powder then blown with
air into the combustion chamber. Piping inside the combustor or a heat exchanger
heats water to produce steam to drive a nearby steam turbine and generator.*

' EE 1016 at 11 (Fluor Report).



2. In Supercritical Pulverized Coal (SCPC) plants, higher temperatures are
maintained in the combustor to generate steam at pressures that are above the critical
point of water. This results in higher efficiencies than subcritical plants. The first SCPC
plants in the United States were constructed in the 1950s. No new units have been
placed in service in the United States since the mid 1980s. However, SCPC plants are
now planned for Minnesota and surrounding states. New technologies allow SCPC
plants to operate at even higher pressures and temperatures, which further improves
heat rates. Even more advanced plants are called “Ultra-Supercritical” (USC). A
modern 600 MW SCPC plant consists of a single boiler and a single steam turbine and
has a full suite of advanced environmental controls such as wet scrubbers, selective
catalytic reduction, and mercury removal.? In this Report, the term “pulverized coal
plants” includes standard PC, SCPC, and USC pulverized coal plants, unless the
context indicates otherwise.

3. A combined cycle (CC) plant uses a gas-fired combustion turbine
generator to generate electricity, plus it uses excess heat from the combustion in the
combustion turbine to create steam to power a steam turbine generator. This
combination is considered highly efficient because it uses more of the heat energy from
the burning of the gas. It is now a fairly standard configuration. The gas used is usually
natural gas (thus, an NGCC), but other gases can also be used.

4, An Integrated Gasification Combined Cycle (IGCC) plant integrates
gasification with a combined cycle plant. The gasification process converts coal or
other feedstock to a synthesis gas (syngas) comprised primarily of carbon monoxide
and hydrogen. The gasification takes place in a gasifier. That is a large vessel capable
of containing the high-temperature partial combustion process that breaks down the
feedstock and any other ingredients fed into the gasifier, usually water or steam and air
or oxygen, into carbon, hydrogen, and oxygen, and then recombines those elements
into syngas and other compounds. The syngas is then transported to and burned in a
nearby combined cycle gas combustion turbine generator/steam turbine generator
combination.?

5. Another developing coal technology is “fluidized bed,” the most recent
generation of which is Circulating Fluidized Bed (CFB) technology. It is described by
the U.S. Department of Energy (DOE) as follows:

Fluidized beds suspend solid fuels on upward-blowing jets of air during the
combustion process. The result is a turbulent mixing of gas and solids.
The tumbling action, much like a bubbling fluid, provides more effective
chemical reactions and heat transfer.

> EE 1016 at 11 (Fluor Report).
% EE 1016 at 13-14 (Fluor Report).



The mixing action of the fluidized bed results brings the flue gases into
contact with a sulfur-absorbing chemical, such as limestone or dolomite.
More than 95 percent of the sulfur pollutants in coal can be captured
inside the boiler by the sorbent.

The popularity of fluidized bed combustion is due largely to the
technology's fuel flexibility - almost any combustible material, from coal to
municipal waste, can be burned - and the capability of meeting sulfur
dioxide and nitrogen oxide emission standards without the need for
expensive add-on controls.

A 2nd generation pressurized fluidized bed combustor uses "circulating
fluidized-bed" technology and a number of efficiency enhancement
measures. Circulating fluidized-bed technology has the potential to
improve operational characteristics by using higher air flows to entrain and
move the bed material, and recirculating nearly all the bed material with
adjacent high-volume, hot cyclone separators. The relatively clean flue
gas goes on to the heat exchanger. This approach theoretically simplifies
feed design, extends the contact between sorbent and flue gas, reduces
likelihood of heat exchanger tube erosion, and improves SO2 capture and
combustion efficiency.

A major efficiency enhancing measure for 2nd generation pressurized
fluidized bed combustor is the integration of a coal gasifier (carbonizer) to
produce a fuel gas. This fuel gas is combusted in a topping combustor and
adds to the combustor's flue gas energy entering the gas turbine, which is
the more efficient portion of the combined cycle. The topping combustor
must exhibit flame stability in combusting low-Btu gas and low-NOx
emission characteristics. To take maximum advantage of the increasingly
efficient commercial gas turbines, the high-energy gas leaving the topping
combustor must be nearly free of particulate matter and alkali/sulfur
content. Also, releases to the environment from the pressurized fluid bed
combustion system must be essentially free of mercury, a soon-to-be
regulated hazardous air pollutant.*

6. Two IGCC demonstration plants are currently operating in the United
States: the 250 MW Polk County plant in Florida and the 260 MW Wabash River plant in
Indiana. Both plants were partly funded by the Department of Energy and can run on
bituminous coal and petroleum coke fuels. The Polk County plant was placed in service
in 1996 and utilizes GE (formerly Texaco) gasification technology. The Wabash River

* www.fossil.energy.gov/programs/powersystems/combustion/fluidizedbed_overview.html.



plant was placed in service in 1995 and utilizes the ConocoPhillips E-Gas technology
that has been selected by Excelsior Energy for the Project.”

7. Mesaba Unit | (the Project) will integrate ConocoPhillips E-Gas
gasification technology with advanced F-class combustion turbines. This is an IGCC
plant that will include two operating “gasification trains” or “gasification islands” (a
gasifier and its supporting apparatus), a standby gasification train, two combustion
turbines, and a single steam turbine. The spare gasification train is included in order to
increase the percent of the time the Project is able to operate, its “availability,” to about
92 percent, a very high number. It also provides a backup and the possibility of
creating extra syngas that could be sold as a fuel or chemical feedstock. The two or
three gasifier trains will feed syngas to the “combined cycle,” or “power island,” section.
There, the syngas will be burned in the two gas combustion turbine generators and the
excess heat from those gas turbines will be used to heat water to steam to drive the
single steam turbine generator. High pressure steam produced in the gasification trains
will also be integrated into the combined cycle, again making efficient use of heat
energy that would otherwise be wasted.®

8. Gasifiers can be designed to process a wide variety of hydrocarbon fuels,
including biomass. The gasifiers for the Project have been designed to operate on
subbituminous Powder River Basin (PRB) coal, but will also have the flexibility to
receive petroleum coke or bituminous coal fuel as market conditions dictate. The
expected net plant output is 603 MW when operating on PRB coal fuel. The net heat
rate (a measure power plant thermal efficiency) for the plant when operating on PRB
coal is estimated at 9390 btu/kWh on a higher heating value basis. The heat rate will be
substantially lower with petroleum coke or bituminous coal fuels, or on natural gas.’

9. The Project can also run on natural gas, bypassing the gasifiers and
operating as a typical NGCC plant. The Project will be operated in this mode for
startup, as back-up when required, and for significant time periods during at least its first
three years of operation.®

10. In addition to the Mesaba Energy Project, a nhumber of 600 MW IGCC
projects have been announced throughout the country.

11. According to an article offered by Excelsior Energy by one expert on IGCC
technology,

Continuing advances in pulverized coal boilers and steam turbines, to
supercritical and now ultra-supercritical steam conditions, have largely
closed the efficiency gap that once favored IGCC technology.

° EE 1